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Abstract 

Carbon Capture and Storage (CCS) is a possible option to mitigate the rise in anthropogenic 

CO2. When CO2 is injected into a storage formation, it migrates upwards under buoyancy until 

it reaches the caprock. Of the CO2 that does not dissolve, some may be trapped under the 

caprock as a free phase and the rest will migrate laterally, which could subsequently cause a 

risk of CO2 leakage out of a storage complex. 

First, in this study, pure CO2 injection is examined on a synthetic model and then sensitivity 

analyses were conducted for some of the fluid, rock and injection parameters. The results of 

this study show that the extent to which CO2 has been convected in the porous media in the 

reservoir plays a vital role in improving the CO2 dissolution in brine and safety of its long-term 

storage. 

Different injection methods have been already proposed by different researchers to improve 

the solubility of CO2 in the formation brine. In this study a novel injection technique is 

presented, its aim being to cool down (liquefy) the supercritical CO2 injected in the wellbore 

using a downhole cooler equipment. The higher temperature CO2 enters the cooling 

equipment and exits with a lower temperature further downstream. The colder (liquid) CO 2 

has a higher solubility in brine, higher density and viscosity, which increases the security of 

the CO2 storage. 

Then the impacts of wettability conditions on the solubility of CO2 in the aquifer are not well 

covered in the literature. Therefore, in order to address this dearth of information, in the work 

presented here we studied the influence of wettability conditions on the CO2 solubility in a 

synthetic and hypothetical saline aquifer storage models using numerical methods (i.e. 

ECLIPSE software). Additionally, the influence of temperature on modifying the relative 

permeability curves based on the relative permeability models and on the CO2 solubility in an 

aquifer is investigated using numerical methods. 

Finally, the temperature differences and non-isothermal effects can be used to monitor CO2 

movement in the reservoir. In this study first, the non-isothermal temperature profile in the 

tubing is calculated then the temperature distribution in the reservoir is investigated to trace 

the CO2 plume migration in the formation of the Containment and Monitoring Institute (CaMI) 

field research station, Alberta, Canada. 
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Chapter 1: Introduction 

1.1 Greenhouse gases: 

The global temperature over the last century shows a slight increase and predictions indicate 

an increase of up to 1 – 2 ˚C by the end of this century (Metz et al., 2005). It is generally 

accepted that the main reason for increasing the temperature of the atmosphere and global 

warming is the emission of greenhouse gases such as CO2, CH4 and N2O (Bryant, 1997). Carbon 

capture and storage (CCS), that comprises of the separation of CO2 from the gaseous exhaust 

of power plants and other heavy industries and safe and secure long-term storage is 

considered as the most applicable method for mitigation of CO2 concentration in the 

atmosphere (Bachu, 2008; Jiang, 2011). Storage methods are categorised into different 

storage sites such as geological formations, deep ocean storage and precipitation as 

carbonate minerals on the surface. Investigations show that there is the potential for nearly 

2000 Gt of CO2 storage capacity within the different underground formations around the 

world (Metz et al., 2005). Different geological formations considered as a sink for CO2 storage 

include depleted oil and gas reservoirs, un-mineable coal beds and saline aquifers (Juanes et 

al., 2006a). Injecting CO2 into depleted oil and gas reservoirs has a benefit which results in 

enhanced oil or gas recovery which is economically favourable to companies active in 

petroleum industry (Qi, 2008). However, they are not well distributed around the world (Orr 

Jr 2004). Amongst these sites, deep saline aquifers show the highest storage potential (Garcia 

et al., 2010). 
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Figure 1.1: Possible options for CO2 geological storage (Metz et al., 2005). 

1.2 CO2 storage in oil and gas industry 

CO2 injection in the oil and gas reservoirs (CO2 EOR) was first invented in 1958 (Sweatman et 

al., 2011). CO2 has been used by so many oil and gas companies as method for enhanced oil 

recovery. Therefore, Millions of tonnes of CO2 have been used for this purpose. For example, 

more than 74 EOR projects in the United States are using around 33 million tonnes of CO2 per 

year (Preston et al., 2005). This means about 5% of total US crude oil production is produced 

by CO2 EOR. Although CO2 EOR is the most economic method for reducing CO2, it is not 

sufficient, considering both Capacity and site availability to meet all the criteria for CO2 storage 

(Preston et al., 2005). Therefore, considering other storage options are crucial (Shariatipour, 

2013). 

1.3 CO2 storage mechanisms in saline aquifers 

In most of the CO2 storage projects CO2 is injected in supercritical state which is above 31.1 ˚C 

and 73.9 bars. Supercritical CO2 is a fluid with the density of liquids and viscosity of gases 

(Winterfeld, 2011), which normally occurs at the depths greater than 800 meters depending 

on the temperature gradient. It is very crucial to know the processes and parameters along 

with CO2 migration in the saline aquifers. In order to securely store CO2 in underground 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis can 
be found in the Lanchester Library, Coventry University. 
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formations, some trapping mechanisms are considered to be active during and post injection 

which are: structural trapping, residual trapping, solubility trapping and mineral trapping 

(Figure 1.2).  

Figure 1.2: Trapping mechanisms for CO2 (CCP, 2015) 

Figure 1.3 presents that in the short term, structural trapping is the most important 

mechanisms to prevent CO2 from moving upwards to the surface because of the buoyancy 

(Metz et al., 2005). The CO2 migration upwards continues until it reaches a very low permeable 

seal (caprock). Thus, presence of the strong confining layer that overlays the storage 

formation is crucial (Shariatipour, 2013). 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis can 
be found in the Lanchester Library, Coventry University. 
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Figure 1.3: Trapping mechanisms based on the time (Metz et al., 2005). 

Another physical trapping mechanism that can keep the CO2 in the pore spaces of the storage 

formation is the capillary trapping (Metz et al., 2005). During the CO2 injection into the storage 

formation CO2 bubbles could be immobilized due to capillary snap-off (Ide and Orr Jr, 2007). 

Capillary trapping is more efficient in heterogeneous reservoirs where there are permeability 

contrasts (Salimi and Wolf, 2012a).  

Dissolution of CO2 in the aquifer takes several decades to happen depending on the 

heterogeneity of the formation rock (Lindeberg and Bergmo, 2003). Dissolution of CO2 into 

the brine increases with the increase in pressure and decreases as the salinity and 

temperature increases (Spycher and Pruess, 2005). The brine pH decreases and the brine 

becomes acidic as the CO2 is dissolved in the formation brine based on the following equation 

(Shariatipour, 2013): 

𝐶𝑂2(𝑔) + 𝐻2𝑂 ↔ 𝐻2𝐶𝑂3 ↔ 𝐻𝐶𝑂3
− + 𝐻+ ↔ 𝐶𝑂3

2− + 2𝐻+                                                    (1.1) 
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When CO2 is dissolved in the formation brine the density of the formation brine increases by 

1% (Lindeberg and Bergmo, 2003). The CO2 saturated brine is denser than pure brine so when 

the CO2 saturated brine layer is thick enough, instability occurs. During the long-term storage 

of CO2, convection is one of the important functions that plays a role in the dissolution of the 

CO2 in the saline aquifers (Hassanzadeh et al., 2009; Ennis-King et al. 2005). Depending on the 

type of rock the minerals of the rock can be dissolved in the acidic formation brine or could 

precipitate later as the pH changes. It is considered that mineral dissolution is a very slow 

process (Ennis-King et al., 2005). 

Since the leakage from the storage sites can create harmful environmental defects, the 

security of long-term storage is of a great importance (Metz et al. 2005; Gasda et al., 2004; 

Nordbotten et al., 2005; Burton and Bryant 2007a; Celia et al., 2011). In this regard, 

researchers have proposed different novel engineering techniques in order to improve the 

solubility of CO2 in formation brine because when the CO2 is dissolved in brine the density of 

the formation brine increases by 1% which leads the dissolved CO2 to sink in the reservoir and 

prevent upward migration towards the caprock (Ennis-King et al., 2005; Riaz et al., 2006). 

These engineering techniques are categorized into three main branches: subsurface 

dissolution, CO2/brine surface mixing and CO2/brine downhole mixing (Emami-Meybodi et al., 

2015). The main aim of my research is to propose novel methods to increase the solubility of 

CO2 in brine in downhole conditions. 

1.2 Aim: 

Different methods are presented for enhancing the solubility of CO2 in brine so far which are 

mentioned in this text. Each of the proposed methods have their own advantages and 

disadvantages. Thus, proposing new engineering methods are always desirable. In this regard, 

the main aim of this research is to propose a novel method to increase the solubility of CO2 in 

brine in aquifer conditions. 

1.3 Objectives: 

• Investigating the impact of temperature decrease on CO2 solubility in the wellbore 

condition. 

• Investigating the impact of rock wettability alteration by the use of an external agent 

on CO2 dissolution in saline aquifers. 
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• Investigating the temperature distribution in the reservoir as a method for CO2 plume 

migration monitoring. 

1.4 Thesis outline 

This thesis is divided into five sections followed by the discussion of the main findings and 

recommended future work. 

In Chapter 2 the background of simulation of CO2 storage in subsurface geological formations 

will be discussed. Methods for calculating CO2 dissolution in brine is presented. All the 

injection techniques presented by different researchers in the literature are discussed briefly. 

The pure and mixture properties of water and CO2 are investigated. A brief study on the active 

mechanisms during temperature distribution in the porous media is conducted. 

Chapter 3 presents the methodology used in each chapter of this thesis. 

Chapter 4 presents a study on the impact of reservoir properties and injection parameters on 

carbon dioxide dissolution in saline aquifers. In this chapter a synthetic model is created using 

ECLIPSE 300 through CO2STORE option then the impact of different reservoir properties such 

as Kv/Kh ratio, permeability heterogeneity and injection period is investigated on CO2 solubility 

in the aquifer. Additionally, the impact of injection parameters such as the number of grid 

block connections between well and reservoir, horizontal well and Local Grid Refinement 

(LGR) are also studied on CO2 solubility in the aquifer. 

Chapter 5 proposes a novel method for enhancing CO2 solubility in the aquifer with the use of 

a down hole cooler tools. This technique is modelled numerically by ECLIPSE 300 through 

CO2STORE option combined with the THERMAL option. First the temperature profile in a 

vertical well is calculated then the impact of this tools is investigated in different depths for 

shallow and deep reservoir. Finally, the impact of downhole cooler tools is examined in a real 

field.  

Chapter 6 investigates the influence of temperature on wettability alteration during CO2 

storage in saline aquifers. Five different wettability conditions are recognized by five different 

relative permeability curves. These curves are fed to the simulator to see the impact of 

wettability alteration on CO2 dissolution in the aquifer. Then a novel method is presented to 

investigate the impact of temperature on relative permeability curves modification. This 

method is also examined on a synthetic numerical simulation model. 



20 

 

Chapter 7 investigates the monitoring of CO2 plume migration using the temperature 

detection in the Basal Belly River formation, Alberta, Canada. In this chapter first the 

temperature profile in the well in investigated using the analytical models. Then, the 

temperature distribution in the reservoir is calculated using the convection and conduction 

mechanisms. Finally, some sensitivity analysis is conducted on different parameters such as 

rock type, water salinity, Kv/Kh ratio, etc. 

Chapter 8 presents the main concluding remakes of this study and recommendations for 

future work. 
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Chapter 2: Background 

2.1 Large scale industrial projects: 

There are different industrial and pilot scale CCS projects around the world which so far are 

securely injecting CO2 for storage purposes. Projects such as Sleipner and Snohvit are active 

at industrial scale and Ketzin project in Germany is a pilot scale which has stopped and 

continues for monitoring purposes. The Weyburn project in Canada has both EOR and storage 

purposes (Preston et al., 2009). In this section we generally explain the Sleipner, In-salah and 

Snohvit Projects. All these three formations are sandstone but the geological data are 

completely different. Figure 2.1 shows the phase diagram of CO2 in these three formations. 

Figure 2.1: Phase diagram of CO2 in Sleipner, Snohvit and In-salah projects (Eiken et al., 
2011). 

2.1.1 Sleipner: 

The first CO2 storage project is in the Sleipner offshore field in the Norwegian North Sea 

(Jakobsen, Hauge et al. 2005). In the Sleipner project CO2 is captured from producing natural 

gas and is injected to the Utsira formation which is located 700 meters below the seabed and 

the water depth is 80 meters (Eiken et al. 2011). The project started in 1996 and the injection 

rate is 1 Mt/Year and around 17 million tonnes of CO2 stored by the end of 2018 (Eiken, 2019). 

The formation is considered to have a thickness between 200 – 300m and net to gross ratio is 

about 95%. The porosity is about 35-40% and the permeability is high and about 1 Darcy 

(Chadwick et al. 2004). CO2 injection to this formation is still continuing so far and neither any 

This item has been removed due to 3rd Party Copyright. The unabridged version of the 
thesis can be found in the Lanchester Library, Coventry University. 
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special operational problem nor any leakage has been detected over years of monitoring. 

Thus, this project is considered as a very successful CCS project. 

2.1.2 In-Salah: 

The In-Salah project is in Algeria and has been started in 2004 (Ringrose et al. 2009). The 

thickness of the formation is about 20 meters in a gas field. The injection pressures at wellhead 

are between 140 to 180 bars which are generally higher than that of Sleipner project (Wright 

et al. 2009). The injection rate is between 0.5 – 1 Mt/year to the Krechba gas reservoir 

(Rutqvist et al., 2010). The injection temperature fluctuates between 25 – 55 ˚C (Winter - 

Summer). The bottom hole pressures are estimated to be around 290 bar based on the 

extrapolation from the surface data and the injection is operating from three horizontal wells 

which cross the natural fracture directions (Bissell et al., 2011; Vasco et al., 2010). The porosity 

of the reservoir is between 0.1 – 0.18% and the permeability is around 10 md (Mathieson, et 

al. 2010). 

2.1.3 Snohvit: 

The formation in Snohvit which is called Tabaen Fm. locates at the depth of 2400 meters below 

the seafloor while the water depth is 300 meters. The permeabilities are more than 500 

milidarcy which is determined from core studies. The thickness of the formation is 110 meters 

with several shaly intervals (Eiken et al. 2011). At Snohvit CO2 is compressed to 80 – 140 bars 

in LNG plant in the onshore and then transferred to offshore within 153 km pipeline (Maldal 

and Tappel, 2003). The injection zone is locates under the water zone of the gas reservoir and 

the pore volume of the formation is considered to be 1 million m3 (Estublier and Lackner, 

2009). The injection has been started in 2008 and 0.8 million tonnes of CO2 has been injected 

by September 2010. 

2.2 Trapping mechanisms: 

The best storage sites are those that trap the CO2 as an immobile phase under the ultra-low 

permeability confining caprock where it subject to further gradual physical and chemical 

trapping mechanisms (Metz et al. 2005). In the geological storage formations CO2 usually stays 

at the supercritical condition which means the pressure and temperature are above 73.9 bars 

and 31.1 ˚C, respectively. In this situation the density of CO2 is like liquids while the viscosity 

is like gases (Winterfeld and Wu, 2011). Thus, it is very crucial to recognize the parameters 
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affecting CO2 migration and the trapping mechanisms in the reservoir. The trapping 

mechanisms active during CO2 injection into saline aquifers can be described as:  

1) Hydrodynamic (structural) trapping, which is the primary trapping mechanism for CO2 

storage, as a result of the capillary pressure of the low permeability caprock (Chiquet et al. 

2007) and it is considered as the most important trapping mechanisms in short-term during 

injection (Metz et al., 2005). Because of the buoyancy force which is the result of density 

difference between CO2 and brine, CO2 tends to move upwards. In this regard, presence of a 

low permeable barrier is crucial to prevent further movement of CO2 to the surface. 

2) Residual (capillary) trapping, which takes place at residual gas saturation where the CO2 

bubbles becomes immobile due to the capillary forces and interfacial tension effects (Bachu 

et al. 2007; Bachu, 2008). These mechanisms are more effective in the rocks with high 

permeability heterogeneity (Salimi and Wolf, 2012b). 

3) Solubility trapping, where CO2 will dissolve in the formation water over time during and 

after injection which usually takes decades to happen. Dissolution of CO2 in brine increases 

with increase in pressure and decrease with increase in salinity and temperature (Spycher et 

al. 2003). The dissolution of CO2 in water creates carbonic acid that decreases the pH of the 

environment (Spycher and Pruess 2005) based on the following equations: 

𝐻2𝑂 + 𝐶𝑂2  ↔  𝐻2𝐶𝑂3                                                                                                                    (2.1) 

𝐻2𝐶𝑂3  ↔  𝐻+ + 𝐻𝐶𝑂3
−                                                                                                                  (2.2) 

𝐻𝐶𝑂3
−  ↔  𝐻+ + 𝐶𝑂3

2−                                                                                                                     (2.3) 

The density of brine increases up to 1 % when it is saturated with CO2 which not only prevents 

it from moving upwards but helps it to sink down the reservoir (Kneafsey and Pruess, 2010a). 

4) Mineral trapping, where the dissolved CO2 in the form of carbonates and bicarbonates 

reacts with the minerals of the rock leading to a precipitate as secondary carbonates (Xu et al. 

2007). Mineral trapping is considered as the safest way of CO2 storage as it converts to solid 

precipitation. However, this process is very slow.  

At the initial stages of injection, the hydrodynamic and structural trapping mechanisms are 

active (Bachu et al., 2007). However, in the long-term, other trapping mechanisms, such as 

solubility, residual gas and mineral trapping, will arise.  

2.3 CO2 Properties: 

2.3.1 Density of CO2: 

The density of CO2 is dependent to pressure and temperature. Both temperature and pressure 

increase with depth but they have reverse effects on CO2 density. Figure 2.2 shows that in the 
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most temperature and pressure condition of storage formations CO2 is lighter than brine 

(Bachu, 2008). Figure 2.2 shows the dependence of CO2 to temperature and depth of the 

formation. 

Figure 2.2: (a) CO2 density based on temperature and pressure, (b) CO2 density based on 
depth (Bachu, 2008). 

2.3.2 Viscosity of CO2 

ECLIPSE reservoir simulation uses the method presented by (Vesovic et al., 1990) to calculate 

CO2 viscosity. In their method viscosity calculations has been separated into three categories: 

1. Viscosity near zero density region 

                                                                                                                             (2.4) 

where η0(T) is the zero-density viscosity (μPa), ζη*(T*) is the reduced effective cross section: 

                                                                                                                  (2.5) 

Where ai are the coefficient of the correlation of zero density viscosity and T* is the reduced 

temperature calculated by: 

                                                                                                                                         (2.6) 

Where the scaling parameter is ε/k = 251.196 K. 

2. Viscosity in the critical region: 
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The viscosity in the critical region is calculated by: 

                                                                                                                                        (2.7) 

Where Ω is the amplitude of the system, ξ is the correlation length of the density fluctuation 

and z is the universal quantity and it has the same value for all the fluids (0.06). 

3. Excess viscosity 

The following equation shows the viscosity of CO2 outside of the critical region: 

                                                                                                                     (2.8) 

Where bi(T) is the temperature dependence of the density coefficient. 

2.4 Water properties: 

2.4.1 Density of the brine: 

There are different correlations presented by researchers to calculate Density of Brine. One 

of them which is widely used in the literature is the empirical formula presented by (Batzle 

and Wang 1992):  

                                                                 (2.9) 

                                                      (2.10) 

Where, T is the Temperature in ˚C, P is pressure in MPa, Xs is the mass fraction of salts and 

ρH2O and ρbrine are in g/cm-3. In ECLIPSE reservoir simulator the density and viscosity of brine is 

calculated by Ezrokhi’s method (Zaytsev and Aseyev 1992): 

                                                                                 (2.11) 

Where, wi is the weight fraction of the non-water component I (salt) and ρ0(P,T) is the density 

of pure water at specified pressure and temperature. The coefficient Ai(T) is explained as: 
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                                                                                                                  (2.12) 

Where T is the temperature in centigrade and a0,i, a1,i and a2,i are the regression coefficients. 

2.4.2 Viscosity of brine 
Water viscosity is calculated by: 

                                                                                      (2.13) 

Where, again wi is the weight fraction of non-water components (salt) and μ0(P,T) is the 

viscosity of pure water. The Bi(T) is introduced as: 

                                                                                                            (2.14) 

Where the temperature is again in centigrade. 

2.5 CO2-brine mixture properties: 

2.5.1 CO2 solubility in brine: 

CO2 solubility in water depends on the pressure, temperature and salinity of the system 

(Figure 2.3). The increase in pressure results in the increase in the solubility of CO2 in water 

and the increase in the temperature and salinity will result in solubility decrease unless for the 

pressures higher than 300 bar and temperatures higher than 340 K that the CO2 solubility in 

water increases. 
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Figure 2.3: (a) effect of pressure and temperature (Kohl and Nielsen 1997) and (b) salinity 
(Enick and Klara, 1990) on CO2 dissolution in water. 

A thermodynamic model was proposed by (Duan and Sun 2003) for calculating the dissolution 

of CO2 in pure water and in aqueous NaCl solutions for the temperatures from 273 to 533 K 

and pressures from 0 to 2000 bars and for salinity from 0 to 4.3 M. This model is also applicable 

for more complex solutions containing K+, Mg2+, Ca2+ and SO4
2- (sea water) and it is presented 

as: 
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                  (2.15) 

Where, R= 0.08314 (bar L mol-1 K-1) and φCO2 is the fugacity of CO2 which depends on pressure 

and temperature: 

( )  

   
2

2

1 2 3 4 5 6 7 8

2

9 10 11 12 13 14 15

/ / 150

/ ln / /

CO b b b T b T b T P b b T b T P

b b T b T P b b T P b T b T

 = + + + + − + + +  

+ + + + + + +
                    (2.16) 

Bi parameters are presented in Table 2.1 and yco2 is the mole fraction of CO2 in the vapour 

phase and assuming that the vapour pressure of water in the mixture is the same as the 

vapour pressure of pure water it is considered as: 

( )
2 2

/CO H Oy P P P= −                                                                                              (2.17) 
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Table 2.1: the parameters for equation (2.16) (Duan et al. 2006). 

 

And the vapour pressure of the water can be calculated from: 
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H O
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T

 
 = − − + + + + 
  

 

(2.18) 

Where, t= (T-Tc)/Tc and λ and ζ are the interaction parameters (Table 2.2) and μCO2
l(0)/RT is the 

dimensionless chemical standard potential which is dependent on pressure and temperature 

and is calculated as: 
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Table 2.2: Interaction parameters (Duan and Sun 2003). 

Many equations of state (EoS) have been presented so far with different pressure, 

temperature and salinity ranges; and as the EoS becomes more accurate, the calculations are 

more complex. Several solubility models have been presented for CO2-H2O models with 

different salinities by different researchers (Li and Nghiem, 1986; ENICK and KLARA 1990; 

Pruess and Garcia, 2002); however, not all of them are suitable for simulation calculations 

because they take long run times. In this regard, the model presented by (Spycher and Pruess, 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis 
can be found in the Lanchester Library, Coventry University. 
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2005) has been considered computationally efficient for simulations and covers a wide range 

of pressure, temperature and salinity which is applicable for CO2 sequestration calculations. 

 
All the simulations in this study have been conducted by the use of ECLIPSE 300 through 

CO2STORE option. Since in the CO2STORE option the model presented by (Spycher and Pruess 

2005) is implemented, this model is presented here. (Spycher et al., 2003) studied the phase 

equilibrium and mutual solubility of CO2 and H2O from 12 to 100 ˚C and up to 600 bars. They 

applied the modified Redlich-Kwong EoS to investigate the real gas behaviour (equation 6). 

They concluded that the solubility of CO2 in water increases with increase in pressure and 

decreases with increase in temperature. 

                                                                                                            (2.20) 

Where T is the temperature, V is the volume of the compressed gas, P is the pressure of the 

system R is the gas constant. The intermolecular interactions and repulsions are shown by a 

and b. In their method the fugacity coefficient is calculated by: 

                                                         (2.21) 

(Spycher and Pruess 2005) continued their study to investigate the impact of chloride on the 

mutual solubility of CO2 and H2O at the same pressure and temperature range to their former 

study and up to 6 molal NaCl and 4 molal CaCl2. They included an extra term to account for 

the salts. Then the CO2 mole fraction in water phase (xCO2) and the water mole fraction (yH2O) 

in CO2 rich phase are as follow: 
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Where K0 is the thermodynamic equilibrium constant for each component at temperature T. 

2.5.2 Density of brine and CO2: 

When CO2 is dissolved in brine the density of the solution increases slightly. In this situation 

the density of the mixture is expected to behave like equation (2.24) which presents the 

impact of CO2 dissolution in brine density (Garcia, 2001). 

                                                                                                            (2.24) 

Where, 

ρ         Brine density considering dissolved CO2 (Kg/m3) 

ρb       Brine density without dissolved CO2 

MCO2   Molecular weight of CO2 

C         Concentration of CO2 in brine (mole CO2/m3 solution) 

Vφ       Molar volume of dissolved CO2 (m3/mole) 

 

2.5.3 Viscosity of CO2 saturated brine: 

(Kumagai and Yokoyama, 1999) investigated the viscosity of CO2 saturated brine at three 

isotherms for pressures up to 300 bar and different concentrations of NaCl solutions. Their 

results show that the viscosity of brine increases with increase in the CO2 concentration in 

brine. Thus, they presented a correlation for calculating the viscosity of CO2 saturated brine 

as follow: 
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Where, μ is the viscosity (mPa.s), T is the temperature (K), P is the pressure (MPa), MNaCl and 

MCO2 are the concentration of NaCl and CO2 (Mol/Kg). 
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Table 2.3: parameters in equation (2.25). 

a 3.85971 d 1.90621 × 10-2 g -7.22769 

b -1.32561 × 10-2 e 8.79552 h 2.64498 × 10-2 

c -5.37539 f -3.17229 × 10-2 i -1.69956 × 10-3 

 

2.6 Current methods of CO2 injection: 

In order to decrease the risk of CO2 leakage from the reservoir different injection strategies 

have been proposed by different researchers. Most of these methods consider a condition 

to increase the solubility of CO2 in brine to increase the probability of solubility trapping. 

Below some of the techniques are presented. 

Xue (2009) proposed a method for injection of CO2 into geological formations, which is called 

microbubble sequestration. In their work the atomized foams of CO2 in gas, supercritical or 

liquid phase are dispersed into the pores of variety of rocks. The CO2 microbubbles have a size 

of less than 10 micro-meters will shrink and quickly dissolve into the brine. They propose that 

microbubbles of CO2 do not tend to create a uniform large bubble which has a large buoyant 

force in the ground water. Figure 2.4 shows the schematic of their method. However, the lack 

of tendency to create a uniform bubble is not clear. The stability of foams also must be 

considered.  

Figure 2.4: Schematic of the microbubble injection in saline aquifers (Xue 2009). 

This item has been removed due to 3rd Party Copyright. The 
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Ozah et al. (2005) presented an injection strategy to use horizontal wells low in the formation. 

In this regard, all or a huge part of CO2 will trap, dissolve or precipitate before reaches to the 

seal of the formation. In this situation their simulations show that the effect of fingering due 

to the buoyancy force is mitigated by the heterogeneity. However, the impact of buoyancy is 

not neglected anyway. 

Leonenko and Keith (2008) proposed a reservoir engineering method to accelerate the 

dissolution of CO2 in aquifers. They suggested to lift the brine from the areas of the aquifer 

which is not saturated with CO2 and then inject it to the areas occupied by CO2. They 

concluded that by this method they can dissolve most of the CO2 in a few hundred years and 

decrease the costs up to 20% compared to compressing CO2 to reservoir condition. Figure 2.5 

shows their proposed method and the injection strategies. However, They did not present 

how the solubility of CO2 in brine will increase by injecting the brine to the CO2 plume. 

Figure 2.5: Lifting brine and injecting it into the CO2 occupied area (Leonenko, Keith 2008). 

Hassanzadeh et al. (2009) addressed a new method for accelerating CO2 dissolution in aquifers 

by injection brine on top of the injected CO2. They investigated that without brine injection 

only 8% of the injected CO2 will dissolve in the aquifer however by implementing this method 

up to 50% of the CO2 will be dissolved in the brine. From an economic perspective, since the 

energy required for brine injection is less than 20% in comparison to 5 times increase in 

dissolution, they considered that this method is viable and effective. 

Pool et al. (2013) proposed a method which consists of extracting the brine from another 

section of the reservoir then re-inject it simultaneously with CO2 through the injection well. 

They consider that mixing at depth decreases the pressure required for CO2 and brine in the 

surface. This method is more efficient in the reservoir with a dip because the denser brine 

This item has been removed due to 3rd Party Copyright. The 
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tends to flow downwards. They also suggested some conditioning to the brine by cooling or 

adding some alkaline to it to increase CO2 solubility in brine. However, They did not consider 

that when brine is cooled down on surface and injected again to the depth of the reservoir, 

The temperature of the brine will increase again. The efficiency of the mixer is also unknown. 

Figure 2.6: Schematic of proposed extraction-injection system (Pool et al. 2013). 

Rayward‐Smith and Woods (2011) investigated some implications of cold CO2 injection in the 

saline aquifers. They considered that the temperature of CO2 slug in the wellbore is dependent 

to the temperature of the CO2 at surface. As the CO2 penetrates in the formation the 

temperature of the front increases which results in a decrease in the viscosity and density of 

CO2. The cold region has a more penetration depth which increases the storage potential of 

the near wellbore rocks because more rock is flooded however, it may increase the probability 

of leakage to the seal rock. 

Zendehboudi et al. (2013) introduced a mathematical model to investigate the droplet size 

evolution during ex-situ dissolution which is the complete dissolution of CO2 in brine at 

surface. The idea behind that is since the CO2-brine system is hydrodynamically unstable the 

liquid CO2 will convert to droplets while it is injected to the pipeline. The resulted turbulent 

flow increases the mass transfer coefficient and consequently the dissolution rate. Their 

model investigates the droplets break-up and mass transfer in the system. Their results show 

that the minimum stable droplet size is created in a pipeline with a length less than 50 m is 

the CO2 volume fraction is between 5-15% and brine flow rate is between 0.25 to 2 Mt/year. 

This item has been removed due to 3rd Party Copyright. The unabridged version of 
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Peters et al. (2017) suggested a method to increase the solubility of CO2 in brine by adding 

nanoparticles to the mixture. Their idea is to inject a homogeneous mixture of nanoparticles 

and CO2 to the stored CO2. They believe that the heavier CO2 and nanoparticle mixture will 

spread between the CO2 water interface and the nanoparticles moves into the brine and 

increases the density of brine which results in the increase in the rate of convective mixing 

and dissolution. 

Uemura et al. (2016) presented a technique to inject the nano-sized CO2 droplets to decrease 

the buoyant effects and eliminate the upward movement of CO2. In their experiments the 

droplets size change over time is investigated and a volume ratio of water to CO2 of 1:1 and 

1.6% trisiloxane as surfactant is used to create nano-sized droplets of 20-100 nm. The results 

show that the small CO2 droplets can stay stable in the injection process and the size variation 

over the time depends on temperature and concentration of the CO2. However, the stability 

of the nano sized droplets is not clear in a real project and also using nano particles usually 

makes the project expensive. 

Raad and Hassanzadeh (2017) investigated the impact of impurities on convective dissolution 

of CO2 in deep saline aquifers. Generally, it is believed that the presence of impurities in the 

CO2 stream decreases the convective dissolution of CO2. Thus, they studied the dissolution of 

CO2 with different fractions of H2S. Their results show that the rate of dissolution of impure 

CO2 stream with impurities less than 30% is equivalent to that of pure CO2 stream. They also 

show that presence of impurities in CO2 stream may cause different convective mixing 

dynamics which at early and late periods of dissolution process which can be managed to 

increase solubility trapping of CO2. 

Zirrahi et al. (2013) presented a technique for dissolution of CO2 in brine using a downhole 

static mixer to increase the mass transfer of CO2 into brine. They consider that the brine is 

lifted by a well from a distance and then injected through the tubing and CO 2 is injected 

through the annulus. The downhole mixer is located in the bottom of the wellbore (Figure 

2.7). However, their idea seems to be expensive to be fulfilled in a real case. Additionally, the 

CO2 is corrosive to be directed to the annulus, because it may cause corrosion in tubing and 

the casing.  
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Figure 2.7: The static mixer method presented by Zirrahi et al. (2013). 

In another approach (Shariatipour et al., 2016) proposed an engineering solution for 

increasing the efficiency of CO2 dissolution in formation brine. In their method, brine extracted 

from the top of the aquifer is mixed by a downhole mixing tool with CO 2 which is injected 

through the tubing. Then, the dissolved CO2 in brine is injected into the same formation 

through another lateral at the bottom of the aquifer (Figure 2.8). The advantage of their 

concept is that the high pressure of formation water will increase the solubility of CO2 in water 

and there is no energy penalty in lifting the brine to the surface for the surface mixing 

processes. 

Figure 2.8: The method presented by Shariatipour et al. (2016). 

Teng and Yamasaki (1998) experimentally investigated the mass transfer of CO2 in the liquid 

CO2-water interface at high pressures and low temperatures. If the pressure falls in the region 

of hydrate creation, a thin layer of hydrate will form in the interface. Their results show that 
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the interfacial crystallization does not affect the overall mass transfer and for the cases with 

or without the hydrate layer the mass transfer coefficient is of order of 10-7 ms-1. 

Vilarrasa et al. (2013) have presented the liquid CO2 injection for CO2 storage purpose. They 

consider that the operations are easier with liquids and energetically more efficient because 

the liquid CO2 is denser which causes less overpressure either at wellhead and reservoir. The 

caprock mechanical stability may increase and less compression work is required on the 

surface. However, some problems might arise due to the thermal stress induced by cold CO 2 

injection and possible phase change in the tubing. However, they have proposed that the 

method is technically and economically expensive and might not be practical. 

Oldenburg (2007) has studied the Joule-Thompson effect due to CO2 injection in natural gas 

reservoirs. They believe that the temperature of flow of CO2 will decrease in the wellbore 

when it is expanded to the reservoir. If this temperature decrease is too large, the 

permeability and injectivity of the formation will be altered and it may cause freezing of the 

formation water and fracturing sue to thermal stress. They concluded the lower the 

permeability is, the higher Joule-Thomson effect will be and lower porosity decreases it in a 

constant rate injection. Additionally, in a constant rate injection in a high permeability 

reservoir, the Joule-Thomson effect is not significant. 

Möller et al. (2014a) investigated the pressure and temperature results of cold CO2 injection 

in Ketzin pilot, Germany. The saline aquifer locates at the depth of 630 – 650 m and the 

temperature and pressure of the reservoir are 33 ˚C and 62 bars which is near critical point o f 

CO2. The CO2 is transferred to the site at the condition of -18 ˚C and 21 bars by a tanker. In 

order to prevent from phase change CO2 is treated to 65 bars and 40 ˚C. To study the impact 

of two-phase flow in through the injection process they tested Cold CO2 injection from March 

to July 2013. Thus, they decreased the temperature from 40 to 10 ˚C to have a two-phase 

condition in the well.  

Lindeberg (2011) investigated the pressure and temperature profile in a CO2 injection well 

when a two-phase condition will occur at the injection point. Their model takes into account 

the phase change, adiabatic heating and thermal exchange to surrounding and can anticipate 

the temperature, density and pressure profile in the well. They also used their model to 

predict the conditions of a well in Sleipner field which was validated. 

Rochelle et al. (2009) studied the sequestration of CO2 in deep geological formation as 

hydrates in order to lessen the energy required for this process. They believe that storing CO2 
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as the hydrate phase is an alternating method which has privileges in comparison to high risk 

of leakage in conventional supercritical CO2 injection in aquifers. Generally, in the 

temperatures less than 10 ˚C and depth of more than 400 m the condition is suitable for 

hydrate formation. In this method CO2 is injected into deep-water sediments or shallow 

reservoirs under the seabed below the hydrate formation zone. As the CO2 rises it enters the 

hydrate stability zone in the cooler rocks. The creation of first layer of hydrate will prevent 

any further upward migration of CO2 plume. 

Figure 2.9: Schematic of CO2 injection and hydrate stability zone (Rochelle et al. 2009). 

  

2.7 Mechanisms of heat transfer in porous media: 

Usually heat transfer by conduction and convection happens simultaneously in the porous 

media with fluid flow and the rate of heat transfer by conduction is much slower than by 

convection (Kaviany, 2012). The stationary fluids and the reservoir matrix are heated by 

conduction while the movement of the reservoir fluids and the injection fluids are the reason 

for the convective heat transfer. Heat conduction id dominated by temperature gradient while 

the heat convection is dominated by pressure gradient. Conduction transfers heat to the 

surroundings in all directions while convection transfers heat in the direction of fluids flow 

(Figure 2.10). 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis 
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Figure 2.10: Mechanisms of heat transfer in porous media (Yu and Zhao, 2016). 

2.7.1 Conduction: 

Heat transfer by conduction happens in the molecular scale and is the result of collision and 

interaction of molecules. Conductive heat transfer is caused by the temperature difference 

between adjacent particles (Kaviany, 2012). When a hot fluid is injected to a reservoir its heat 

is transferred to the neighbouring molecules. The Fourier’s equation shows the conductive 

heat flux (Irani and Ghannadi 2013): 

𝑞𝑑 = −𝐾∇𝑇                                                                                                                                      (2.26) 

Where, qd is the conductive heat flux, K is the thermal conductivity and ∇T is the temperature 

gradient. 

In order to explain the transient heat conduction in porous media an equation can be 

constructed using the energy balance on a small control volume, using Fourier’s law. The 

result is a second order partial differential equation which is usually called the “heat diffusion 

equation” (Carslaw and Jaeger 1959): 
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∇. (𝐾∇𝑇) + 𝑄 = 𝜌𝑐
𝛿𝑇

𝛿𝑡
                                                                                                                  (2.27) 

Where, Q is the rate if heat generation per unit of volume, K is the thermal conductivity, ρ is 

the density and c is the specific heat capacity. If the medium is considered as isotropic, which 

means the thermal conductivity is equal in all directions, then the heat diffusion equation can 

be expanded in three dimension in Cartesian coordinates (Baston 2008): 
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If the medium is homogeneous which means having a constant value of thermal conductivity 

then the equation will be simplified to: 
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Where D is the thermal diffusivity, which is the ratio of thermal conductivity to volumetric 

heat capacity: 

𝐷 =
𝐾

𝜌𝑐
                                                                                                                                               (2.30) 

2.7.2 Convection: 

Heat may also transfer through the movement of the heated fluid. Convective heat transfer 

occurs when the hot fluid flows in the reservoir and the heat is transferred by the flow of the 

particles in the fluid. The velocity of the hot fluid is calculated using the Darcy equation. The 

following equations shows the convective heat transfer and Darcy’s velocity (Baston 2008, 

Irani and Ghannadi 2013): 

𝑞𝑣 = 𝜌𝑓 𝑐𝑓𝑉(𝑇 − 𝑇𝑟)                                                                                                                       (2.31) 

𝑉 = −
𝑘

𝜇
∇𝑃                                                                                                                                      (2.32) 

Where, qv is the convective heat flux, ρf is the fluid density, cf is the specific heat capacity of 

the injected fluid, V is the Darcy velocity, k is the reservoir permeability, μ is the fluid viscosity, 

P is the pressure, T is the temperature of the injected fluid and Tr is the reservoir temperature.  

When a fluid is moving with a constant velocity in the reservoir, the impact of convective heat 

transfer can be modelled by adding the convective heat flux equation to the heat diffusion 

equation. 
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∇. (𝐾∇𝑇) − ∇ (𝜌𝑓 𝑐𝑓𝑉(𝑇 − 𝑇𝑟)) + 𝑄 =  𝜌𝑐
𝛿𝑇

𝛿𝑡
                                                                        (2.33) 

Pure conduction is a static heat transfer process which transfers the energy of a static heat 

source to the surroundings. However, conduction-convection heat transfer is a dynamic heat 

transfer which transfer the energy of a moving heat source to much further distances. Figure 

2.11 shows the difference between conduction only and conduction-convection processes 

which indicates the role of convection in accelerating the heat transfer in the medium. 
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Figure 2.11: Temperature distribution with a) conduction only b) conduction-convection 

processes (Yu and Zhao, 2016). 
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2.8 Mathematical studies of heat transfer in porous media 

Heat transfer through a porous and permeable domain along with migration of fluids in the 

porous media is common problem in reservoir engineering. A well-known mathematical study 

of hot fluid injection to a reservoir was presented by (Lauwerier,1955). Lauwerier assumed 

that the injection rate and fluid temperature will remain constant, the flow system is linear. 

Steady flow of the constant density fluid is uncoupled from the unsteady heat flow caused by 

hot fluid injection. Therefore, the fluid flow field is given and unchanging, while the 

temperature field varies with time. He presented a compact analytical expression for 

temperature distribution in a linear flow geometry. He neglected the reservoir and 

surrounding formation thermal conductivities in the direction of fluid flow and assumed a 

uniform temperature in the reservoir at any distance along with it. This is equal to considering 

infinite thermal conductivities in the reservoir in the direction perpendicular to fluid flow. 

(Marx and Langenheim 1959) developed a mathematical model for reservoir heating. In their 

model it is assumed that the reservoir has uniform thickness and properties and the steam is 

distributed uniformly in a vertical direction so that the temperature is uniform through the 

vertical section. They presented a method for estimating thermal invasion rates, cumulative 

heated area. Rather than solving for temperature distribution in the reservoir they considered 

the total heated area of the reservoir to be at constant temperature. Additionally, they 

proceeded to develop an expression for the heated area as a function of time. This expression 

would be important for determining the rate of growth of the heated area. 

Ramey Jr (1962) presented a theoretical model and provided an analytical solution for 

wellbore heat transmission. He assumed an incompressible fluid, a single-phase flow and 

thermal and physical properties along the wellbore are constant. He considered a radial heat 

transfer around the wellbore and the heat transfer coefficient is independent of depth. He did 

not consider the frictional pressure loss and kinetic energy effects in his calculations. He 

created a general expression for overall heat transfer coefficient for a wellbore based on 

different resistance against heat transfer to surrounding formation. He also suggested that 

well radius is in significant in acting as a line source. 

(Vinsome and Westerveld 1980) presented a semi analytical approach for non-isothermal fluid 

injection into a permeable layer that is located between impermeable base and cap rock. Their 

method is of great accuracy while it greatly simplifies the heat conduction problem. They 

showed that the heat conduction perpendicular to the conductive boundary is more 
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important than parallel to the boundary. Noting that heat conduction will tend to wipe out 

the sharp temperature differences, they suggested that temperature profile in the conductive 

domain may be approximated by means of a simple trial function that contains a few 

adjustable parameters. More specifically they proposed that the temperature profile in the 

cap or base rock may be represented by a lower order polynomial with an exponential tail.  

(Wu and Pruess 1988) presented a new analytical approach for wellbore heat transmission in 

layered formation without Ramey’s assumptions. In their model they proposed an overall heat 

transfer coefficient to consider the well bore heat resistance and treated the surrounding 

formation as consisting of non-homogeneous layered formation with different thermal and 

physical properties and arbitrary initial temperature distribution. They obtained analytical 

solutions in both real domain and Laplace domain for accurately representing transient heat 

transfer effects in layered formations and predicting heat transmission for engineering design 

or reservoir simulation studies in petroleum and geothermal reservoir development. 

Butler (1991) presented a mathematical model to describe the conduction ahead of an 

advancing front which occurs when oil drains downwards across the steam front which is 

advancing horizontally through a reservoir. Although there is a temperature profile along the 

heated zone in this model it is assumed that the temperature in the steam zone is constant; 

thus, there are two temperatures: steam temperature and reservoir temperature. In his 

model the heat transfer by convection is neglected and the velocity of the advancing front is 

assumed as constant. The results give a steady state solution for the one-dimensional heat 

flow a head of a boundary at a constant temperature moving at a constant velocity. 

Hasan and Kabir (1994) presented an analytical model to determine the flowing fluid 

temperature inside a well. They started with a steady state energy balance equation and 

coupled it with definition of fluid enthalpy in terms of heat capacity and Joel-Thompson 

coefficient. Then, by applying some simplifications they converted the original partial 

differential equation to an ordinary differential equation and solved it with appropriate 

boundary conditions. 

Livescu et al. (2008) presented a comprehensive novel numerical non-isothermal multiphase 

wellbore model. After their initial studies to solve the fully coupled conservation equations, 

they decoupled the wellbore energy balance equation from the mass balance equation in 

most of their investigations. They reported that decoupling can be justified when the density 

difference in each phase, with respect to temperature, is much less than that with respect to 
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pressure. Additionally, they found that this decoupling approach can decrease computation 

time of simulations without violating stability. They further showed that if several simplifying 

assumptions were imposed, their model can be reduced to Ramey’s model. 

Following Lauwerier’s concept, Barends (2010) improved the solution by considering both 

heat conduction and convection in porous media. He proposed complete solution for 

transient heat transfer in porous media during steady state flow. Barend’s solution is more 

complete than those presented in previous studies. It could be easily used for engineering 

purposes as long as users can analytically or numerically evaluate the integrals involved in this 

solution.  

Bahonar, 2011) developed a numerical transient wellbore model for computing the wellbore 

fluid temperature, pressure, density and velocity profiles in steam injection wells. His model 

couples mass, momentum and energy balance equations and provides all the necessary data 

in the well with respect to depth and time for determined surface condition. While the model 

is designed for steam injection wells, with some minor modifications it can be used for 

modelling other fluids. 

2.9 Non-isothermal fluid flow in the injection wells 

Ramey Jr (1962) developed an equation for the wellbore heat transmission due to the transfer 

of heat between fluids and earth due to the difference between fluid and geothermal 

temperature. In their work they presented an approximate solution to the wellbore heat 

transmission problem involved in injection of hot or cold fluids. The solution permits 

estimation of the temperature of fluids, tubing and casing as a function of depth and time. 

The results are expressed in a simple algebraic form suitable for slide rule calculation. The 

solution assumes that the heat transfer in the wellbore is steady state, while heat transfer to 

the earth will be unsteady radial conduction. Allowance is made for the heat resistance in the 

wellbore. Their method may be used to derivation of other heat problems such as flow 

through multiple strings in a wellbore.  

Shiu and Beggs (1980) developed a model for predicting the temperatures in flowing oil wells. 

They have presented and empirical method for calculating temperature profiles in flowing oil 

wells. The method is applicable to wells in which to phase flow is occurring and in which the 

inlet fluid temperature is known. It was developed from field data and can be used in design 

problems which require accurate subsurface temperature such as flowing pressure traverse 
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calculation and gas lift design. The correlation was developed from data measured under 

actual conditions which exist in the field.  

Sagar et al. (1991) presented an equation for predicting temperature profile in a flowing well. 

A general model was developed from basic thermodynamic principles to predict fluid 

temperature profile in two-phase flowing well. The model requires the use of a digital 

computer calculation of Joule-Thompson coefficient, information about the hydrocarbon 

composition and calculation of pressure gradient and kinetic energy terms. Then a simplified 

model was presented for hand calculation on the basis of the general model in which the 

kinetic energy terms and the Joule-Thompson coefficient are replaced by a correlation. The 

correlation was developed from a data base consisting 392 two phase flowing wells. 

Alves et al. (1992) presented a unified model for predicting flowing temperature distribution 

in wellbores and pipelines. In their paper they presented a general equation for flowing 

temperature prediction that is applicable for the entire range of inclination angles. The 

equation degenerates into Ramey’s equations for ideal gas or incompressible liquid with 

appropriate assumptions. Their work also proposes an approximate method for calculating 

the Joule-Thompson coefficient for black oil models.  

(Lu and Connell 2008) developed a formulation for determining the temperature profile in a 

non-isothermal flow of CO2 in the injection wells. The procedure that they presented solves 

the coupled heat, mass and momentum equations with the various fluid and thermodynamic 

properties including the saturation pressure of the gas mixture calculated using a real gas 

equation of state. Their treatment is particularly useful when dealing with gas mixture where 

experimental data on mixture properties are not available. The results obtained depict the 

potential complexity of CO2 wellbore hydraulics for sequestration applications and the 

important role it can play in determining the well bottom-hole pressure. 

Paterson et al. (2008) presented a numerical modelling for pressure and temperature profiles 

including phase transition in CO2 wells such as a static column, producing column, injection 

columns and adiabatic flow in the well. They used the assumption that the kinetic energy term 

can be neglected, and the well is vertical to simplify the equations. They calculated density 

profile for wells experiencing different thermal conditions to determine how bottom-hole 

pressures are related to the wellhead pressures. They found that in deeper wells static 

columns can exist in a stable state with liquid to the surface, but for shallower wells or wells 
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in depleted reservoirs that a static column can be initially unstable with two phase conditions 

near the surface. 

2.10 Impact of temperature on relative permeability curves 

Poston et al. (1970) investigated the effect of temperature on irreducible water saturation 

and relative permeability of unconsolidated sands. They showed that it appears reasonable to 

expect some sort of change in relative permeability with temperature change because the 

residual oil saturation depends on the temperature level. To investigate this, isothermal 

water-oil displacement was carried out at various temperature levels with two unconsolidated 

sands. After establishing saturations, the core was displaced by water isothermally at various 

temperature levels. Results were used to calculate oil and water relative permeabilities at 

various temperature levels. Results indicated increase in both oil and water relative 

permeabilities as temperature increased. Although their study was carried out for a limited 

number of oils in unconsolidated sands, it seems that the relative permeability depends 

considerably on temperature levels. 

Weinbrandt et al. (1975) experimentally investigated the impact of temperature on relative 

and absolute permeability of sandstone. Oil-water flowing fractions and pressure drop were 

recorded continuously for calculation of both the relative permeability ratio and the individual 

relative permeabilities. Imbibition relative permeabilities were measured for five samples of 

Boise sandstone at room temperature and at 175 ˚F. The fluids used are distilled water and 

some kind of white mineral oil. The individual relative permeability to oil increased for all 

water saturations. The individual relative permeability to water decreased with temperature 

increase but the relative permeability to water at flood-out increased with temperature 

increase.  

Nakornthap and Evans (1986) studied the temperature-dependent relative permeability and 

its effects on oil displacement by thermal methods. They presented an analytical theory that 

creates the formulation of a mathematical model to investigate the variation of relative 

permeability with temperature in a water/oil system. In their theory they develop analytical 

equations for temperature dependent relative permeability in terms of water saturation, 

irreducible water saturation and differential change in irreducible water saturation with 

temperature. The presented equations greatly predict and agree with experimental results 

presented by other researchers. Their work also includes the implications of the temperature 

dependent relative permeability data on reservoir performance of a thermal process. They 
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also used these data along with Buckley-Leverett frontal advance theory to estimate oil 

recovery. 

Maini and Okazawa (1987) investigated the effect of temperature on heavy oil-water relative 

permeability of sand. The objective of their study was to critically examine the use of the 

unsteady state technique for measuring relative permeability in heavy oil systems and to 

experimentally determine the effect of temperature on relative permeability curves for a 

clean silica sands/heavy crude oil/deionized water system. Unsteady state measurements 

were carried out in a 45 cm long, 5.6 cm diameter sand core at five different temperatures 

ranging from room temperature to 200 ˚C using a heavy crude oil and deionized water. The 

relative permeability curves derived from production and pressure drop histories of the 

displacement at different temperatures showed that, in this system, relative permeability 

curves vary with temperature. The endpoint water permeability as well as the effective water 

permeability at intermediate saturations increased with increasing temperature. The 

endpoint oil permeability was found to be independent of temperature.  

Schembre et al. (2005) studied the effect of temperature on relative permeability for heavy 

oil diatomite reservoirs. The modelling of thermal recovery processes not only requires 

relative permeability functions, but also information about the effects of temperature on 

these functions. A novel method is used in their paper to estimate relative permeability and 

capillary pressure curves from in situ aqueous phase saturation profiles obtained utilizing 

computerized tomography (CT) scanning during imbibition experiments. Results show a shift 

toward increased water wettability with increasing temperature for diatomite reservoir core. 

The measured changes in relative permeability are linked to the effect of temperature on 

surface forces and ultimately to rock fluid interactions. 

Hamouda et al. (2008) presented a study on the relative permeability as a function of 

temperature, initial water saturation and flooding fluid composition for modified oil-wet 

chalk. Their paper addresses the effect of brines containing sulphate and magnesium and 

distilled water as initial saturating and flooding fluids, on relative permeability of modified 

chalk cores by fatty acids to more oil-wet. It also addressed the effect of the temperature on 

the relative permeability. A shift of the relative permeability to right side indicates more water 

wet with temperatures up to 80 ˚C. At a higher temperature of 130 ˚C, the relative 

permeability curves indicate more oil wet tendency.   
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Liu et al. (2010) investigated the impact of pressure and temperature on brine-CO2 relative 

permeability at reservoir condition. The displacement characteristic of CO2 injected into deep 

saline aquifers are essential because they control both migration of CO2 and available pore 

space in the reservoir at irreducible saturation conditions. In their work they present the 

steady state brine-CO2 relative permeability measurements in a sandstone core under CO2 

flooding conditions versus pressure and temperature. Their results show a strong correlation 

between pressure and end point relative permeability to CO2. As the pressure increases from 

1200 psi to 2600 psi, the end-point relative permeability to CO2 increased from 32.4% to 

46.8%. Temperature was found not to strongly affect the relative permeability, although the 

endpoint relative permeability to CO2 decreased with temperature increase from 31.05 ˚C to 

38 ˚C.  

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



49 

 

Chapter 3:  Methodology 

In this chapter the methodology used in each chapter is discussed. 

Research approach: 

The research approach used in all the chapters was based on simulation. The simulations were 

conducted by the use of ECLIPSE software. Only in Chapter 7 some analytical approach was 

utilized. 

Data collection: 

Since the study in the thesis was based on simulation, All the data used in this thesis was 

collected from the previous studies in the literature. 

Methodology in Chapter 4: 

The three-dimensional reservoir simulation model for studying CO2 injection in a saline aquifer 

was created by the ECLIPSE 300 through the CO2STORE option. The dimensions of the model 

are 1600 m long, 800 m wide and 140 m thick and the main input data (Table 4.1) were 

adopted from Heinemann et al. (2012). The Kv/Kh is assumed to be 0.1 in the base case and 

since the horizontal permeability is 250 mD, the vertical permeability is 25 mD. Given the lack 

of relative permeability and capillary pressure data for Bunter sandstone, the data presented 

by Bennion and Bachu have been used in this study (Bennion and Bachu 2008). The injection 

pressure should not exceed the fracture pressure of the formation rock and the caprock 

because increasing the pressure more than limit that will create fractures in the rock that will 

act as pathways for CO2 leakage to the surface. In this regard, the method presented by (Brook 

et al. 2003) was used to calculate the fracture pressure of the formation: the maximum 

allowable reservoir pressure is 1.35 times hydrostatic pressure for a depth to 1000 m and this 

factor will increase to 2.4 for the depth from 1000 to 5000 m. We considered the bottom hole 

pressure constraint as 90% of the fracture pressure of the formation (Williams et al. 2013). If 

the pressure rises beyond this limit the injection well will be shut-in. In all the simulations only 

one injection well has been presented. In the base case, pure CO2 is injected at a rate of 1 Mt 

per year through the tubing to the bottom of the formation for 20 years.  Injection then stops 

and the simulation progresses continue for a further 100 years while the flow of fluids is the 

result of density differences alone. Table 4.2 shows the properties of CO2 and brine used in 
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this simulation. The perforated section of the well is 20 m high from the bottom of the 

formation. The static model was considered to be completely saturated with brine and no free 

gas exists at the beginning of the simulation. Through the use of the Diffusion option, the CO2 

is allowed to dissolve in the formation brine during and after injection. The model presented 

by Spycher and Pruess was used to calculate the CO2 dissolution in brine (Spycher and Pruess 

2005). 

Methodology in Chapter 5: 

The three-dimensional reservoir simulation model for studying CO2 injection in a saline aquifer 

was created by the ECLIPSE 300 through the CO2STORE option combined with the THERMAL 

option. The dimensions of the model are 1600m long, 800m wide and 140m thick. The main 

input static data and the thickness of the formation were adopted from the work by 

Heinemann et al. (2012). The porosity and horizontal permeability in the homogeneous case 

is 0.18 and 250 md, respectively, and with a Kv/Kh ratio of 0.1 for the base case the vertical 

permeability is 25 md. For the heterogeneous case, the heterogeneity data were generated 

based on the same mean as the homogeneous model. Figure 5.5 shows the heterogeneous 

model used in this study. The thermal conductivity of water and rock were calculated based 

on (Sengers et al. 1984; Eppelbaum et al. 2014). As there is no way to simulate the cooler 

equipment separately in the downhole of the well in this regard, it is considered that the CO 2 

is injected with a lower temperature (i.e. 20 ˚C) than the reservoir from surface through the 

use of THERMAL option. The injection rate is determined at a constant value of 1 Mt/year for 

the base case and the injection pressure should not exceed the fracture pressure of the 

formation rock as  increasing the pressure more than that limit that will create fractures in the 

rock that will act as pathways for CO2 leakage to the surface. In this regard, the method 

presented by Brook et al., (2003) was used to calculate the fracture pressure of the formation. 

We considered the bottom hole pressure constraint as 90% of the fracture pressure of the 

formation (Williams et al. 2013). The pore volume of the outer sides of the model are 

multiplied by 1000 in order to show that the model is a part of a larger aquifer. The injection 

process progresses for 20 years, then the injection stops, and the simulation is continued up 

until 100 years. It should be noted that this work does not consider the design of such a heat 

exchanger device, but we only consider the idea of utilization of such an equipment. 
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Methodology in Chapter 6: 

The three-dimensional reservoir simulation model for studying CO2 injection into a saline 

aquifer was created by the ECLIPSE 300 through the CO2STORE option. The dimensions of the 

model are 1600m long, 800m wide and 140m thick and the main input static data were 

adopted from the work by Heinemann et al. (2012) (Figure 6.1). The mean horizontal 

permeability is 250 mD and the Kv/Kh is assumed to be 0.1 for the base case. The injection 

pressure should not exceed the fracture pressure of the formation rock and the caprock 

because any further increase beyond that limit will create fractures in the rock that will act as 

pathways for CO2 leakage to the surface. In this regard, the method presented by Brook et al. 

(2003) was used to calculate the fracture pressure of the formation: the maximum allowable 

reservoir pressure is 1.35 times hydrostatic pressure for a depth to 1000 m and this factor will 

increase to 2.4 for an increase in depth from 1000 to 5000 m. We considered the bottom hole 

pressure constraint as 90% of the fracture pressure of the formation. In all the simulations 

only one injection well was considered. In the base case, pure CO2 was injected at a rate of 1 

Mt/year through the injection pipe to the bottom of the formation for 20 years. CO2 injection 

was then stopped, and the simulation progressed for a further 100 years while the flow of 

fluids in the reservoir is as a result of the density differences alone. The perforated section of 

the well was 20 metres high from the bottom of the formation. The static model was 

considered to be completely saturated with brine and no free gas assumed to exist at the 

beginning of the simulation. Through the use of the Diffusion option, the CO2 was allowed to 

dissolve in the formation brine during and after injection. The model presented by Spycher et 

al. (2003) was used to calculate the CO2 dissolution in brine.  

As mentioned above, the wettability state of the formation directly impacts on the relative 

permeability, which also controls the distribution of fluids and plume migration in the porous 

media. In order to consider the five wettability conditions (i.e. SWW, WW, IW, CW and SCW) 

the relative permeability curves presented by Al-Khdheeawi et al. (2017a) were used in this 

study. To create the relative permeability curves, they used the data provided by McCaffery 

and Bennion (1974). Then they used the Didger software (Golden Software Inc., 2013, 

Colorado) to digitize the curves and obtain the relative permeability values as a function of 

water saturation. They considered Swr less than 15% for CO2 wet systems and more than 25% 

for water wet systems. Furthermore, the Sw at which the relative permeability of the wetting 

phase and the non-wetting phase are equal is considered to be more than 50% for water wet 
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systems and less than 50% for CO2 wet systems. Finally, the curves are fitted using the Van 

Genuchten-Maulem model (Van Genuchten, 1980; Mualem, 1976) and fed to the simulators. 

Methodology in Chapter 7: 

Usually, CO2 is injected to the formations with a depth higher than 800 meter which results in 

CO2 to have a supercritical state. However, in the CaMI field research station since the target 

formation of the phase 1 is located at the depth of 300 m the CO2 is in the gas condition. Due 

to the cold weather, CO2 is heated up to 40 ˚C to avoid ice and related injection problems. It 

should be noted that in this field the thickness of the target formation is 6 meter and there is 

a uniform geothermal temperature equal to 12 ˚C (Dongas and Lawton, 2014). Since the 

reservoir thickness is low and all the thickness of the formation is perforated, the one-

dimensional solution to the equation 7.1 with the constant temperature heat source in the 

wellbore is considered for the temperature profile in the reservoir (Lauwerier, 1955; Barends, 

2010). On the other hand, the knowledge of the temperature distribution in the flowing well 

is of great importance to calculate the temperature of the CO2 at the bottom of the well. 

Several models have been already proposed by different researchers to investigate the non-

isothermal temperature distribution in the well. Some of them have been solved numerically 

to predict the temperature at different depths (Hagoort, 2005; Lu and Connell, 2008; Han et 

al., 2010) which is inconvenient and time consuming and some have been correlated (Ramey 

Jr, 1962; Alves et al., 1992; Sagar et al., 1991; Shiu and Beggs, 1980). Here first we have to 

calculate the temperature profile in the tubing down to the target formation (Basal Belly River, 

Figure 7.1) then the temperature profile in the reservoir is calculated based on the 

temperature achieved in the downhole.  

In this regard, the method presented by Sagar et al. (1991) is utilized to predict the 

temperature at different depths and the results are compared to the temperature data 

measured by the Distributed Temperature Sensors (DTS) through optical fibres cables in the 

length of the well. Then by the use of the calculated temperature, the thermal conductivity of 

the formation is calculated and the temperature distribution in the reservoir is predicted. 
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Chapter 4: Investigating the impact of reservoir 

properties and injection parameters on carbon dioxide 

dissolution in saline aquifers1 

4.1 Introduction 

The global temperature over the last century shows a slight increase and predictions indicate 

an increase of up to 1.1–6.6 ˚C by the end of this century (Metz et al., 2005). Carbon capture 

and storage (CCS), that comprises of the separation of CO2 from the gaseous exhaust of power 

plants and other heavy industries and safe and secure long-term storage in geological 

formations is considered to be the most applicable method for mitigation of CO2 

concentration in the atmosphere (Metz et al., 2005; Bachu, 2008; Jiang, 2011). Investigations 

show that there is the potential for nearly 2000 Gt of CO2 storage capacity within the different 

underground formations around the world (Metz et al. 2005). Different geological formations 

considered as a sink for CO2 storage include depleted oil and gas reservoirs, un-mineable coal 

beds and saline aquifers (Juanes et al. 2006b). Among these sites, deep saline aquifers show 

the highest storage potential (Garcia et al., 2010). The best storage sites are those that trap 

the CO2 as an immobile phase under the ultra-low permeability confining caprock where it 

subject to further gradual physical and chemical trapping mechanisms (Metz et al., 2005). The 

trapping mechanisms active during CO2 injection into saline aquifers can be described as: 

(1) Structural trapping, (2) Residual trapping, (3) Solubility trapping and (4) Mineral trapping. 

At the initial stages of injection, the hydrodynamic and structural trapping mechanisms are 

active (Bachu et al., 2007). However, in the long-term, other trapping mechanisms, such as 

solubility, residual gas and mineral trapping, will arise. 

Many studies have been conducted on CO2 trapping mechanisms in the aquifers. (Nghiem et 

al., 2010) presented a simulation and optimization method for the trapping mechanisms 

 
1 The content of this chapter has been extracted from the following paper: 
“Abbaszadeh, M., Shariatipour, S., 2018. Investigating the impact of reservoir properties and 
injection parameters on carbon dioxide dissolution in saline aquifers. Fluids, 3(76), 1-16.” 
The candidate set the scientific scope of this work, devised and developed the methodology, 
performed all data analysis and wrote the text.  Seyed M. Sharaitipour provided guidance 
during the design of this part of the project and feedback on the manuscript. 
Minor adaptations have been performed to streamline the layout of thesis. 
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during CO2 storage in saline aquifers. They adjust the location and the rate of injection and 

they realized that the amount of dissolved CO2 and residually trapped CO2 increases if brine 

injector is located above the CO2 injector. Shariatipour et al. (2016) proposed an engineering 

solution for increasing the efficiency of CO2 dissolution in formation brine. In their method, 

brine extracted from the top of the aquifer is mixed by a downhole mixing tool with CO2 which 

is injected through the tubing. Then, the dissolved CO2 in brine is injected into the same 

formation through another lateral at the bottom of the aquifer.  The advantage of their 

concept is that the high pressure of formation water will increase the solubility of CO2 in water 

and there is no energy penalty in lifting the brine to the surface for the surface mixing 

processes. In another study, Hassanzadeh et al. (2009) presented a method for accelerating 

CO2 dissolution in saline aquifers by injecting brine on top of the CO2 injection well. They 

showed that without brine injection less than 8% of the injected CO2 is dissolved in the brine 

however, with brine injection CO2 dissolution will increase up to 50% within 200 years. A new 

dissolution technique was developed by Zirrahi et al. (2013) using a downhole mixing device 

to enhance the mass transfer of CO2 in brine. Their results show that the energy required for 

the field scale application of this technique is only a small portion of the energy required for 

the CO2 injection. A perspective on the progress of convective mixing is presented by Emami-

Meybodi et al. (2015). It is considered when the free phase CO2 is in contact with brine the 

density of the adjacent brine slightly increases and causes a gravitational instability which 

significantly increases the dissolution of CO2 in the aquifer. All these studies show the 

importance of the dissolution trapping mechanisms and investigating the impact of different 

parameters on it. Ide and Orr (2007) studied the effect of the gravity and viscous forces on 

residual trapping—also known as capillary trapping—of CO2. Their results show that in cases 

in which the gravitational forces are weaker in comparison with viscous forces, more CO2 is 

trapped. Research was conducted by Li et al. (2017) to study the effect of capillary pressure 

on migration behaviour of CO2 plume. Their results show that the capillary pressure has only 

a minor impact during the injection phase but will increase during the post-injection 

processes. 

The Bunter sandstone is a reservoir rock which is more than 200 m thick and has a 

considerable storage potential for CO2 storage purposes (Holloway 2006; Noy et al. 2012; 

Williams et al., 2013). The Bunter sandstone is comprised of several domes which are mostly 

saturated with brine while only a few formations are filled with natural gas (Cameron et al. 

1992; Bentham, 2006). Williams et al. (2013) created a precise geological model based on the 

core, seismic and well log data to estimate the storage capacity of domes in Bunter sandstone. 
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They calculated storage efficiencies between 4% (closed domes) to 33% (homogeneous 

model). Heinemann et al. (2012) studied the storage capacity based on a multi-well injection 

scenario and estimated that 3.8–7.8 Gt CO2 could be stored in the parts of the Bunter 

sandstone they studied. It is well-known that the solubility of CO2 in water increases with 

pressure and decreases with an increase in temperature and salinity which also decreases the 

pH of the brine. In contrast, in deeper aquifers both temperature and the salinity increase and 

thus the dissolution of CO2 in formation brine decreases. However, it should be noted that 

aquifers with greater depth are considered to be interesting sinks for CO2 storage because 

they are safer and the geothermal energy can be also used alongside the CCS (Salimi and Wolf, 

2012b; Ganjdanesh et al., 2014; Shariatipour et al. 2016). One of the main objectives of this 

study is to determine the CO2 storage efficiency that is known to be dependent on different 

factors which can be categorized as: (1) Characteristics of the target aquifer for storage such 

as porosity, permeability, temperature, pressure, etc.; (2) Characteristics of CO2 storage 

operation such as injection rate, number of wells, etc.; (3) Constraints used in the injection 

process, such as maximum bottom hole pressure and the definitions used to calculate the 

volume of rock which is considered for CO2 storage (Bachu et al. 2007). Different researchers 

have proposed different methods for the estimating CO2 efficiency. A task force of the Carbon 

Sequestration Leadership Forum has presented methods for calculating storage efficiency in 

hydrocarbon reservoirs, coal beds and saline aquifers (Bachu et al. 2007). In another work, the 

US Department of Energy has developed a method for estimating CO2 storage capacity in the 

mentioned media (NETL 2007). Considering the limitations for pressure build up in the model, 

the storage efficiency is calculated by the formula used by Williams et al. (2013) (Equation 

(4.1)). The volume of injected CO2 is calculated by the dynamic simulation. 

𝐸𝑑 =
𝑉𝑜𝑙𝑢𝑚𝑒 𝑜𝑓 𝐶𝑂2 𝐼𝑛𝑗𝑒𝑐𝑡𝑒𝑑 (𝑎𝑡 𝑟𝑒𝑠𝑒𝑟𝑣𝑜𝑖𝑟 𝑐𝑜𝑛𝑑𝑖𝑡𝑖𝑜𝑛)

𝑇𝑜𝑡𝑎𝑙 𝑃𝑜𝑟𝑒 𝑉𝑜𝑙𝑢𝑚𝑒
                                                                      (4.1) 

The impact of different parameters using the experimental design was examined by a 

numerical sensitivity analysis (Sifuentes et al., 2009a). This study show that the horizontal 

permeability has the highest influence on CO2 solubility in aquifer and heterogeneous 

permeability is a major factor in both solubility and capillary trapping. Lengler et al. (2010) 

investigated the impact of heterogeneity on CO2 distribution by simulating the Ketzin pilot. 

They showed that with increasing the small-scale a greater volume of the reservoir is affected 

which results in a higher CO2 dissolution in brine. The effect of heterogeneity on the buoyancy 

driven flow of CO2 is investigated by Oloruntobi and LaForce (2009) in a sand pack. Their 

results show that the heterogeneity decreases the uniformity of the plume movement and 
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the presence of high permeability pathways decreases the trapping capability of the sand 

pack. Additionally, the consolidated sands trap more air compared to the unconsolidated 

ones. Issautier et al. (2016) conducted a sensitivity analysis on 3D model heterogeneity on 

fluvial reservoirs. They realized that the increase in the order of heterogeneity increases the 

solubility and storage capacity. 

Shariatipour et al. (2012) examined the accuracy of simulation of CO2 storage process with a 

black oil simulator in comparison to the compositional simulator by 2D, 3D and redial models. 

They studied the impact of heterogeneity, temperature, salinity on the average pressure and 

saturation. They realized that the accuracy of the black oil model depends on the type of the 

grid which are the least accurate for radial ones. 

In a recent work, Al-Khdheeawi et al. (2017b) investigated the impact of the injection well 

configuration and rock wettability on CO2 trapping capacity in heterogeneous reservoirs. They 

concluded that the horizontal well enhances CO2 residual trapping subsequently reduces the 

plume migration. Zakrisson et al. (2008) investigated the well interference when injecting 

fluids with more than one well. In their works they examined the impact of number of wells, 

formation permeability and well spacing on well interference with a numerical simulation and 

analytical calculations. They realized that the single well analytical model underestimates the 

number of wells in comparison to the multiwell analytical and numerical models. The impact 

of well locations on the pressure management of the reservoir and the brine extraction was 

investigated by Cihan et al. (2015). Their results show that the heterogeneity and slope have 

a significant impact on extraction well location. 

Although some former works have studied the impact of heterogeneous permeability on CO 2 

storage, our study extend our understanding and knowledge of the effect of heterogeneity of 

the storage formation on CO2 storage. In this study, we systematically investigate the impact 

of permeability distribution on CO2 dissolution in saline aquifers. The impact of other factors 

such as well locations, number of grid block connections to the well and local grid refinement 

in horizontal wells were also studied on CO2 solubility in brine. 

4.2 Model description 

The three-dimensional reservoir simulation model for studying CO2 injection in a saline aquifer 

was created by the ECLIPSE 300 through the CO2STORE option (Figure 4.1). The dimensions 

of the model are 1600 m long, 800 m wide and 140 m thick and the main input data (Table 
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4.1) were adopted from (Heinemann et al. 2012). The Kv/Kh is assumed to be 0.1 in the base 

case and since the horizontal permeability is 250 mD, the vertical permeability is 25 mD. Given 

the lack of relative permeability and capillary pressure data for Bunter sandstone, the data 

presented by Bennion and Bachu have been used in this study (Bennion and Bachu, 2008). 

 

Figure 4.1: The 3D reservoir simulation model showing the horizontal heterogeneous 

permeability. 

Table 4.1: Input data for the basic model. 

Input Data Value Unit 

H. Permeability 250 mD 

V. Permeability 25 mD 

No. of Blocks 80×40×70 - 

Porosity 0.18 - 

Block Dimension 20×20×2 m 
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Depth 1500 m 

Rock Compressibility  5.56e-5 1/bars 

Temperature 55 ˚C 

Pressure 150 bars 

Thickness 140 m 

Injection Rate 1 Mt/Year 

 

The injection pressure should not exceed the fracture pressure of the formation rock and the 

caprock because increasing the pressure more than limit that will create fractures in the rock 

that will act as pathways for CO2 leakage to the surface. In this regard, the method presented 

by Brook et al., (2003) was used to calculate the fracture pressure of the formation: the 

maximum allowable reservoir pressure is 1.35 times hydrostatic pressure for a depth to 1000 

m and this factor will increase to 2.4 for the depth from 1000 to 5000 m. We considered the 

bottom hole pressure constraint as 90% of the fracture pressure of the formation (Williams et 

al. 2013). If the pressure rises beyond this limit the injection well will be shut in. In all the 

simulations only one injection well has been presented. In the base case, pure CO2 is injected 

at a rate of 1 Mt per year through the tubing to the bottom of the formation for 20 years. 

Injection then stops and the simulation progresses continue for a further 100 years while the 

flow of fluids is the result of density differences alone. Table 4.2 shows the properties of CO2 

and brine used in this simulation. 

Table 4.2: Reservoir fluid properties used in the simulations at 150 bars and 55 ˚C. 

Input Data CO2 Brine 

Critical Point 73 bars, 31˚C 217.6 bars, 373.8  

Molecular Weight 44 g/Mol 18 g/Mol 

Density 651.85 Kg/m3 992.08 Kg/m3 

Viscosity 0.051 mPa.s 1 mPa.s 



59 

 

 

 

The perforated section of the well is 20 m high from the bottom of the formation. The static 

model was considered to be completely saturated with brine and no free gas exists at the 

beginning of the simulation. Through the use of the Diffusion option, the CO2 is allowed to 

dissolve in the formation brine during and after injection. The model presented by Spycher 

and Pruess was used to calculate the CO2 dissolution in brine (Spycher and Pruess, 2005). They 

studied the behaviour of a mixture of H2O-CO2 at the temperatures between 12–100 ˚C and 

pressures up to 600 bars. They used the modified Redlich-Kowang equation of state (Equation 

3.2) to investigate the real gas behaviour. 

𝑃 = (
𝑅𝑇

𝑉−𝑏
) − (

𝑎

𝑇0.5𝑉(𝑉+𝑏)
)                                                                                                                (4.2) 

where, P is the pressure, T is the temperature, V is the volume of compressed gas and R is the 

gas constant. Intermolecular interaction and repulsion are shown by a and b. In their method 

the fugacity coefficient is calculated by: 

ln(𝛷𝑘) = ln

(
𝑉

𝑉−𝑏𝑚𝑖𝑥
) + (

𝑏𝑘

𝑉−𝑏𝑚𝑖𝑥
) − (

2 ∑ 𝑦𝑖
𝑛
𝑖=1 𝑎𝑘

𝑅𝑇1.5𝑏𝑚𝑖𝑥
) ln (

𝑉+𝑏𝑚𝑖𝑥

𝑉
)

+ (
𝑎𝑚𝑖𝑛𝑏𝑘

𝑅𝑇1.5𝑏𝑚𝑖𝑥
2 )[ln (

𝑉+𝐵

𝑉
) − (

𝑏𝑚𝑖𝑥

𝑉+𝑏𝑚𝑖𝑥
)] − ln (

𝑃𝑉

𝑅𝑇
)

                                                   (4.3) 

Then the CO2 mole fraction in water phase (xCO2) and the water mole fraction (yH2O) in CO2 

rich phase are as follows: 

𝑥𝐶𝑂2 =
𝛷(1−𝑦𝐻2𝑂)𝑃𝑡𝑜𝑡

55.508𝑎𝐶𝑂2𝐾𝐶𝑂2
0 𝑒𝑥𝑝 (

(𝑃−𝑃0)𝑉𝐶𝑂2

𝑅𝑇
)                                                                                       (4.4) 

𝑦𝐻2𝑂 =
𝑎𝐻2𝑂𝐾𝐻2𝑂

0

𝛷𝐻2𝑂𝑃𝑡𝑜𝑡
𝑒𝑥𝑝 (

(𝑃−𝑃0)𝑉𝐶𝑂2

𝑅𝑇
)                                                                                                (4.5) 

where, K0 is the thermodynamic equilibrium constant for each component at temperature T. 

In this study, in order to define the effect of different parameters on the CO2 storage in the 

Bunter sandstone, some sensitivity analysis was conducted on the model. To obtain the 

impact of one parameter, the simulation is run by changing the value of that parameter while 

all other parameters are kept constant. Understanding the change of several parameters at 

the same time will be considered in future studies. It should be noted that here we investigate 

the impact of each parameter on the amount of dissolved CO2 in the brine. 
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4.3 Results and discussion 

Figure 4.2 shows the impact of temperature variation on the CO2 solubility in the aquifer. As 

can be seen, CO2 solubility in the aquifer increases with an increase in temperature which is 

not in agreement with our former knowledge of decreasing CO2 solubility in the brine with 

temperature increase. This is because when the temperature increases the CO2 viscosity and 

density decreases and the mobility of the CO2 increases. Therefore, it can easily move in the 

reservoir and stay in contact with larger amount of fresh brine; consequently, the CO2 

solubility in the aquifer increases (Sifuentes et al., 2009; Kumar et al., 2004; Kumar et al., 

2005). 

 

Figure 4.2: Impact of temperature on CO2 solubility in the aquifer. 

Figure 4.3 shows an injection scenario and compares the results of it with the base case. In 

this scenario, the CO2 is injected to the system for five years and then the injection stops for 

next five years. This interval continues for other three times until we have a total of 20 years 

of injection. Following the final five-year shut-in the simulation runs a further 85 years. This 

scenario can be applicable to the condition where we do not have a continuous access to the 

CO2 source. On the other hand since the dissolution of CO2 in brine is a very slow process, the 

appropriate time is given to this process after each shut-in, while at the same time the 

pressure of the reservoir stays low resulting in the ability to inject higher amounts of CO2 over 

longer time intervals. It should be noted that all the other parameters in the simulations 

remain constant in both scenarios. Results show the amount of dissolved CO2 in brine in this 

case is 5.5% higher than in the base case at the end of the injection period, although it happens 
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in 15 years later (Figure 4.2). After the injection stops at late post-injection times the amount 

of dissolved CO2 proceeds towards a same plateau for both cases. It can be concluded from 

these two scenarios that Case 1 shows a reasonable performance in a situation where we do 

not have a continuous access to CO2 source. The storage efficiencies are 2.6% for both 

injection scenarios based on the equation presented by Williams et al. (2013). 

 

Figure 4.3: Simulation result for the effect of injection period on CO2 dissolution in brine vs 

time. 

In this stage we investigate the effect of vertical to horizontal permeability in our study. To 

investigate the effect of vertical to horizontal permeability, first, we changed the value of 

vertical permeability to create different ratios and the results we achieved are different from 

the former approach. As can be seen in Figure 4.4, the amount of dissolved CO2 in brine is the 

highest for the ratio of 0.1 before and after shut-in. However, the amount of dissolved CO2 in 

brine for 0.01 is lower than the ratio of 1 before the injection stops and then increases after 

shut-in. For Kv/Kh ratio of 0.01 CO2 cannot move upwards due to very low value of Kv thus the 

movement of CO2 in the reservoir is defected during the injection. However, for the Kv/Kh ratio 

of 1 CO2 can move easily through the reservoir. On the other hand, after the injection stops 

CO2 will go upwards and accumulates at the top of the reservoir thus it will be less in contact 

with fresh brine. However, for the Kv/Kh of 0.01 CO2 moves slowly through the reservoir and 

it still stays in contact with fresh brine thus the dissolution will be more. Since the results we 

achieved are not in agreement with the results by former researchers for pre-shut-in duration 

Sifuentes et al. (2009b), the effect of vertical to horizontal permeability on the amount of 

dissolved CO2 with different absolute permeability values is investigated. 
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Figure 4.4: Simulation result for the effect of Kv/Kh ratio on the amount of dissolved CO2 vs 

time by changing Kv. 

In another approach, we change the value of horizontal permeability to achieve different 

ratios of vertical to horizontal permeability. Results show the amount of dissolved CO2 in the 

brine has increased as the vertical to horizontal permeability has decreased (Figure 4.5). This 

is because of the easier distribution of CO2 in the reservoir through the increase in horizontal 

permeability. The simulations show that the storage efficiency is 2.6% for all cases. These 

results show that although that the storage efficiencies are the same, the higher the Kh is, the 

more the reservoir is suitable for storage purposes by an increase in dissolved CO2. 
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Figure 4.5: Simulation result for the effect of Kv/Kh ratio on CO2 dissolution in brine vs time 

by changing Kh. 

As presented in Figure 4.6, the curve for the amount of dissolved CO2 in brine for Kv/Kh ratio 

of 0.01 shows a decreasing trend from the high permeability pairs to low permeability pairs 

and at the lowest value of absolute permeabilities it shows the least amount of dissolved CO 2 

either before and after shut-in. This is because when the value of absolute permeabilities 

decreases the effect of Kv/Kh ratio of 0.01 becomes more acute, since the CO2 plume 

propagation in the vertical direction decreases abruptly and the movement and contact of 

CO2 with water intensively decreases. On the other hand, from the plots in Figure 4.6 it can 

be concluded that as the value of vertical and horizontal permeability decreases (for instance 

in tight reservoirs) the impact of the Kv/Kh ratio on the amount of dissolved CO2 increases, as 

shown by the increasing space between the curves in each plot. While it should be noted that 

more CO2 is dissolved by the ratio of 0.1 in all cases. 



64 

 

0

0.5

1

1.5

2

2.5

3

0 50 100D
is

so
lv

ed
 C

O
2

(e
5

)(
K

g-
M

)

Time (Years)

50 mD-500 mD

0.01

0.1

1

0

0.5

1

1.5

2

2.5

0 50 100D
is

so
lv

ed
 C

O
2

(e
5

)(
K

g-
M

)

Time (Years)

25 mD-250 mD

0.01

0.1

1

0

0.5

1

1.5

2

2.5

0 50 100

D
is

so
lv

ed
 C

O
2

(e
5

)(
K

g-
M

)

Time (Years)

10 mD-100 mD

0.01

0.1

1

0

0.5

1

1.5

2

2.5

0 50 100D
is

so
lv

ed
 C

O
2

(e
5

)(
K

g-
M

)

Time (Years)

5 mD-50 mD

0.01

0.1

1

 

Figure 4.6: Control of absolute permeability on Kv/Kh ratio on CO2 dissolution in brine (by 

changing Kv). 

In order to investigate the impact of permeability heterogeneity, a model with the same 

geometry was developed, with the permeability being changed while maintaining the same 

mean with the homogeneous model. It should be noted that the permeability has changed 

initially. Here two different simulations have been conducted. One of them was a 

homogeneous model and the other one was a heterogeneous model. As is exhibited in Figure 

4.7, by imposing the heterogeneity the amount of dissolved CO2 decreased during the 

injection period compared with the homogeneous model and then increased after the 

injection stops. This is because during the injection period in the homogeneous model the CO 2 

plume proceeds easier in the porous media and is in contact with more fresh brine, thus the 

dissolution rate is higher. After the injection stops, since the CO2 plume has a non-uniform 

distribution in heterogeneous model, the surface area of CO2 plume in contact with brine is 

higher than the homogeneous model and dissolution increases. In addition, in the 

heterogeneous model, due to the slower movement of CO2 plume, there is enough time for 

dissolution trapping. In the homogeneous model the CO2 model very soon accumulates in the 

top of the formation and its contact with the formation brine decreases. The storage efficiency 

is 2.6% for both homogeneous and heterogeneous systems. 
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Figure 4.7: Simulation result for the effect of heterogeneity on CO2 dissolution in brine vs 

time. 

At this stage the impact of different cases of heterogeneity is investigated. Thus, different 

series of permeability heterogeneity data was generated in order to determine what the 

effect of different heterogeneity data will be on the model. Thus, at this stage 20 different 

permeability heterogeneity data were generated having the same mean permeability as the 

homogeneous permeability (250 mD horizontal permeability and 25 mD vertical 

permeability). Since the amount of data is huge we only present 10 of the data for CO2 

dissolution in brine at the end of the injection and at the end of the simulation (after 120 

years). As can be seen in Figure 4.8, the amount of dissolved CO2 in brine varies significantly 

based on the permeability heterogeneity data and does not obey a rational rule, being either 

greater or less than the homogeneous model. The only result which is in agreement with the 

results from the first sensitivity analysis conducted on heterogeneity is that the amount of 

dissolved CO2 in the homogeneous model is less than that of all the heterogeneous models in 

the long term. It should be noted that in all these cases the range that the horizontal 

permeabilities are generated is between 5 mD to 600 mD and the standard deviation is 200, 

while the range of vertical permeability is between 0.5 mD to 55 mD and the standard 

deviation is 20. All the percentages are in comparison to the homogeneous model. 
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Figure 4.8: Increase/decrease in permeability for different permeability heterogeneity data. 

The variation in the amount of dissolved CO2 in brine in the heterogeneous cases is due to the 

different saturation distribution of the gas phase in the porous medium which creates 

different contact areas between the brine and CO2. As presented in Figure 4.9, while the mean 

permeability remains the same in all cases, the saturation distribution varies considerably 

from case to case. Here only 6 cases are shown. 

 

Figure 4.9: Gas saturation distribution after 120 years in 6 different cases. 
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In order to investigate the effect of the range in which the permeability data are generated 

we first only changed the maximum of the ranges while all the other parameters are kept 

constant. In another sequence we tested different minimum and maximum values for the 

range in which the permeability data is supposed to be generated. In all these cases no rational 

trend was observed and the dissolution data is seen to be different in each case. The data for 

each case is presented in Table 4.3 and Table 4.4, respectively. 

Table 4.3: data of increase/decrease of CO2 dissolution in brine with changing the maximum 
of the range. 

Case No.  After Shut-in (20 Years) (%) After 120 Years (%) 

11 (Kv 0.5 mD to 40 mD) &  

(Kh 5 mD to 500 mD) 

-1.60 11.36 

12 (Kv 0.5 mD to 70 mD) &  

(Kh 5 mD to 900 mD) 

-0.92 10.79 

13 (Kv 0.5 mD to 100 mD) &  

(Kh 5 mD to 1100 mD) 

4.88 12.10 

14 (Kv 0.5 mD to 150 mD) &  

(Kh 5 mD to 1400 mD) 

-0.43 8.06 

 

Table 4.4: data of increase/decrease of CO2 dissolution in brine for different ranges. 

Case No.  After Shut-in (20 Years) (%) After 120 Years (%) 

15 (Kv 0.5 mD to 40 mD) &  

(Kh 100 mD to 450 mD) 

0.82 2.33 

16 (Kv 15 mD to 70 mD) &  

(Kh 25 mD to 650 mD) 

1.97 2.74 

17 (Kv 20 mD to 30 mD) &  

(Kh 150 mD to 500 mD) 

3.63 1.10 
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18 (Kv 1 mD to 90 mD) &  

(Kh 200 mD to 800 mD) 

6.37 5.42 

19 (Kv 10 mD to 80 mD) &  

(Kh 50 mD to 800 mD) 

0.56 -0.61 

 

In another approach, we change the value of the standard deviation while keeping the 

minimum and maximum of the range constant. In this approach we find that in Cases 20 and 

21 when that the standard deviation is low the values are closer to the mean (which is 25 mD 

and 250 mD) but are still random values as in the first 10 cases. Thus, there is no rational trend 

in the amount of dissolved CO2 in brine. However, as the standard deviation increases (more 

than 30), the random numbers generated are getting closer to the value of minimums and 

maximums and the amount of dissolved CO2 in brine decreases. This observation is attributed 

to the phenomenon that the very small values of permeability does not enable the CO2 phase 

to distribute within the porous medium and is therefore not in contact with the brine. Thus, 

the dissolution of CO2 in brine decreases (Table 4.5). 

Table 4.5: Data of increase/decrease of CO2 dissolution in brine with changing standard 
deviation. 

Case No.  After Shut-in (20 Years) (%) After 120 Years (%) 

20 (S.D. = 5&50) 1.28 0.58 

21 (S.D. = 10&100) 3.81 1.12 

22 (S.D. = 30&300) 0.2 4.98 

23 (S.D. = 40&400) -4.59 3.29 

24 (S.D. = 80&700) -4.60 2.24 

25 (S.D. = 100&900) -8.66 -1.27 

26 (S.D. = 200&1100) -10.03 -4.33 
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It is worth mentioning that in considering the maximum and minimum value of the amount of 

dissolved CO2 in brine for 36 different permeability heterogeneity cases with the same mean 

the following observation identified. We observed that the maximum value of dissolved CO 2 

at the time of shut-in is 39.2% more than the minimum value and the maximum value 100 

years after shut-in is 19.41% more than the minimum. This considerable difference in the 

solubility proves the importance of permeability heterogeneity in the amount of dissolved CO2 

and the saturation distribution which must be created based on the precise and real data of 

the target formation for CO2 storage. 

We further expanded our study to investigate the effect of different heterogeneity 

distribution in the reservoir by dividing the reservoir into two layers by imposing two different 

sets of permeability heterogeneity data created by a high and a low standard deviation. In our 

first case the permeability heterogeneity data that has been created by higher standard 

deviation was located in the upper layer. We conducted this simulation using two different 

sets of heterogeneity data (Plot A and B). The results show that in both sets of permeability 

heterogeneity data when the layer with the higher standard deviation is located down the 

amount of dissolved CO2 in the water is higher (Figure 4.10). A slower upward movement of 

the CO2 plume is due to the reason explained in the section investigating the effect of standard 

deviation and appropriate time to stay in contact with brine is considered as the reason for 

this observation. 

 

Figure 4.10: Effect of two layers of permeability heterogeneity on the dissolution of CO2 in 

brine in two cases. (A) First simulation with the first set of heterogeneity data, (B) Second 

simulation with the second set of heterogeneity data. 

In another attempt to cover the different aspects of permeability heterogeneity we changed 

the well location while the same permeability data is used in the model. In this regard, we 
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considered four different well locations in the model. The results show that even by changing 

the well location in the same model the amount of dissolved CO2 is changed (Table 4.6). 

Table 4.6: Difference in CO2 dissolution by changing well location compared to the base case. 

Case No.  After Shut-in (20 Years) (%) After 120 Years (%) 

20 (S.D. = 5&50) 1.28 0.58 

1 (Symmetry to the base) -1.21 -1.66 

2 (Centre of the model) 23.75 11.52 

3 (Blocks 20&10 in XY Plane) 26.71 13.51 

4 (Blocks 60&30 in XY Plane) 25.43 11.60 

 

Since in the base case the well is located in a corner of the model, the abrupt increase 

observed in the well locations other than the corners (Cases 2, 3 and 4) is due to the lack of 

boundary effects which decrease wellbore contact with fresh brine. Although, the difference 

is still sensible between the symmetry cases. 

Then, some sensitivity analysis is performed on the impact of number of grid block 

connections of the wellbore and the reservoir. The connections are considered from grid block 

No. 15 to 70 to the grid block No. 69 to 70 in the vertical direction. As Figure 4.11 demonstrates 

the connections with the highest numbers of grid blocks (i.e. 15-70 and 30-70) does not have 

the highest dissolution of CO2 in brine. Because with the high number of grid block 

connections CO2 will move upwards quickly and creates a plume under the top of the 

reservoir; therefore, does not have enough time to be in contact with fresh brine and the 

dissolution decreases. Thus, there is a maximum number of grid block connections that 

creates the highest dissolution value and the dissolution decreases for higher numbers of cells. 
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Figure 4.11: Simulation result for the effect of the number of grid block connections 

between well and reservoir. 

 

Now the impact of horizontal well is investigated in the CO2 dissolution in brine. In this regard, 

CO2 is injected through a horizontal well with the same number of connection cells to the 

reservoir. The saturation distribution is shown in Figure 4.12. 

 

Figure 4.12: Gas saturation distribution by vertical (left) and horizontal well (right). 

To compare the impact of vertical and horizontal wells, first CO2 is injected through a vertical 

well completed from grid No. 60 to grid No. 70 which creates a 20 meters perforation section. 

On the other hand, since the grid size in the X direction is 20 meters first CO2 is injected 
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through only one grid in the X direction. Then using Local Grid Refinement (LGR) option one 

grid in the X direction is refined to 10 grids which are 2 meters each and all ten grids are 

allowed to flow. The simulation results presented in Figure 4.13 shows that injecting CO2 with 

the same rate by horizontal and vertical wells does not make a considerable difference in the 

amount of dissolved CO2 in brine in a homogeneous system. 

 

Figure 4.13: Simulation result for the effect of vertical and horizontal wells on CO2 

dissolution in brine. 

4.4 Conclusion 

In this study we presented a model to predict the consequences of the injection of pure CO 2 

in the Bunter sandstone and conducted some sensitivity analysis on different reservoir and 

injection parameters. In general, the results from this study show that: 

• When CO2 is injected with a same rate in a reservoir with a lower pressure, the amount 

of CO2 dissolved and in general, the storage efficiency is higher. For instance, the 

storage efficiency for the lowest pressure is 3.4% and for the highest pressure is 2.3%. 

In other words, in developing a field for CO2 storage, injecting CO2 to the part of the 

field which has a lower pressure will increase the storage efficiency of the project in 

addition to operational advantages of working with lower pressures. 

• Based on the results of this simulation, when the thermodynamic conditions of the 

reservoir remains constant, the value of the storage efficiency remains constant. 

However, to what extent a reservoir is suitable for storage purposes and can 
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efficiently store CO2 also depends on other factors such as heterogeneity, Kv/Kh ratio, 

injection rate, etc. Thus, this equation must be revised and the effect of these 

parameters must be included in storage efficiency calculation. This will be 

investigated in the future work.  

• One of the most important concepts in evaluating the efficiency and safety of storage 

is how the CO2 plume is distributed within the reservoir. In other words, we should 

consider how much and how easily CO2 can be distributed within the reservoir when 

deciding on developing a field and the subsequent location of wells in the reservoir. 

• The results of our study show that the vertical to horizontal permeability ratio has a 

significant impact on CO2 storage efficiency and the value of absolute vertical and 

horizontal permeability controls the impact of Kv/Kh ratio on the dissolution of CO2 in 

brine. Furthermore, in low permeability reservoirs the effect of vertical to horizontal 

permeability on the dissolution of CO2 in water is more sensible than in the high 

permeability reservoirs. 

• Heterogeneous permeability plays an important role in aquifer performance and the 

amount of dissolved CO2 in brine. The results of our study show that different 

heterogeneous permeability data can result in different amounts of CO2 being 

dissolved in brine which is ±7% after the injection stops and up to 13% after 120 years 

based on our simulations. In this regard, the reservoir performance cannot be judged 

by just adding one set of heterogeneity data. Applying precise and correct 

heterogeneity data is crucial when investigating the dissolutions by simulations. 

Higher standard deviation in producing heterogeneity data with the same mean will 

result in decrease in solubility of CO2 in brine. 
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Chapter 5: Enhancing CO2 solubility in the aquifer with 

the use of a downhole cooler tools2 

5.1 Introduction 

The concentration of CO2 in the atmosphere has increased up to 45% since the industrial 

revolution (Celia et al. 2015). Carbon capture and storage (CCS), that comprises the separation 

of CO2 from the gaseous exhaust of power plants and other heavy industries and its 

subsequent safe and secure long-term storage in geological formations is considered as the 

most applicable method for mitigation of CO2 concentration in the atmosphere (Metz et al., 

2005; Bachu, 2008; Jiang, 2011). The best storage sites are those that trap the CO2 as an 

immobile phase under the ultra-low permeability confining reservoir caprock where it is 

subjected to further gradual physical and chemical trapping mechanisms (Metz et al., 2005). 

In the long-term, several trapping mechanisms are active in the aquifer which are categorised 

as: structural trapping, residual trapping, solubility trapping and mineral trapping (S. Garcia et 

al. 2010). Understanding each of those mechanisms are not easy: for example, mineral 

trapping takes thousands of years to happen. Investigating and monitoring some of those 

processes are very complex and costly as it might take hundreds of years. For instance, 

structural trapping to prevent upward migration of CO2 is provided by a finite non-zero 

permeable layer, which is mainly clay or shale at the top of the storage formation (Figure 5.1). 

Since the leakage from the storage sites can create harmful environmental defects, the 

security of long-term storage is of a great importance (Metz et al., 2005; Gasda et al., 2004; 

Nordbotten et al., 2005; Burton and Bryant 2007a; Celia et al., 2011). In this regard, 

researchers have proposed different engineering techniques in order to improve the solubility 

of CO2 in the formation brine. When the CO2 is dissolved in brine the density of the formation 

brine increases by 1%, resulting in  the dissolved CO2 sinking  in the reservoir and preventing 

any upward migration of the free CO2 phase towards the caprock (Ennis-King et al. 2005; Riaz 

 
2 The content of this chapter has been extracted from the following paper: 
“Abbaszadeh, M., Shariatipour, S., 2020. Enhancing CO2 solubility in the aquifer with the use 
of a downhole cooling tools. International Journal of Greenhouse Gas Control, 97, 103039.” 
The candidate set the scientific scope of this work, devised and developed the methodology, 
performed all data analysis and wrote the text.  Seyed M. Sharaitipour provided guidance 
during the design of this part of the project and feedback on the manuscript. 
Minor adaptations have been performed to streamline the layout of thesis. 
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et al., 2006). Emami-Meybodi et al. (2015) have categorized these engineering techniques into 

subsurface dissolution, surface mixing and downhole mixing.  

Figure 5.1: The picture above illustrates standard method of CO2 injection into a real field 

(Sleipner, North Sea). When CO2 is injected into an aquifer it tends to migrate upward due to 

the buoyancy until it reaches the low permeability layers (caprock). Thereafter it migrates 

laterally under these layers (structural trapping), with this migration also being governed by 

gravity (Shariatipour, 2013). 

Cold CO2 injection in the liquid phase from the surface is a method which has been proposed 

to be energetically efficient injection (Silva et al., 2011). In the liquid phase the density of CO2 

is close to that of water, thus it sinks downwards and requires less compression energy. The 

thermal stress imposed by the temperature difference, however, might cause some damage, 

such as the wellbore cement failure resulting in the creation of some fractures in the cement 

and forming pathways for the CO2 to leak away (Teodoriu, 2013; Kaldal et al., 2015). Vilarrasa 

et al. (2013) investigated liquid CO2 injection from the surface and they analysed the evolution 

and the thermo-hydro-mechanical response of the formation and caprock. They proposed 

that injecting CO2 in the liquid phase is more efficient because liquid CO2 is denser resulting in 

less over pressure due to less water being displaced and requiring less compression energy. 

Other injection techniques have been proposed by different researchers which are briefly as 

follows: Xue (2009) proposed microbubble sequestration in which the atomized foams of CO2 

in gas, in supercritical or liquid phase, are dispersed into the pores of variety of rocks. The CO 2 

microbubbles with a size of less than 10 micro-metres will shrink and quickly dissolve into the 

brine. They propose that microbubbles of CO2 do not tend to create a uniform large bubble, 

which has a large buoyant force in the ground water. A study was presented by Burton and 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis can be found 
in the Lanchester Library, Coventry University. 
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Bryant (2007a) to investigate the strategy of surface mixing of CO2/brine (Figure 5.2). They 

believed this method can improve the effectiveness of CO2 storage. Injecting CO2 in the form 

of dissolved in the brine eliminates entering free phase CO2 to the formation and therefore, 

there is no buoyant rise of CO2 towards caprock. However, they admitted that the surface 

mixing of CO2 and brine has some disadvantages in comparison to standard method for 

example: many more injection and extraction wells are required which increases the cost of 

project. Additionally, as CO2 dissolved brine is acidic, the surface facilities and injection wells 

must be resistant to corrosion. In this regard, the cost of surface facilities and equipment 

should be considered. 

Figure 5.2: CO2/brine Surface Mixing Strategy (Shariatipour, 2013). 

Ozah et al. (2005) presented an injection strategy to use horizontal wells low in the formation, 

referred to as “Inject Low and Let Rise”. In this regard, all or a huge part of the CO 2 will trap, 

dissolve or be precipitated before reaches the seal of the formation. Leonenko and Keith 

(2008) suggested to lift the brine from the areas of the aquifer not already saturated with CO2 

and then inject it to the areas occupied by CO2. Hassanzadeh et al. (2009) addressed a new 

method for accelerating CO2 dissolution in aquifers by injecting brine on top of the injected 

CO2. In another approach, Shariatipour et al. (2016) proposed an engineering solution in which 

brine extracted from the top of the aquifer is mixed by a downhole mixing tool with CO2 which 

is injected through the tubing. Then, the dissolved CO2 in brine is injected into the same 

formation through another lateral at the bottom of the aquifer. If we can minimize the vertical 

migration of CO2, then it increases the safety of the CO2 injection project in terms of any 

possible leakage from existing or pre-existing fractures and faults. Thus, increasing the CO2 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis 
can be found in the Lanchester Library, Coventry University. 
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solubility in the aquifer at the bottom hole of the injectors, could not only decrease the 

buoyant vertical migration of CO2 but also it could lead to dissolved CO2 to sink in the reservoir 

as brine with dissolved CO2 is 1% denser than the brine with no CO2. In this chapter, an 

engineering injection technique is presented to increase the solubility of CO2 in brine by 

implementation of downhole cooling equipment. 

5.2 Methodology 

The main focus of this work is to present a method to maximize CO2 solubility in brine in 

downhole conditions where the injected CO2 first comes into contact with the formation 

brine. The idea comes from the well-known rule that the solubility of CO2 in brine increases 

with a decrease in temperature (Spycher et al., 2003; Duan and Sun, 2003). Thus, our 

proposed idea is to install tools that can affect a decrease in the temperature of the injected 

CO2 in the wellbore where the CO2 contacts with brine (Figure 5.3). The advantage of this 

method is that when the temperature decreases, the highest possible amount of CO2 

corresponding that pressure could be dissolved in the formation brine (theoretically) and Not 

only does this proposed methodology minimize the amount of free gas entering the 

formation, but also since the CO2 dissolved brine has a higher density than the fresh formation 

brine it will sink to the bottom of the formation. The consequence is that less CO 2 migrates 

upward towards the top seal thus increasing the storage capacity. Additionally, the denser 

brine creates a convective flow regime, thereby accelerating the dissolution of CO2 in brine 

within the reservoir (Ennis-King and Paterson, 2005; Kneafsey and Pruess, 2010b). Moreover, 

another effect of cold CO2 injection is the creation of thermal stress which results in fracturing 

near the wellbore formation (Oldenburg, 2007) and an increase in injectivity. Generally, it is 

more desirable that the CO2 is injected in a supercritical condition to prevent problems 

created by phase change in the pipeline and the length of the tubing in deep formations 

(Nimtz et al. 2010). Although liquid injection of CO2 has been proposed as a method to not 

convert CO2 into supercritical phase at the surface, non-isothermal studies show that the 

temperature of CO2 must be decreased considerably (down to -10 ˚C) at the surface in order 

to remain in the liquid phase in the tubing considering the heat exchange with surrounding 

until a depth of 1500 m causing the problem of phase change (i.e. pressure and rate 

fluctuation) within the wellbore (Vilarrasa et al., 2013). Using this new technique, however, 

means that we can ensure that the CO2 is converted to liquid (in case of a high temperature 

decrease) only in the wellbore while it is in the supercritical phase in the tubing preventing 

any phase change problems there.  Additionally, by implementing this equipment we can 
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maintain a precise control of the temperature of the CO2 in the downhole in terms of rock 

mechanics stability and CO2 dissolution in brine. Surface mixing of CO2 with brine, which has 

been already considered as an efficient way of CO2 injection, is very expensive, while CO2-

enriched brine result in high levels of corrosion on surface equipment due to its acid nature 

(Burton and Bryant, 2007b). Usually the normal temperature to ensure that the CO2 is in the 

supercritical phase in the downhole of a well is approximately 40 ˚C at the surface (Nimtz et 

al. 2010; Vilarrasa et al., 2013; Möller et al., 2014b). Analytical calculations show that 

assuming a temperature of 55 ˚C and a pressure of 150 bar (i.e. the top layer of Bunter 

Sandstone in the UK Southern North Sea), a 30 ̊ C decrease in temperature results in near 20% 

increase in CO2 solubility in brine at the same pressure (Spycher et al., 2003; Spycher and 

Pruess, 2005). The temperature decrease in a section of the wellbore can be created by 

implementing tools that use the external energy of a colder fluid. We can install a throttling 

valve in the wellbore to decrease the pressure, with the consequence that  the temperature 

decreases based on the Joule-Thomson effect in an isenthalpic process to cool down the 

injected CO2 (Oldenburg, 2007; Mathias et al., 2010). It should be noted that the temperature 

decrease must not be under the hydrate formation region, which may cause the formation of 

hydrate (Zhang et al., 2017) and blocking the pores and decreasing the injectivity. Additional 

pressure, however, might be applied at the wellhead to compensate for the pressure drop in 

the throttling valve which may cause some additional operational expense.  This downhole 

cooler equipment can also be utilised along with other methods already presented in the 

literature to improve their performance.  



79 

 

Downhole cooler

Top Layer of the 
Aquifer

Tubing

Warm CO2

Cold CO2

Aquifer

Casing

Packer

Cold CO2

 

Figure 5.3: Schematic of the downhole cooler equipment and process. 

Several models have been proposed to date to investigate the non-isothermal flow of CO2 

through the injection well (Hagoort, 2005; Lu and Connell, 2008; Han et al., 2010) and we have 

used the equations presented by (Lu and Connell, 2008) and solved the equations using the 

assumptions that the kinetic energy term is neglected and the well is vertical (Paterson et al. 

2008). 
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𝑑ℎ
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𝑑ℎ = [𝑉 − 𝑇 (
𝛿𝑉

𝛿𝑇
)

𝑝
] 𝑑𝑝 + 𝐶𝑝𝑑𝑇 = 𝐶𝑝𝜇𝐽𝑇𝑑𝑃 + 𝐶𝑝𝑑𝑇                                                              (5.4) 

where, ρm is the density of the mixture, νm is the velocity, z is the well depth, f is the friction 

factor, h is the enthalpy of the mixture and ϴ is the well inclination. Q(z) in equation (5.3) is 

the heat exchange between flowing fluid and the surrounding of the well which is calculated 

as . Rw is the well diameter and U is the overall heat transfer 

coefficient for wellbores. Solving the above equations gives the temperature profile in an 

injection well and the temperature of the CO2 in the bottom hole. The non-isothermal 

calculations show that if CO2 is injected at a temperature of 45 ˚C at the surface while the 

surface temperature is 15 ˚C, the CO2 will reach the bottom hole of the well at a depth of 

1500m at a temperature of 52˚C. The analytical calculations show that if the temperature 

decreases from 52 ˚C to 20 ˚C, there will be a near 20% increase in CO2 solubility in brine in 

theory (Duan and Sun, 2003) (Figure 5.4). 

 

Figure 5.4: The Non-isothermal temperature profile through the injection well. 

In order to cool down the CO2 from 52 ˚C to 20 ˚C two methods are considered: 1) installing 

devices to extract heat from the flowing CO2 in the well; 2) Installing a throttling valve to drop 

the pressure instantly and decrease the temperature based on the Joule-Thomson effect.  

5.3 Numerical simulation 

( ) ( )2 w wbQ z R U T T z= − −  
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The three-dimensional reservoir simulation model for studying CO2 injection in a saline aquifer 

was created by the ECLIPSE 300 through the CO2STORE option combined with the THERMAL 

option. The dimensions of the model are 1600m long, 800m wide and 140m thick. The main 

input data and the thickness of the formation were adopted from the work by Heinemann et 

al. (2012). The porosity and horizontal permeability in the homogeneous case is 0.18 and 250 

md, respectively, and with a Kv/Kh ratio of 0.1 for the base case the vertical permeability is 25 

md. For the heterogeneous case, the heterogeneity data were generated based on the same 

mean as the homogeneous model. Figure 5.5 shows the heterogeneous model used in this 

study. The thermal conductivity of water and rock were calculated based on (Sengers et al., 

1984; Eppelbaum et al., 2014). The model input data is shown in Table 5.1. 

Table 5.1: The model input data. 

Input Data Value 

Model size (m) 1600×800×140 

Number of grid blocks 80×40×70 

Horizontal Permeability (mD) 250 

Porosity 0.18 

Kv/Kh Ratio  0.1 

Depth (m) 1500 

Rock Compressibility (1/bars) 5.56e-5 

Thermal Conductivity of Water 

(kJ/m.day.K) 

56.5 

Thermal Conductivity of Rock (kJ/m.day.K) 158 

Injection rate (Mt/year) 1 

 

 As there is no way to simulate the cooler equipment separately in the downhole of the well 

in this regard, it is considered that the CO2 is injected with a lower temperature (i.e. 20 ˚C) 
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than the reservoir from surface through the use of THERMAL option. The injection rate is 

determined at a constant value of 1 Mt/year for the base case and the injection pressure 

should not exceed the fracture pressure of the formation rock as  increasing the pressure more 

than that limit that will create fractures in the rock that will act as pathways for CO2 leakage 

to the surface. In this regard, the method presented by Brook et al. (2003) was used to 

calculate the fracture pressure of the formation. We considered the bottom hole pressure 

constraint as 90% of the fracture pressure of the formation (Williams et al., 2013). The pore 

volume of the outer sides of the model are multiplied by 1000 in order to show that the model 

is a part of a larger aquifer. The injection process progresses for 20 years, then the injection 

stops, and the simulation is continued up until 100 years. It should be noted that th is work 

does not consider the design of such a heat exchanger device, but we only consider the idea 

of utilization of such an equipment. 

 

Figure 5.5: Heterogeneity of horizontal permeability between 5 md - 600 md. 

5.4 Results and discussion 

5.4.1 Application of the downhole cooler tools at the depth of 1500 m  

Figure 5.6 shows the amount of dissolved CO2 saturation in brine in both homogeneous and 

heterogeneous models with and without applying the cooling method. As can be seen in the 

left side figures, because the CO2 in the base case is less dense and less viscose it moves 
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upwards and reaches the top of the formation. In the right-hand side figures, however, the 

CO2 has been injected with a lower temperature in the liquid phase and consequently with 

higher density and viscosity. Therefore, in the same duration it becomes more dissolved in the 

brine in the lower part of the aquifer and CO2 plume does not reach the top of the formation 

and no gravity override has been observed. Additionally, analytical calculations show that by 

a decrease in temperature from 52 ̊ C to 20 ̊ C for in the same pressure (150 bar), the viscosity 

and density of the free CO2 increases by 71% and 34%, respectively.  This creates a reduction 

in the gravity override and so viscose forces will have more impact on the movement of CO2 

in the aquifer in comparison to buoyant forces (Rayward‐Smith and Woods, 2011). It should 

be noted that the low temperature CO2 cools down the vicinity of the wellbore and as it moves 

farther into the aquifer the temperature of that will increase due to the geothermal 

temperature. The cooled area around the wellbore, however, remains for a long time and it 

takes time a longer than the injection time to warm up again (Vilarrasa and Rutqvist, 2017). 

 

Figure 5.6: Dissolved CO2 in the aquifer brine after 20 years. 

Figure 5.7 presents the uniform pressure distribution in the aquifer for the two cases. As 

shown, by the use of the new technique the pressure build up in the formation is less than the 

base case in which CO2 is injected with a higher temperature because more CO2 is dissolved 
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in the formation brine and less stays in the free phase. Furthermore, as the cooled and denser 

CO2 occupies a lower capacity of the reservoir rock and less brine will be displaced, thus the 

pressure increase in the formation will be smaller (Vilarrasa et al. 2013; Randolph et al., 2013; 

Zhao and Cheng, 2015). It should be noted that in order to see the pressure build up in the 

model a closed model is considered. 

 

Figure 5.7: Pressure build-up in the aquifer after 20 years. (A) Without cooling system. (B) 

With cooling system. 

Figure 5.8 presents the comparison between the pressure build up generated by the analytical 

model and the numerical simulation during the injection period, which demonstrates that the 

analytical model can give a good approximation of the pressure build up in the aquifer. 
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Figure 5.8: Comparison between the pressure build up results of the numerical simulation 

and the model presented by Zhou et al. (2008) for the base case without cooling. 

 

The impact of the amount of injected CO2 (injection rate) into the aquifer on CO2 solubility is 

demonstrated in Figure 5.9 based on Kilogram-Mole (Kg-M). The figure shows that as the 

amount of injected CO2 increases, the solubility of the CO2 in brine also increases and 

moreover the impact of cooling is more significant when the amount of injected CO2 is higher. 

This figure presents the comparison between the amount of dissolved CO2 in the normal CO2 

injection under supercritical conditions and the injection of CO2 with a lower temperature. As 

the amount of CO2 injection increases, the amount of dissolved CO2 in the brine also increases 

but with a higher rate. It means that as the injection rate increases the percentage of dissolved 

CO2 also increases. 
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Figure 5.9: impact of the amount of injected CO2 and cooling on CO2 solubility in brine after 

120 years. 

The amount of mobile CO2 in the aquifer based on the CO2 injection rate and the cooling effect 

is shown in Figure 5.10. The results show that the cooling has an indirect impact on the 

amount of mobile (free) CO2 in the medium in comparison to the CO2 injection without 

cooling. The amount of free CO2 in the aquifer increases due to the increase in the amount of 

total injected CO2. The impact of cooling and the CO2 injection rate on the amount of trapped 

CO2 is shown in Figure 5.11. The amount of residually trapped CO2 increases with an increase 

in the total amount of injected CO2; however, this increase is less for the system with cooling 

compared to the standard CO2 injection method without cooling. When the cooling effect is 

applied more CO2 is dissolved in the formation, and thus less CO2 will remain residually 

trapped. Additionally, in this simulation, since cooling temperature create a two-phase regime 

for the injected CO2 and a part of CO2 is converted to liquid, the amount of residually trapped 

CO2 is considered to be less. 
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Figure 5.10: Impact of CO2 injection rate and cooling on mobile CO2 in brine after 120 years. 

 

 

Figure 5.11: Impact of CO2 injection rate and cooling on residually trapped CO2 in brine after 

120 years. 
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5.4.2 Application of the downhole cooler tools at shallow (1000 m) and deep (2700 

m) reservoirs 

In another exercise, as the storage reservoirs are located in different depths, the impact of 

the depth of the reservoir was investigated with the new cooling technique. Two different 

reservoir depths were imposed in the model other than the base case: 2700 m (with a 

geothermal temperature of 98 ˚C) and 1000m (with a geothermal temperature of 35 ˚C). The 

results show that at a depth of 2700 m as the temperature decreases from 98 ˚C to 68 ˚C in 

the vicinity of the wellbore the solubility of CO2 in brine does not change notably by this 

temperature decrease. This is because in this range of pressure and temperature this change 

in temperature does not lead to a significant increase in the CO2 solubility in brine. Although, 

the density and viscosity of CO2 will increase up to 22% and 33%, respectively; CO2 is still in 

the supercritical condition and will rise towards the caprock with the same pattern (Figure 

5.12). Although it should be noted that in some cases CO2 will reach the formation with a 

temperature less than the geothermal gradient itself (Bissell et al., 2011); however, after a 

while an equilibrium temperature higher than CO2 temperature will be achieved.  In our study, 

this phenomenon is not considered, however, the main idea is to show the impact of the 

temperature decrease in the wellbore on the CO2 solubility in the aquifer. 

 

Figure 5.12: The results of the variation of temperature (A): 270 bars, 98 ˚C (B): 270 bars, 68 

˚C. 
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On the other hand, a temperature decrease down to 25 ˚C was investigated in the model at a 

depth of 2700 m (Figure 5.13). This huge temperature decrease creates a considerable 

increase in the amount of dissolved CO2 in brine and the saturation distribution of CO2 in the 

aquifer will change due to the phase change of CO2. The simulation results show that the 

amount of dissolved CO2 in brine increases up to 13 % at the end of the injection period in 

comparison to the case without cooling. Creating such a temperature decrease in this depth, 

however, seems controversial in practice. 

 

Figure 5.13: The results of the variation of temperature (A): 270 bars, 98 ˚C (B): 270 bars, 25 

˚C. 

At a depth of 1000 m, the temperature is reduced from 35 ˚C to 15 ˚C. The temperature could 

not be reduced less than 12 ˚C in this case because of the software limitations and moreover 

the temperature lies under the hydrate formation zone. The decrease in temperature and 

phase change will increase CO2 solubility in brine and change the CO2 plume distribution in 

the aquifer. Figure 5.14 shows the CO2 mole fraction and distribution for this case. The figure 

shows that through the temperature decrease the CO2 will sink to the formation and does not 

rise upwards during the injection. Dissolution will increase up to 7 % at the end of injection 

period in comparison to the case without cooling. 
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Figure 5.14: The results of the variation of temperature (A): 100 bars, 35 ˚C (B): 100 bars, 15 

˚C. 

Figure 5.15 shows the increase in CO2 dissolution in brine during and post injection for all the 

three depths. The results show that the CO2 solubility will increase up to 7%, 6% and 13% at 

the end of injection period and up to 14.5%, 13% and 21% at the end of post injection period 

for the depths of 1000, 1500 and 2700m, respectively. Figure 5.16 shows the average CO2 

saturation in the whole aquifer during and post injection for all cases. When CO2 is injected in 

a model with low temperature the CO2 saturation in the medium is lower because more CO2 

is dissolved in the formation brine. Additionally, even after the injection stops the average CO2 

saturation decreases with a higher slope which is an indication of a higher dissolution rate 

compared to other models. Table 5.2 shows the summary of the results of all the sensitivity 

analysis with depth. 
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Figure 5.15: The increase in CO2 solubility in brine the use of downhole cooler for different 

depths and the real model. 

 

Figure 5.16: Average CO2 saturation in the whole aquifer for different depths. 
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Table 5.2: Increase in solubility of CO2 in aquifer brine at the end of injection. 

Depth (m) Initial 

temperature (˚C) 

Temperature at 

the sand face (˚C) 

Increase in 

solubility at the 

end of injection 

(%) 

1000 35 15 7 

1500 52 20 6 

2700 98 68 ̴0 

2700 98 25 13 

 

5.5 Investigating the impact of relative permeability curves on cold CO2 injection 

The three-dimensional reservoir simulation model was created by the ECLIPSE 300 through 

the CO2STORE option combined with the THERMAL option. Input data and the thickness of 

the formation were adopted from the work by (Heinemann et al., 2012). The porosity and 

horizontal permeability in the homogeneous case is 0.18 and 250 mD, respectively and with a 

Kv/Kh ratio of 0.1. For the heterogeneous case, the heterogeneity data was generated based 

on the same mean as the homogeneous model (Standard Deviation = 200). To simulate the 

impact of cold CO2 injection on CO2 solubility in brine and storage security, two cases are 

considered to be compared with CO2 injection at supercritical conditions. 1) A model is built 

with the pressure and temperature equal to geostatic and geothermal conditions, 

respectively. Then, CO2 is injected with the lowest possible temperature (here, 20 ˚C) to the 

formation while the relative permeability curves are those of supercritical CO2 injection. 2) 

The initial temperature of the reservoir is considered to be 20 ˚C and  the corresponding 

relative permeability curves to this temperature and geostatic pressure (Liu et al. 2010) are 

input to the model and the CO2 injection is run (Figure 5.17). 



93 

 

 

Figure 5.17: the relative permeability curves used in this study. 

Using the new technique, the pressure build-up in the formation is less than the base case 

(Case 1) because more CO2 is dissolved in the formation brine and less stays in the free gas 

phase (Figure 5.18). Furthermore, cold and denser CO2 occupies a lower capacity of the 

reservoir rock and less brine will be displaced. Additionally, Injecting CO2 with THERMAL 

option shows a better result than just applying the low temperature relative permeability 

curves. 

 

Figure 5.18: Pressure build-up in the aquifer after 20 years for the depth of 1500 m. A) 

Without cooling B) Case 1 C) Case 2. 
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CO2 dissolution in the cases that CO2 is injected with a low temperature by the use of THERMAL 

option is higher than the cases that low temperature relative permeability curves are applied 

in the model (Figure 5.19). 

 

Figure 5.19: The increase in CO2 solubility in brine in different cases and depths. 

Figure 5.20 indicates that the gas saturation in Case 1 is lower than Case 2 during and post 

injection periods. This means the dissolution is higher in Case 1 than Case 2 which can be 

attributed to the higher dissolution in lower temperatures. Although in Case 2, the relative 

permeability curves show more CO2 wet condition which is expected a higher dissolution (Al-

khdheeawi et al., 2017), the dissolution in Case 1 is higher due to the use of the THERMAL 

option. 
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Figure 5.20: Average CO2 saturation in the aquifer for different cases. 

The results of this simulation study show that by the use of downhole cooler equipment the 

amount of dissolved CO2 in brine increases and the risk of phase change in the tubing 

decreases. Overall field pressure build-up will be less than that of supercritical CO2 injection. 

Additionally, it is suggested that the appropriate relative permeability curves corresponding 

the injection and in-situ conditions have to be applied in simulating cold CO2 injection. 

5.6 Application of downhole cooler tools in a real field 

The British Geological Survey (BGS) identified an onshore site in Lincolnshire as an analogue 

to a hypothetical large offshore aquifer to be used for storing captured CO2 from the 

Ferrybridge power station (Figure 5.21). The criteria for this selection were as follows. First of 

all, the formation has fairly uniform sandstone of high porosity (20%) and permeability (500 

mD), overlain by a thick caprock at a depth below 800 m (Table 5.3), to meet the supercritical 

conditions for CO2. In addition, BGS had access to 3D seismic data with uniform coverage. The 

geology and stratigraphy of the Lincolnshire site is presented in Table 5.3. Figure 5.22 shows 

a west to east schematic geological cross section of the Lincolnshire study area (Shariatipour, 

2013). 
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Figure 5.21: Location Map of Ferrybridge Power Station, which is shown by (F) (Shariatipour, 

2013). 

Table 5.3: Geology and stratigraphy of the Lincolnshire Area. The geology of the target 

analogue aquifer for CO2 storage is the Sherwood sandstone group classified in the Triassic 

period overlain by the Mercia Mudstone as the primary seal (Smith et al. 2012). 

 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis can 
be found in the Lanchester Library, Coventry University. 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis 
can be found in the Lanchester Library, Coventry University. 
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Figure 5.22: Schematic geological cross-section (west to east) of the Lincolnshire study area 

along with regional groundwater flow and abstraction. mbgl stands for metres below ground 

level. Abstraction from the Sherwood Sandstone Group is approximately 85% unconfined, 

15% confined. Blue arrows represent the flow of recharge, red arrows are abstraction (Smith 

et al., 2012). 

5.6.1 The Lincolnshire model 

Figure 5.23 shows the geological framework of the Lincolnshire model. The reservoir model 

was developed through the CASSEM (CO2 Aquifer Storage Site Evaluation and Monitoring) 

Project (Olden et al., 2012). The model has dimensions of 43 km × 33 km × 600 m and was 

discretized into 96×67×15 cells. An isotropic range of 2000m in the horizontal was used for 

the correlation in the distributions of properties. The ratio of vertical permeability to 

horizontal permeability (Kv/Kh) was assumed to be 0.1 due the layered types of sediments 

which were deposited in this region (Ford and Monaghan, 2009). Table 5.4 shows permeability 

and standard deviation used in the Lincolnshire Model (Jin et al., 2012). It is referred to this 

model as the base case Model (BC) in this chapter. 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis can be 
found in the Lanchester Library, Coventry University. 
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Figure 5.23: The Geological Framework of Lincolnshire Model (10X vertical exaggeration). 

 

 

 

Table 5.4: Permeability and Standard Deviation used in the Lincolnshire Model. 

Formation Geometric average 

(mD) 

Standard Deviation 

from Plugs (ln(mD)) 

Standard Deviation 

Used 

Mercia Mudstone 

Group (MMG) 

0.005 1.0 0.1 

Sherwood 

Sandstone Group 

(SSG) 

500 3.5 0.5 

 

 

 

 

 

 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis can be 
found in the Lanchester Library, Coventry University. 
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Based on rock mechanics data, rock compressibilities for the aquifer and the caprock were 

assigned as and respectively. 5*10-5 bar-1 and 10*10-5 bar-1, respectively. The relative 

permeability curves which were used in this model were obtained from a sample of Sherwood 

sandstone at (Smith et al., 2012) (Figure 5.24). The relative permeability to water is denoted 

by Krw, and Krg denotes the relative permeability to CO2. Imb and Dr are representative of 

Imbibition process when water saturation increased and drainage when water saturation 

decreases, respectively. The irreducible water saturation (Sw ir) is 0.36; this means the 

maximum gas saturation in the model will be 0.64. During the imbibition process where water 

replaces the migrated CO2, residual trapping will occur which in this case will be 0.27.  

Figure 5.24: Relative permeability curves used in this study, obtained from a Sherwood 

Sandstone sample (Smith et al., 2012). 

The original model is large with a top surface area of 1419 km2; thus, in this study a sector of 

the model was considered for the simulation (Figure 5.25). 

 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis can 
be found in the Lanchester Library, Coventry University. 
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Figure 5.25: The simulation model for the Lincolnshire field showing the pressure 

distribution. 

The injection formation has an initial pressure of 100 bars and temperature of 35 ˚C. CO2 is 

injected to the formation through a horizontal well with a temperature of 15 ˚C by adding the 

THERMAL option to the model. The injection rate is determined to be at a constant rate of 1 

Mt/year. The pressure constraint is considered to be 90% of the fracture pressure of the 

caprock as explained earlier. In this model CO2 is injected for 20 years and then the injection 

stops, and the simulation runs for a further 100 years. Figure 5.26 shows CO2 mole fraction in 

brine at the end of the injection period. As can be seen CO2 is more dissolved in the brine and 

has sink more downward to the aquifer as a result of colder (liquid) CO2 injection with higher 

density. 
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Figure 5.26: CO2 dissolution in brine after 20 years of injection. A) With cooling system. B) 

Without cooling system. 

Figure 5.27 shows the average CO2 saturation in the formation. The plot determines that by 

the use of downhole cooling the average CO2 saturation in the free phase has decreased and 

it becomes dissolved more in the formation brine.  

 

Figure 5.27: Average CO2 Saturation in the aquifer in the Sherwood sandstone model. 

5.7 Conclusion 

The results of this study show that through the use of downhole cooler equipment the amount 

of dissolved CO2 in brine increases and consequently the storage security improves. If the 

temperature of the downhole, where the CO2 contacts the formation brine, decreases to the 

lowest possible safe operational temperature, the solubility of CO2 in brine increases to the 
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highest possible value. Thus, more CO2 becomes dissolved in the brine during the injection. 

When CO2 is dissolved in brine the density of brine increases and the CO2 plume will not move 

upwards as rapidly. It sinks into the formation and because of the higher density and viscosity 

the viscose forces will be more significant than the buoyant forces. Furthermore, in this 

method CO2 is injected in the supercritical phase at the surface and in the length of injection 

tubing, although the temperature decrease and the phase may change only in the wellbore 

which eliminates the risk of phase change in the tubing and consequent problems. 

Additionally, the overall field pressure increase will be less than that of supercritical CO2 

injection due to the higher CO2 dissolution in brine and also because of the lower volume of 

CO2 when it is turned to liquid. 
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Chapter 6: The influence of temperature on wettability 

alteration during CO2 storage in saline aquifers3 

6.1 Introduction 

The concentration of CO2 in the atmosphere has increased up to 45% since the industrial 

revolution (Celia et al., 2015). Carbon capture and storage (CCS), that comprises the 

separation of CO2 from the gaseous exhaust of power plants and other heavy industries and 

its  safe and secure long-term storage in geological formations is considered as the most 

applicable method for mitigating CO2 concentration into  the atmosphere (Metz et al., 2005; 

Bachu, 2008; Jiang, 2011). The best storage sites are those that trap the CO2 as an immobile 

phase under the ultra-low permeability confining caprock where it is subjected to further 

gradual physical and chemical trapping mechanisms (Metz et al., 2005). In the long-term, 

several trapping mechanisms are active in the aquifer which are categorised as: structural 

trapping, residual trapping, solubility trapping and mineral trapping (Garcia et al., 2010). Since 

the CO2 leakage from the storage sites can create harmful environmental defects, the security 

of long-term storage is of a great importance (Metz et al., 2005; Gasda et al., 2004; Nordbotten 

et al., 2005; Burton and Bryant, 2007a; Celia et al., 2011). 

Researchers have studied the impact of different parameters, such as permeability 

heterogeneity, absolute permeability, porosity and mineralogy of the pore surface, on fluid 

flow and CO2 plume migration in porous media (Flett et al., 2007; Zhou et al., 2010; Li and 

Benson, 2015). Although reservoir wettability and its impact on structural and residual 

trapping have been investigated experimentally in the literature (Chaudhary et al., 2013; 

Rahman et al., 2016), it has received far less attention in simulation studies and there is a lack 

of information on the effect on CO2 solubility in the aquifer. Previous simulation studies have 

shown that wettability of a sand surface drastically impacts the relative permeability curves 

 
3 The content of this chapter has been extracted from the following paper: 
“Abbaszadeh, M., Shariatipour, S., Ifelebuegu, A., 2020. The influence of temperature on 
wettability alteration during CO2 storage in saline aquifers. International Journal of 
Greenhouse Gas Control, 99, 103101.” 
The candidate set the scientific scope of this work, devised and developed the methodology, 
performed all data analysis and wrote the text.  Seyed M. Sharaitipour and Augustine 
Ifelebuegu provided guidance during the design of this part of the project and feedback on 
the manuscript. 
Minor adaptations have been performed to streamline the layout of thesis. 
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(McCaffery and Bennion, 1974; Heiba et al., 1983; Krevor et al., 2012; Levine et al., 2013), 

capillary pressure curves (Heiba et al., 1983; Anderson, 1987) and the extent and distribution 

of fluids in a porous media (Morrow, 1990). Thus, in this work we have attempted to 

investigate the impact of reservoir wettability on CO2 dissolution in an aquifer. 

(Farokhpoor et al., 2013) have shown that the changes in the wettability condition of a 

reservoir rock could decrease the capillary entry pressure and consequently the sealing 

capability of the cap rock. They investigated the impact of pressure, temperature and salinity 

on the wettability of different minerals by measuring the contact angle. (Alnili et al., 2018) 

compared the wettability conditions of CO2-brine on porous sandstone and pure quartz. Their 

results show that the contact angle of porous sandstone is higher than for pure quartz due to 

the presence of pores in the sandstone. Moreover, the pressure, temperature and salinity 

have the same effect on pure quartz and sandstone as the contact angle increases with 

increasing pressure and temperature and decreases with increasing salinity. The water 

contact angle on the quartz surface under CO2 geological conditions was probed using 

experimental and molecular dynamic methods by Chen et al. (2015). Their results indicated 

that the water contact angle increases with ionic strength that the impact of pressure and 

temperature is very weak, and the dependence of the pressure, temperature and salinity is 

the same for monovalent and divalent ionic solutions. Sarmadivaleh et al. (2015) 

demonstrated the impact of pressure and temperature on quartz-CO2-brine contact angles. In 

their experiments the contact angle was zero under ambient conditions and increased 

significantly due to the increase in pressure and temperature, which indicated less residual 

and structural trapping at high pressures and temperatures. The effect of supercritical CO2 

injection on sandstone reservoirs was investigated by Valle et al. (2018). Their results showed 

that the petrophysical characteristics of the storage reservoir, the rock type and the state of 

the gas determines the distribution of the residual trapping in the reservoir. The results 

showed that the injection of supercritical CO2 into the reservoir can change the wettability of 

the reservoir rock towards CO2 wet condition.  

The results of wettability measurements in calcite is different to some extent compared with 

sandstone. Arif et al. (2017) investigated the wettability of calcite, which is the representative 

of limestone rocks, using contact angle measurements. Their results indicated that the calcite 

is strongly water wet at 0.1 MPa and 25 ˚C and it turns towards CO2 wet with the increase in 

pressure. At high pressure storage conditions, the wettability of the calcite surface changes 

towards slightly CO2 wet recalling a low structural and capillary trapping capability. The low 
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structural and capillary trapping ability caused the CO2 plume to move upwards easily and 

increases the risk of leakage. However, the contact angle decreased with the increase in 

temperature implying that the calcite surface had become more water wet and additionally, 

the system moved towards a more CO2 wet condition at high salinities. The wettability of 

calcite at storage conditions was investigated by Stevar et al. (2019). They measured both 

static and dynamic contact angles at temperatures between 298 to 373 K and pressures up to 

30 MPa. As observed above, they also found that the calcite surface became strongly water 

wet at ambient conditions and it could change to weakly CO2 wet at high pressures and low 

temperatures. 

Researchers have proposed different methods for calculation of relative permeability. A 

method was developed by Purcell (1949) to calculate the pore size distribution of a porous 

media from mercury injection capillary curves and this method was utilised to calculate the 

multiphase relative permeabilities. Burdine (1953) presented similar equations to Purcell’s 

method and introduced tortuosity as a function of wetting phase saturation. Another 

equation was presented by Corey (1954) based on the capillary pressure curves as a power 

law function of wetting phase saturation. Because of the limitations of the Corey’s method in 

presenting relative permeability curves for the wide saturation range, Brooks and Corey 

(1966) modified the equations for the relative permeability and included the pore size 

distribution index. 

As previously mentioned, the structural and capillary trapping capability of the formation will 

tend to decrease if the wettability changes towards CO2 wet. In this regard, Al-Anssari et al., 

2017a; Al-Anssari et al., 2017b) proposed changing the wettability of the formation to strongly 

water wet through the use of nano fluids in the oil wet reservoirs. In this regard, the idea of 

this present study is to inject CO2 and change the wettability towards a more favourable 

condition (here an Intermediate wet condition) to increase the CO2 solubility in the aquifer. 

Additionally, the impact of the temperature of the injected CO2 on wettability alteration and 

relative permeability curves modification for reservoir simulations is investigated for the first 

time in the literature. 

6.2 Numerical simulation 

The three-dimensional reservoir simulation model for studying CO2 injection into a saline 

aquifer was created by the ECLIPSE 300 through the CO2STORE option. The dimensions of the 

model are 1600m long, 800m wide and 140m thick and the main input data were adopted 
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from the UK Bunter sandstone formation in the work by Heinemann et al. (2012) (Figure 6.1). 

The mean horizontal permeability is 250 mD and the Kv/Kh is assumed to be 0.1 for the base 

case. The injection pressure should not exceed the fracture pressure of the formation rock 

and the caprock because any further increase beyond that limit will create fractures in the 

rock that will act as pathways for CO2 leakage to the surface. In this regard, the method 

presented by Brook et al. (2003) was used to calculate the fracture pressure of the formation: 

the maximum allowable reservoir pressure is 1.35 times hydrostatic pressure for a depth to 

1000 m and this factor will increase to 2.4 for an increase in depth from 1000 to 5000 m. We 

considered the bottom hole pressure constraint as 90% of the fracture pressure of the 

formation. In all the simulations only one injection well was considered. In the base case, pure 

CO2 was injected at a rate of 1 Mt/year through the injection pipe to the bottom of the 

formation for 20 years. CO2 injection was then stopped, and the simulation progressed for a 

further 100 years while the flow of fluids in the reservoir is as a result of the density differences 

alone. The details of the input data are presented in Table 6.1. 

Table 6.1: The input data for the simulation of the impact of wettability on CO2 solubility. 

Input Data Value 

Model size (m) 1600×800×140 

Mean Horizontal Permeability (mD) 250 

Porosity 0.18 

Kv/Kh Ratio of the base case 0.1 

Depth (m) 1500 

Rock Compressibility (1/bars) 5.56e-5 

Thickness (m) 140 

Injection rate (Mt/year) 1 

 

The perforated section of the well was 20 metres high from the bottom of the formation. The 

static model was considered to be completely saturated with brine and no free gas assumed 

to exist at the beginning of the simulation. Through the use of the Diffusion option, the CO2 
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was allowed to dissolve in the formation brine during and after injection. The model presented 

by Spycher et al. (2003) was used to calculate the CO2 dissolution in brine.  

As mentioned above, the wettability state of the formation directly impacts on the relative 

permeability, which also controls the distribution of fluids and plume migration in the porous 

media. In order to consider the five wettability conditions (i.e. SWW, WW, IW, CW and SCW) 

the relative permeability curves presented by Al-Khdheeawi et al. (2017a) were used in this 

study without considering the hysteresis effect. To create the relative permeability curves, 

they used the data provided by McCaffery and Bennion (1974). Then they used the Didger 

software (Golden Software Inc., 2013, Colorado) to digitize the curves and obtain the relative 

permeability values as a function of water saturation. They considered Swr less than 15% for 

CO2 wet systems and more than 25% for water wet systems. Furthermore, the Sw at which the 

relative permeability of the wetting phase and the non-wetting phase are equal is considered 

to be more than 50% for water wet systems and less than 50% for CO2 wet systems. Finally, 

the curves are fitted using the Van Genuchten-Maulem model (Van Genuchten, 1980; 

Mualem, 1976) and fed to the simulators. Table 6.2 shows the parameters used to make the 

relative permeability curves. 

Table 6.2: Parameters used to create the relative permeability curves (Al-Khdweahi et al., 

2017). 

 

 

 

This item has been removed due to 3rd Party Copyright. The 
unabridged version of the thesis can be found in the Lanchester 

Library, Coventry University. 
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Figure 6.1: Heterogeneity of horizontal permeability between 5 mD - 600 mD. 

6.3 Results and discussion 

In this section first the impact of wettability on CO2 solubility in the aquifer is investigated 

(Section 6.3.1). Then the specifications of the CaMI project are presented then the impact of 

temperature on the wettability profile in the reservoir is investigated using the temperature 

profile in the reservoir (Section 6.3.2). The impact of temperature on the relative permeability 

curves are also investigated using three relative permeability models (Van Genuchten-

Mualem, Purcell and Brooks and Corey). Then in Section 6.3.3 a reservoir model is built based 

on the temperature profile in a synthetic model. The impact of relative permeability 

modification on CO2 solubility in the reservoir is investigated using a commercial simulation 

software (i.e. ECLIPSE). 

6.3.1 Impact of wettability on CO2 solubility in the aquifer 

Our results show that the highest CO2 solubility belongs to the intermediate wet reservoir.  

Our results are not in agreement with those previously presented in the literature (Al-

Khdheeawi et al., 2017a). In the literature the highest mobility, and thus the CO2 solubility, 

belong to a CO2 wet reservoir due to the longest plume migration. However, it should be noted 

that the plume migration is mostly upwards which results in the creation of a CO2 plume under 

the caprock which causes the plume to be less in contact with fresh brine and consequently 
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the dissolution will decrease (Abbaszadeh and Shariatipour, 2018; Sifuentes et al., 2009a). 

With this in mind, our results show that the intermediate wet reservoirs exhibit the highest 

solubility among other wettability conditions (Figure 6.2). 

 

Figure 6.2: The impact of reservoir wettability on CO2 solubility. 

Figure 6.3 shows the amount of residually trapped CO2 in the reservoir. The strongly CO2 wet 

system has not trapped any CO2 because CO2 sticks to the pore walls and creates a uniform 

continuous layer on the pore walls. Whereas the strongly water wet system has the highest 

amount of residually trapped CO2 in the reservoir because CO2 will be trapped as a 

discontinuous phase due to the capillary pressure of the pore throats and the intermediate 

wet reservoir has a value between these two extremes. 
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Figure 6.3: Impact of wettability on the amount of trapped CO2. 

The impact of different injection rates on CO2 solubility in the aquifer is shown in Figure 6.4. 

As the injection rate increases the amount of dissolved CO2 in the brine is also seen to 

increase. Different injection rates were examined (i.e. 0.2 Mt/year, 1 Mt/year, 2 Mt/year) and 

the total amount of dissolved CO2 after 120 years is the highest for the intermediate wet 

system. It should be noted that the amount of dissolved CO2 in the aquifer for all the 

wettability states has the same trend. 

 

 

Figure 6.4: Impact of injection rate on CO2 solubility in the aquifer. 
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Figure 6.5 shows the impact of heterogeneity on the CO2 solubility in the aquifer for different 

wettability conditions. The plot shows that the heterogeneity increases the solubility of CO 2 

in the aquifer in all the wettability states. This can be attributed to the fact that heterogeneity 

causes CO2 to come in contact with more fresh brine in the aquifer (Abbaszadeh and 

Shariatipour, 2018).  

 

Figure 6.5: Impact of heterogeneity on CO2 solubility in the aquifer. 

Figure 6.6 demonstrates that even with the same system properties, the CO2 plume shape and 

movement in the reservoir is different in each wettability case. In the homogeneous and the 

heterogeneous cases all the properties of the system remain the same, respectively; however, 

the CO2 distribution in the reservoir and consequently the amount of dissolved CO2 is different 

in each case. 

 

Figure 6.6: The mole fraction of dissolved CO2 for different wettability conditions. (A) 

Homogeneous system. (B) Heterogeneous system. 
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6.3.2 Investigating the impact of wettability on CO2 solubility in a real field 

The British Geological Survey (BGS) has considered a field in Lincolnshire as a potential storage 

site near to future potential capture sites (i.e. Ferrybridge Power Station). The saline aquifer 

in this area locates in the Sherwood Sandstone Group with a Mercia Mudstone Group as the 

caprock (Smith et al., 2011). The dimensions of the model are 43 km * 33 km * 600 m thick 

and it is discretised to 96 *67 *15 grid blocks in X, Y and Z directions. The mean permeability 

for the storage formation is 500 mD and 0.005 mD for the low permeable cap rock layer. The 

ratio of vertical to horizontal permeability is considered to be 0.1 due to the sedimentation in 

this region. The original model is large with a top surface area of 1419 km2; thus, in this study 

a sector of the model was considered for the simulation. The injection formation has an initial 

pressure of 100 bars and temperature of 35 ˚C (Figure 6.7). 

 

Figure 6.7: The simulation model for the Lincolnshire field showing the pressure distribution. 

In order to investigate the impact of wettability on CO2 solubility five different relative 

permeability curves corresponding each wettability state is input to the model (Al-Khdheeawi 

et al., 2017). The results again show that the Intermediate wet system has the highest CO 2 

solubility in the brine (Figure 6.8). 
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Figure 6.8: The impact of wettability on CO2 solubility in the Lincolnshire field. 

6.4 Impact of temperature on the wettability in the Containment and Monitoring 

Institute geological CO2 storage project, Calgary, Canada 

In this part of the study the impact of temperature on the alteration of wettability using the 

Containment and Monitoring institute (CaMI) project in Canada is investigated. The aim of the 

CaMI project is to test different monitoring techniques for CO2 storage projects. Usually, CO2 

is injected into the formations with a depth greater than 800 metres to meet the supercritical 

state conditions. In the CaMI field research station, however, since the target formation of 

Phase 1 is located at a depth of 300 m (Figure 6.9), the CO2 is in the gas state. Due to the cold 

weather, CO2 is heated up to 40 ˚C to avoid icing and related injection problems. In this field 

the thickness of the target formation is 6 metres and there is a uniform geothermal 

temperature equal to 12.6 ˚C (Dongas and Lawton, 2014). 
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Figure 6.9: Schematic of well locations for different phases at CaMI project (FRS, 2017). 

It should be noted that the temperature difference between the injected CO2 and the 

reservoir’s geothermal temperature was the reason for choosing this project for investigating 

the impact of temperature on the wettability alteration of the reservoir rock. Bringing in mind 

that the wettability will change with temperature; thus, the temperature distribution in the 

reservoir will change the wettability condition in some parts of the formation and create a 

wettability profile. Solving the equations related to the temperature distribution in the porous 

media determines the temperature profile in the reservoir (Equation 6.1). Since the reservoir 

thickness is thin and the entire formation is perforated, the one-dimensional solution to 

Equation (6.1) with the constant temperature heat source in the wellbore is considered for 

the temperature profile in the reservoir (Lauwerier, 1955; Barends, 2010). Figure 6.10 shows 

the temperature profile for steady-state heat propagation in the reservoir considering both 

conduction and convection within the 100 m distance from the wellbore. It should be noted 

that there are two observation wells at 20 m (Obs. Well 1) and 30 m (Obs. Well 2) from the 

injection well, respectively in the CaMI project which are demonstrated in Figure 6.10. 

 
𝛿𝑇

𝛿𝑡
= 𝐷

𝛿2𝑇

𝛿𝑥2 − 𝑢
𝛿𝑇

𝛿𝑥
                                                                                                                             (6.1) 

This item has been removed due to 3rd Party Copyright. The unabridged version of the 
thesis can be found in the Lanchester Library, Coventry University. 
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where, D is the thermal diffusivity (m2/s) and u is the thermal convection velocity (m/s). 

Equation 6.1 is solved based on the following boundary conditions: 

𝑇(𝑥, 0) = 𝑇𝑖 ,        𝑥 ≥ 0  

𝑇(0, 𝑡) = 𝑇0,        𝑡 ≥ 0                        

𝛿𝑇

𝛿𝑥𝑥→∞
= 0,        𝑡 ≥ 0                                                                                                                       (5.2) 

 

Figure 6.10: Temperature profile within the reservoir. 

As already mentioned, the temperature changes in the reservoir change the wettability state 

of the formation rock. Since changes in the wettability have been investigated by measuring 

the contact angle (Farokhpoor et al., 2013), using the data provided by Alnili et al. (2018) we 

can consider the wettability profile in the reservoir with regard to distance from the wellbore 

in terms of contact angle. Figure 6.11 shows the contact angle profile in the reservoir against 

by the distance from the wellbore. 
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Figure 6.11: The contact angle profile in the reservoir. 

Figure 6.11 shows that as the CO2 is injected with a higher temperature than the formation 

geothermal temperature, it changes the wettability conditions of the formation towards a 

more CO2 wet condition while the CO2 front is moving in the formation. This situation causes 

less CO2 to be residually trapped by the capillary forces in the reservoir (Arif et al., 2017) and 

increases the risk of leakage. 

6.5 Impact of temperature on relative permeability curves 

As already mentioned, former studies show that the wettability changes with temperature. 

Additionally, the change in temperature can also change the relative permeability curves. 

Here, a new method for investigating the impact of temperature variation on the relative 

permeability curves is presented. In this method, by solving the equations related to the 

temperature distribution in the reservoir, the temperature profile in the reservoir can be 

calculated and consequently the wettability profile in the reservoir and different relative 

permeability areas can be determined.  

First, the relationship between the temperature and relative permeability is investigated. In 

this regard, the relative permeability curves which have been created based on the 

experiments at 102 bars and 19, 31, 38 and 41 ˚C are considered (Liu et al., 2010; Chen et al., 

2014). Then, the Van Genuchten-Mualem (VGM) model (Van Genuchten, 1980; Mualem, 

1976), Purcell model (Purcell, 1949) and Brooks and Corey (BC) model (Brooks and Corey, 
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1966) are fitted to the experimental data at each temperature. Then the Lamda (λ) factor of 

each formula is calculated at each temperature (Figure 6.12). It should be noted that for the 

experimental data used in this study no relationship between temperature and Lamda was 

detected for the BC relative permeability model for any λ>0 due to the poor match between 

the experimental data and the BC model. However, for a close match between other 

experimental data and the BC relative permeability model the same method can be applied. 

It should be pointed out that the irregular shape of the λ vs. T plot depends on the relative 

permeability experimental data which the plot is made of. Other sets of experimental data 

may create other shapes or trend between λ and T. Now the relative permeability curves can 

be created at any desired temperature by VGM and Purcell models and fed to the simulators. 

Equations 6.3 to 6.8 shows the VGM relative permeability model: 

𝐾𝑟𝑤 = √𝑆∗ {1 − (1 − [𝑆∗]
1

𝜆)
𝜆

}

2

        𝑖𝑓    𝑆𝑤 < 1                                                                      (6.3) 

𝐾𝑟𝑤 = 1           𝑖𝑓  𝑆𝑤 = 1                                                                                                                 (6.4) 

𝐾𝑟𝑔 = (1 − �̂�)
2

(1 − �̂�2)           𝑖𝑓    𝑆𝑔𝑟 > 0                                                                                (6.5) 

𝐾𝑟𝑔 = 1 − 𝐾𝑟𝑤           𝑖𝑓     𝑆𝑔𝑟 = 0                                                                                                 (6.6) 

and 

𝑆∗ = (𝑆𝑤 − 𝑆𝑤𝑟)/(1 − 𝑆𝑤𝑟)                                                                                                           (6.7) 

�̂� = (𝑆𝑤 − 𝑆𝑤𝑟)/(𝑆𝑤𝑟 − 𝑆𝑔𝑟)                                                                                                         (6.8) 

Where, Krg= gas relative permeability, Krw= water relative permeability, Sgr= gas residual 

saturation, Sw= water saturation, Swr= water residual saturation and λ= pore size distribution 

index (fitting parameter). 

The Purcell relative permeability model is presented by Equations 6.9 and 6.10:  

𝐾𝑟𝑤 = (𝑆∗)
2+𝜆

𝜆                                                                                                                                     (6.9) 

𝐾𝑟𝑔 = [1 − (𝑆∗)
2+𝜆

𝜆 ]                                                                                                                       (6.10) 
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and Brook and Corey relative permeability models are demonstrated by Equations 6.11 and 

6.12: 

𝐾𝑟𝑤 = (𝑆∗)
2+3𝜆

𝜆                                                                                                                                (6.11) 

𝐾𝑟𝑔 = (1 − 𝑆∗)2 [1 − (𝑆∗)
2+𝜆

𝜆 ]                                                                                                    (6.12) 

 

Figure 6.12: Lambda (λ) vs Temperature: (A) VGM Model (B) Purcell Model. 

In order to validate this method, the experimental data presented by Chen et al. (2014) was 

used to create the relative permeability curves at 102 bars and 20 ˚C. The λ factor at the 

temperature of 20 ˚C is read from Figure 6.12 for each model and then the corresponding 

wetting phase relative permeability curve is created and compared to the relative 

permeability curve presented by Chen et al. (2014). The results show that this method can 

accurately predict the wetting phase relative permeability curve (Figure 6.13). However, as 

can be seen the BC model does not create a good match with the experimental data and this 

is the reason why there is no relationship between Lambda and the temperature for BC model. 
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Figure 6.13: Prediction of experimental relative permeability values by the relative 

permeability models. 

It is already known that if CO2 is injected with a temperature higher than the temperature of 

the formation there will be a temperature profile in the reservoir based on the heat 

conduction and convection of the CO2 plume in the reservoir. For example, Figure 6.10 shows 

the temperature profile in a typical reservoir when the CO2 is injected at a temperature of 40 

˚C and the reservoir temperature is 12.6 ˚C. This temperature profile will result in a relative 

permeability profile in the reservoir based on the temperature of the formation at that point.  

As discussed, the relative permeability is temperature dependent, therefore; the relative 

permeability curve changes continuously in a reservoir where the temperature is changing. In 

other words, the relative permeability curve will change at the CO2 plume front in the reservoir 

and this should be considered in the reservoir simulations. In this regard, the λ factor must be 

read at each temperature from the Lambda-Temperature curve and the corresponding 

relative permeability curve is created using the desired relative permeability model. This 

formula is updated based on the temperature progress in the reservoir. Below, three sample 

relative permeability curves at three temperatures of 20 ˚C, 25 ˚C and 30 ˚C, respectively  are 

shown which has been created based on the above method and the VGM model. The λ is 

equal to 1.15, 1.28 and 1.36 at the temperatures of 20 ˚C, 25 ˚C and 30 ˚C, respectively. The 

resulting curves are presented in Figure 6.14. 
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Figure 6.14: Relative permeability curves at different temperatures based on VGM model. 

Figure 6.15 shows the three sample relative permeability curves based on the Purcell model 

at three temperatures of 20 ˚C, 25 ˚C and 30 ˚C. The λ factor is 1.88, 2.81 and 3.53 at the 

temperatures of 20 ˚C, 25 ˚C and 30 ˚C, respectively. 

 

Figure 6.15: Relative permeability curves at different temperatures based on Purcell model. 

In order to see the impact of this phenomena in practice, a synthetic simulation model has 

been made based on the reservoir properties of the CaMI project (Yu et al., 2019) by ECLIPSE 

300 through CO2STORE option combined with THERMAL option. The dimensions of the model 
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are 100m long, 40m wide and 6m thick. The horizontal permeability is 0.27 mD and the Kv/Kh 

is assumed to be 0.1 for the base case. The injection pressure should not exceed the fracture 

pressure of the formation rock and the caprock because any further increase beyond that limit 

will create fractures in the rock that will act as pathways for CO2 leakage to the surface. In this 

regard, the method presented by Brook et al. (2003) was used to calculate the fracture 

pressure of the formation: the maximum allowable reservoir pressure is 1.35 times 

hydrostatic pressure for a depth to 1000 m and this factor will increase to 2.4 for an increase 

in depth from 1000 to 5000 m. We considered the bottom hole pressure constraint as 90% of 

the fracture pressure of the formation. In all the simulations only one injection well was 

considered. In the base case, pure CO2 was injected at a rate of 500 Kg/day through the 

injection pipe to the bottom of the formation for 6 months. The details of the input data are 

presented in Table 6.3. 

Table 6.3: Input data for simulating CaMI CO2 injection project. 

Input Data Value 

Model size (m) 100×40×6 

Horizontal Permeability (mD) 0.27 

Porosity 0.18 

Kv/Kh Ratio  0.1 

Depth (m) 300 

Rock Compressibility (1/bars) 5.56e-5 

Thickness (m) 6 

Initial Reservoir Temperature (˚C) 12.6 

Injection rate (kg/day) 500 

Injection Temperature (˚C) 40 
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All the reservoir thickness was considered to be perforated. The static model was considered 

to be completely saturated with brine and no free gas assumed to exist at the beginning of 

the simulation. Through the use of the Diffusion option, the CO2 was allowed to dissolve in 

the formation brine during and after injection. The model presented by Spycher et al. (2003) 

was used to calculate the CO2 dissolution in brine.  

Then the reservoir is divided into 4 different temperature regions by distance from the 

wellbore and a relative permeability curve is allocated to each region based on the 

hypothetical mean temperature of that region (Figure 6.16). 

 

Figure 6.16: The division of the reservoir into 4 temperature regions. 

Because the CO2 plume moves approximately 30 metres away from the injector in the 

reservoir during the first 6 month (Figure 6.10), therefore the reservoir would experience 

different temperature profiles as the CO2 moves away from the injector. Thus, the reservoir is 

divided into two main parts. Part one is where there are three sections at 10, 20 and 30 metres 

away from the injector with temperatures of 40, 30 and 20 ˚C respectively. Part two is where 

the temperature remains the same as the geothermal temperature of the reservoir (12.6 ˚C). 

It should be noted that here we do not update the relative permeability curves based on the 

time. The relative permeability curves are only considered based on the location from the 

wellbore. In this regard, the amount of dissolved CO2 in the brine for the current method that 

divided the reservoir into four regions based on the VGM model and the Purcell model in 

comparison to considering one relative permeability curve for the reservoir is as follows: 

Injection
well
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Well 1

Obs.
Well 2
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40 ˚C 30 ˚C 20 ˚C 12.6 ˚C
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Figure 6.17: Comparison between dividing the reservoir into 4 regions and considering the 

reservoir as one region. 

Figure 6.17 shows as the reservoir is divided into four regions the simulation shows a higher 

CO2 solubility in the aquifer in comparison to considering the reservoir as one region and 

allocate one relative permeability to it. The figure also shows that the system with the Purcell 

relative permeability model demonstrates higher CO2 solubility in the aquifer compared with 

the system with the VGM relative permeability model. This is due to the wider distribution of 

CO2 plume in the reservoir during the same time when the Purcell relative permeability model 

is input to the simulation (Figure 6.18). The wider distribution of CO2 can be attributed to the 

higher gas relative permeability values in the Purcell model for the same value of water 

saturation. 
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Figure 6.18: CO2 distribution in the reservoir during 6 months of injection: (A) VGM model 

(B) Purcell model. 

6.6 Conclusion 

Injecting CO2 into a reservoir with a higher temperature than the reservoir geothermal 

temperature can change the wettability of the formation rock towards CO2 wet system which 

may increase the risk of leakage. Additionally, the relative permeability curves will also change 

as the CO2 plume moves into the reservoir. The results show that updating and modifying the 

relative permeability curves based on the temperature distribution in the reservoir can change 

the amount of dissolved CO2 in the reservoir and this issue must be considered in the reservoir 

simulations. The relative permeability model which has been used to model the relative 

permeability of the system has major impact on the CO2 plume distribution and the amount 

of dissolved CO2 in the aquifer. 
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Chapter 7: Monitoring of CO2 plume migration using the 
temperature detection in the Basal Belly River 
formation, Alberta, Canada 
 

7.1 Introduction 

The concentration of carbon dioxide in the atmosphere has increased up to 45% over the 

industrial revolution and may cause a 1-2˚C increase in the temperature (Bachu, 2008; Metz 

et al., 2005). Most of the carbon dioxide emitted is from the power plants and refineries. To 

mitigate the concentration of CO2 in the atmosphere, different methods have been presented. 

Geological storage of CO2 is considered as the most efficient way of decreasing the 

concentration of CO2 and tackling global warming. Monitoring programs are deployed to CO2 

storage projects to ensure the risk of leakage is minimal. Using of monitoring techniques we 

can also trace the movement of CO2 in the reservoir and correct the reservoir models (Boait 

et al., 2015; Rütters et al., 2013). There are several monitoring techniques that can be applied 

to the CO2 injection and storage projects: geochemical monitoring, well logging, 3D seismic 

imaging, electromagnetic monitoring, gravity and pressure and temperature detection 

(Rütters et al., 2013; Boait et al., 2015).  

One of the issues in the CO2 injection in saline aquifers is the non-isothermal effects caused 

by the temperature difference between the injected CO2 and the formation’s temperature, 

cooling of CO2 due to expansion to a lower pressure formation (Joule-Thomson effect) and the 

heat of CO2 dissolution in brine. Temperature is a crucial parameter for the CO2 storage 

projects in aquifers, because along with pressure it determines the phase behaviour of CO2-

brine combinations (Ivanova et al., 2013). When CO2 is propagating in the porous media, it 

will transport the heat energy by convection and also the CO2 plume will act as a source of 

heat which can transfer the heat by a diffusive process called conduction (Bielinski et al., 

2008). If there is a monitoring well located at a distance to the injection well having the 

temperature sensors installed in the length of it, this could be an efficient way to trace the 

CO2 plume movement in the reservoir. This can happen using the technology of Distributed 

Temperature Sensing (DTS) which are located behind the borehole casing and are connected 

to each other and to the surface by optical fibres (Giese et al., 2009; Würdemann et al., 2010; 

Liebscher et al., 2013).  

One example of using distributed temperature sensing in a geological CO2 storage project is 

the CO2SINK project in Germany where CO2 was injected in the Stuttgart formation at the 
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depth of 650 m where the geothermal temperature is around 35 ˚C. In CO2SINK project, 

several methods of monitoring techniques were applied. In general, the main purpose of 

Ketzin project was to investigate different ways of monitoring technologies (Würdemann et 

al., 2010). Distributed temperature sensors were located behind the casing facing the 

formation to observe the temperature distribution by CO2 plume. At the injection site, three 

wells are located. One injection-observation well (Ktzi 201) and two observation wells (Ktzi 

200 and 202) which are located at 50 m and 112 m to the injection-observation well (Liebscher 

et al., 2013). The injection started in 2008 and ceased in 2013; however, the concept of 

monitoring is still ongoing to see the fate of CO2 plume even after the injection stops.  

In general, there are two different active mechanisms in heat transfer in porous media namely 

heat conduction and heat convection:  

1) Heat conduction: which is the mechanism of heat transfer due to the temperature 

difference between the neighbouring particles (Kaviany, 2012). The heat transfer by 

conduction is calculated by the Fourier’s equation. The transient heat transfer equation can 

be derived by writing an energy balance on a control volume using the Fourier law, which is 

called the heat diffusion equation: 

∇. (𝐾∇𝑇) + 𝑄 = 𝜌𝑐
𝛿𝑇

𝛿𝑡
                                                                                                                      (7.1) 

Where, Q is the rate of heat generation, K is the thermal conductivity of the reservoir and fluid 

(W/m.˚C), ρ is the density (kg/m3) and c is the specific heat capacity of the fluid (J/Kg.˚C). 

2) Heat convection: which is the mechanisms of heat transfer by the movement of the fluid 

itself (Irani and Ghannadi, 2013) in which the velocity can be calculated using the Darcy 

equation: 

𝑞𝑣 = 𝜌𝑓 𝑐𝑓𝑉(𝑇 − 𝑇𝑟)                                                                                                                         (7.2) 

Where, qv is the heat transfer by convection, ρf is the fluid density (kg/m3), cf is the specific 

heat capacity of the injection fluid (J/Kg.˚C) and Tr is the reservoir temperature (˚C).  

Equation 7.2 can be added to Equation 7.1 to model the heat transfer of a moving fluid. If 

Equation 7.1 is only considered, the heat transfer by a static heat source is calculated; 

however, in order to calculate the heat transfer by a moving heat source (CO 2 plume) the 

conduction-convection heat equation must be considered, equation 7.3. 
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∇. (𝐾∇𝑇) − ∇. (𝜌𝑓𝑐𝑓𝑉(𝑇 − 𝑇𝑟)) + 𝑄 = 𝜌𝑐
𝛿𝑇

𝛿𝑡
                                                                             (7.3) 

The purpose of this paper is to investigate the temperature profile through the well and in the 

reservoir in the Containment and Monitoring Institute (CaMI) Field Research Station, Canada. 

The containment and monitoring institute field research station, is a field which is located 25 

Km southwest of Brooke, Alberta (Lawton et al., 2017). The project is comprised of three 

phases, Phase 0 which is the baseline measurement, Phase 1 which is the injection and 

monitoring of CO2 in the depth of 300 m and Phase 2 which is the injection and monitoring in 

the depth of 500 m. A CO2 injection well is drilled to operate with an injection rate of 1000 

t/year in the Basal Belly River sandstone formation. Different measurement, monitoring and 

verification technologies have been applied in this field such as Distributed Acoustic Sensors 

(DAS), 3D seismic surveys and Distributed Temperature Sensors (DTS). DTS are installed down 

to the depth of 280 m. Vertical temperature profile is measured by the DTS fibre installed in 

the injection well. The pressure and temperature gauges are installed at the depth of 257 m 

and 267 m; they show a temperature drop at these depths sometime during injection (Figure 

7.1).  

Figure 7.1: The schematic of the target formation, the DTS cable and pressure gauges (Jafari 

Raad et al., 2021). 

The temperature drop is attributed to the phase change (changing from gas to liquid) at the 

down hole of this well. Therefore, the modelling of temperature and pressure in the well 

shows that the state of CO2 changes from gas to liquid at the downhole as the injection 

progresses and the state of CO2 gets close to the phase boundary between gas and liquid 

This item has been removed due to 3rd Party Copyright. The unabridged 
version of the thesis can be found in the Lanchester Library, Coventry 

University. 
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(Figure 7.2) and then CO2 is turned to gas again in the reservoir as it propagates in the 

reservoir. In this regard, the focus of this study is to investigate the temperature profile in the 

length of the well and also plume migration in the reservoir by the use of temperature 

distribution in the aquifer. 

Figure 7.2: The pressure (a) and temperature (b) change based on the depth (Jafari Raad et 

al., 2021). 

7.2 Model description 

Usually CO2 is injected to the formations with a depth higher than 800 meter which results in 

CO2 to have a supercritical state. However, in the CaMI field research station since the target 

formation of the phase 1 is located at the depth of 300 m the CO2 is in the gas condition. Due 

to the cold weather, CO2 is heated up to 40 ˚C to avoid ice and related injection problems. It 

should be noted that in this field the thickness of the target formation is 6 meter and there is 

a uniform geothermal temperature equal to 12 ˚C (Dongas and Lawton, 2014). Since the 

reservoir thickness is low and all the thickness of the formation is perforated, the one-

dimensional solution to the equation 7.3 with the constant temperature heat source in the 

wellbore is considered for the temperature profile in the reservoir (Lauwerier, 1955; Barends, 

2010). On the other hand, the knowledge of the temperature distribution in the flowing well 

is of great importance to calculate the temperature of the CO2 at the bottom of the well. 

Several models have been already proposed by different researchers to investigate the non-

isothermal temperature distribution in the well. Some of them have been solved numerically 

to predict the temperature at different depths (Hagoort, 2005; Lu and Connell, 2008; Han et 

al., 2010) which is inconvenient and time consuming and some have been correlated (Ramey 

Jr, 1962; Alves et al., 1992; Sagar et al., 1991; Shiu and Beggs, 1980). Here first we have to 

calculate the temperature profile in the tubing down to the target formation (Basal Belly River, 

This item has been removed due to 3rd Party Copyright. The unabridged version of the thesis 
can be found in the Lanchester Library, Coventry University. 
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Figure 7.1) then the temperature profile in the reservoir is calculated based on the 

temperature achieved in the downhole.  

In this regards, the method presented by Sagar et al. (1991) is utilized to predict the 

temperature at different depths and the results are compared to the temperature data 

measured by the Distributed Temperature Sensors (DTS) through optical fibres cables in the 

length of the well. Then by the use of the calculated temperature, the thermal conductivity of 

the formation is calculated and the temperature distribution in the reservoir is predicted. 

The energy equation for fluid flow through a homogeneous and isotropic porous medium can 

be derived by the use of the first law of thermodynamic. For simplicity, the radiative effects, 

viscous dissipation and the work done by pressure changes is negligible (Bejan and Kraus, 

2003).  

For most cases it is acceptable to assume there is local thermal equilibrium where Ts=Tf, where 

Ts and Tf are the temperatures of solid and fluid phases, respectively. A further assumption is 

that there is a parallel conduction heat transfer is happening in the solid and fluid phases, so 

there is no net heat transfer from one phase to another. Taking the average over an elemental 

volume of the porous medium, we have the following energy equations for solid and fluid 

phases (Nield and Bejan, 2006):  

(1 − 𝛷)𝜌𝑠𝑐𝑠
𝛿𝑇𝑠

𝛿𝑡
= (1 − 𝛷)∇. (𝐾𝑠∇𝑇𝑠) + (1 − 𝛷)𝑄𝑠                                                                  (7.4) 

𝛷𝜌𝑓𝑐𝑓
𝛿𝑇𝑓

𝛿𝑡
+ 𝜌𝑓 𝑐𝑓𝑉. ∇𝑇𝑓 = 𝛷∇. (𝐾𝑓∇𝑇𝑓) + 𝛷𝑄𝑠                                                                         (7.5) 

Where, the subscripts s and f are referred to the solid and fluid, respectively; ρ is density, 

Kg/m3; c is the specific heat capacity, J/Kg.K; Φ is the porosity of the reservoir, fraction; Q is 

the rate of heat generation per unit volume, W/m3; V is the darcy velocity, m/s; K is the 

thermal conductivity, W/m.K; and T is the temperature, K. 

The conductive heat flux through the solid is Ks∇Ts, and thus, ∇.(Ks∇Ts) is the net rate of heat 

conduction into a unit volume of the solid. In equation 7.4 it appears multiplied by the factor 

(1-Φ), which is the ratio of the cross-section area occupied by solid to the total cross section 

area of the medium. The other two terms in equation 7.4 also have the factor (1-Φ), because 

this is also the ratio of volume occupied by solid to the total volume of the element. In 

equation 7.5 there appears a convective term, due to the velocity of the fluid. It is recognized 

that V∇Tf is the rate of change of temperature in the elemental volume due to the convection 
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of fluid into it, so that it is multiplied by ρfcf, must be the rate of change of thermal energy, 

per unit volume of the fluid due to convection (Nield and Bejan, 2006; Yu, 2014) 

Using the assumption of local thermal equilibrium, Ts=Tf, and adding equation 7.4 and 7.5 

yields:  

𝜌𝑐
𝛿𝑇

𝛿𝑡
+ 𝜌𝑓𝑐𝑓 𝑉. ∇𝑇 = ∇. (𝐾∇𝑇) + 𝑄                                                                                              (7.6) 

Where, ρc, K, V and Q are the overall volumetric heat capacity, J/m3.K; overall thermal 

conductivity, W/m.K; Darcy’s velocity of the injected fluid, m/s; and overall rate of heat 

generation per unit volume of the porous medium, w/m3, respectively. All these parameters 

are defined as follows:  

𝜌𝑐 = (1 − 𝛷)𝜌𝑠 𝑐𝑠 + 𝛷𝜌𝑓 𝑐𝑓                                                                                                            (7.7) 

𝐾 = (1 − 𝛷)𝐾𝑠 + 𝛷𝐾𝑓                                                                                                                    (7.8) 

𝑉 = −
𝑘

𝜇
∇𝑃                                                                                                                                        (7.9) 

𝑄 = (1 − 𝛷)𝑄𝑠 + 𝛷𝑄𝑓                                                                                                                  (7.10) 

Assuming the medium is homogeneous (having a spatially constant value of thermal 

conductivity) then the equation 7.6 may be further simplified as:  

𝛿𝑇

𝛿𝑡
=

𝐾

𝜌𝑐
∇2𝑇 +

𝜌𝑓𝑐𝑓

𝜌𝑐
𝑉. ∇𝑇 +

𝑄

𝜌𝑐
                                                                                                    (7.11) 

Here two important parameters are introduced: thermal diffusivity of the reservoir-fluid 

system and the thermal convection velocity of the fluid: 

𝐷 =
𝐾

𝜌𝑐
                                                                                                                                               (7.12) 

𝑢 =
𝜌𝑓𝑐𝑓

𝜌𝑐
𝑉                                                                                                                                        (7.13) 

Then the energy balance equation will become: 

𝛿𝑇

𝛿𝑡
= 𝐷∇2𝑇 + 𝑢. ∇𝑇 +

𝑄

𝜌𝑐
                                                                                                                (7.14) 
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And neglecting internal heat generation, i.e. Q=0; the energy balance equation is a typical 

convection-diffusion equation: 

𝛿𝑇

𝛿𝑡
= 𝐷∇2𝑇 + 𝑢. ∇𝑇                                                                                                                       (7.15) 

7.3 Mathematical Model 

Under steady flow conditions, the pressure gradient between the injected fluid zone and the 

aquifer zone that determines thermal convection velocity of fluid is constant, which means 

constant thermal convection velocity in steady flow. The thermal diffusivity of the aquifer is 

assumed to be constant. 

The partial differential equation (PDE) describing one-dimensional heat transfer under steady 

fluid flow conditions is taken as: 

𝛿𝑇

𝛿𝑡
= 𝐷

𝛿2𝑇

𝛿𝑥2 − 𝑢
𝛿𝑇

𝛿𝑥
                                                                                                                              (7.16) 

where thermal diffusivity D and thermal convection velocity u are constant coefficients, and 

0≤x<∞, 0≤t<∞. 

6.3.1 Initial condition 

The general initial condition is: 

𝑇(𝑥, 0) = 𝐹(𝑥)          𝑥 ≥ 0                                                                                                           (7.17) 

where F(x) can take several forms, such as a constant value, an exponentially increasing or 

decreasing function with distance. 

7.3.2 Boundary conditions 

For the upper boundary condition at x=0, two different general boundary conditions are 

applied in our models (Genuchten, Alves 1982): 

𝑇(0, 𝑡) = 𝐺(𝑡)           𝑡 ≥ 0                                                                                                            (7.18) 

where G(t) also can take on several distributions, such as a constant value, a pulse-type 

distribution, or an exponentially increasing or decreasing function with time. 
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For the lower boundary condition at x=∞, zero heat flow boundary (zero temperature 

gradient) is applied: 

𝛿𝑇

𝛿𝑥
|
𝑥→∝

= 0            𝑡 ≥ 0                                                                                                                 (7.19) 

7.4 Analytical solution 

The objective is to characterize the temperature as a function of distance and time. For 

convenience, mathematical model is first reduced to the dimensionless form by introducing 

dimensionless variables. Then variable transformation is performed to simplify the 

convection-diffusion equation to the diffusion equation which can be solved more easily. After 

that, Laplace transformation is applied to derive the analytical solution in Laplace domain. And 

using the table of Laplace transformations in the Appendix A, the solution in Laplace domain 

can be converted to dimensionless solution in real time domain. Finally, substituting the 

variable transformation and dimensionless variables back to dimensionless solution, the final 

analytical solution is obtained. In this regard, the solution to the equation 6.16 for a 

continuous CO2 injection with constant temperature in the wellbore is (Yu and Zhao, 2016): 

𝛿𝑇

𝛿𝑡
= 𝐷

𝛿2𝑇

𝛿𝑥2 − 𝑢
𝛿𝑇

𝛿𝑥
                                  

𝑇(𝑥, 0) = 𝑇𝑖           𝑥 ≥ 0                        

𝑇(0, 𝑡) = 𝑇0           𝑡 ≥ 0                         

𝛿𝑇

𝛿𝑥
|
𝑥→∝

= 0            𝑡 ≥ 0                                                                                                                 (7.20) 

Where, Ti is the initial temperature of the reservoir and T0 is the temperature of the injected 

fluid. 

For convenience in solving the problem, the partial differential equation system and solution 

are often expressed in dimensionless form. Hence, the following dimensionless variables are 

defined as follows: 

𝑇𝐷 =
𝑇−𝑇𝑖

𝑇0−𝑇𝑖
                                                                                                                                         (7.21) 

𝑥𝐷 =
𝑢𝑥

𝐷
                                                                                                                                             (7.22) 
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𝑡𝐷 =
𝑢2𝑡

𝐷
                                                                                                                                            (7.23) 

Rewriting the above three equations in the following forms: 

 𝑇 = 𝑇𝑖 + 𝑇𝐷(𝑇0 − 𝑇𝑖 )                                                                                                                    (7.24) 

𝑥 =
𝐷

𝑢
𝑥𝐷                                                                                                                                                            (7.25) 

𝑡 =
𝐷

𝑢2 𝑡𝐷                                                                                                                                            (7.26) 

Performing the partial differentials, the space and time derivatives are obtained: 

𝜕𝑇

𝜕𝑥
=

𝜕[𝑇𝑖+𝑇𝐷(𝑇0−𝑇𝑖)]

𝜕[
𝐷
𝑢

𝑥𝐷]
=

(𝑇0−𝑇𝑖)𝜕𝑇𝐷
𝐷

𝑢
𝜕𝑥𝐷

=
𝑢(𝑇0−𝑇𝑖)

𝐷

𝜕𝑇𝐷

𝜕𝑥𝐷
                                                                      (7.27) 

𝜕2𝑇

𝜕𝑥2 =
𝜕

𝜕𝑥
(

𝜕𝑇

𝜕𝑥
) =

𝜕[
𝑢(𝑇0−𝑇𝑖)

𝐷

𝜕𝑇𝐷
𝜕𝑥𝐷

]

𝜕[
𝐷

𝑢
𝑥𝐷]

=
𝑢2(𝑇0−𝑇𝑖 )

𝐷2

𝜕2𝑇𝐷

𝜕𝑥𝐷
2                                                                           (7.28) 

𝜕𝑇

𝜕𝑡
=

𝜕[𝑇𝑖+𝑇𝐷 (𝑇0−𝑇𝑖)]

𝜕[
𝐷

𝑢2𝑡𝐷]
=

(𝑇0−𝑇𝑖)𝜕𝑇𝐷
𝐷

𝑢2𝜕𝑡𝐷

=
𝑢2(𝑇0−𝑇𝑖 )

𝐷

𝜕𝑇𝐷

𝜕𝑡𝐷
                                                                     (7.29) 

Substituting Equations 6.21 – 6.29 into mathematical formulations 6.20, the dimensionless 

form of the mathematical model is obtained: 

𝜕𝑇𝐷

𝜕𝑡𝐷
=

𝜕2𝑇𝐷

𝜕𝑥𝐷
2 −

𝜕𝑇𝐷

𝜕𝑥𝐷
                                                                                                                             (7.30) 

𝑇𝐷(𝑥𝐷, 0) = 0                                                                                                                                   (7.31) 

𝑇𝐷(0, 𝑡𝐷) = 1                                                                                                                                   (7.32) 

𝜕𝑇𝐷

𝜕𝑥𝐷
|

𝑥𝐷 →∝
= 0                                                                                                                                   (7.33) 

7.4.1 Transformation of dependent variable 

To reduce the convection-diffusion equation to the diffusion equation which can be solved 

more easily, a new dependent variable is introduced by the following variable 

transformation (Ogata, Banks 1961, Farlow 1993): 

𝑇𝐷(𝑥𝐷, 𝑡𝐷) = 𝑒
2𝑥𝐷−𝑡𝐷

4 𝐾(𝑥𝐷, 𝑡𝐷)                                                                                                   (7.34) 
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Performing the partial differentials, the space and time derivatives are obtained: 

𝜕𝑇𝐷

𝜕𝑡𝐷
= 𝑒

2𝑥𝐷−𝑡𝐷
4  (

𝜕𝐾

𝜕𝑡𝐷
−

1

4
𝐾)                                                                                                           (7.35) 

𝜕𝑇𝐷

𝜕𝑥𝐷
= 𝑒

2𝑥𝐷−𝑡𝐷
4  (

𝜕𝐾

𝜕𝑥𝐷
+

1

2
𝐾)                                                                                                          (7.36) 

𝜕2𝑇𝐷

𝜕𝑥𝐷
2 = 𝑒

2𝑥𝐷−𝑡𝐷
4  (

𝜕2𝐾

𝜕𝑥𝐷
2 +

𝜕𝐾

𝜕𝑥𝐷
+

1

4
𝐾)                                                                                             (7.37) 

Substituting Equations 7.35 – 7.37 into Equation 7.30 gives: 

𝜕2𝐾

𝜕𝑥𝐷
2 =

𝜕𝐾

𝜕𝑡𝐷
                                                                                                                                          (7.38) 

Substituting Equations 7.34 and 7.36 into Equations 7.31 – 7.33, the initial and boundary 

conditions are transformed to: 

𝐾(𝑥𝐷, 0) = 0                                                                                                                                    (7.39) 

𝐾(0, 𝑡𝐷) = 𝑒
𝑡𝐷
4                                                                                                                                  (7.40) 

(
𝜕𝐾

𝜕𝑥𝐷
+

1

2
𝐾)|

𝑥𝐷→∝
= 0                                                                                                                   (7.41) 

6.4.2 Laplace transformation 

Applying Laplace transformation on Equations 7.38 – 7.41, the following ordinary boundary 

value problem (BVP) is obtained: 

𝑑2�̅�

𝑑𝑥𝐷
− 𝑠𝐾(𝑥𝐷, 𝑠) = 0                                                                                                                       (7.42) 

𝐾(0, 𝑠) =
1

𝑠−
1

4

                                                                                                                                    (7.43) 

(
𝑑𝐾

𝑑𝑥𝐷
+

1

2
𝐾)|

𝑥𝐷→∝
= 0                                                                                                                   (7.44) 

Where 𝐾(𝑥𝐷, 𝑠) = ∫ 𝐾(𝑥𝐷, 𝑡𝐷)𝑒−𝑠𝑡𝐷𝑑𝑡𝐷
∝

0  and s is the Laplace parameter. 

The characteristic equation (Zwillinger, 1998) of ordinary differential equation (ODE) 7.42 is: 

𝑟2 − 𝑠 = 0                                                                                                                                        (7.45) 
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The characteristic roots are obtained: 

𝑟1 = √𝑠,    𝑟2 = −√𝑠                                                                                                                       (7.46) 

Then, the general solution (Zwillinger, 1998) to the homogeneous ODE 6.42 is: 

𝐾(𝑥𝐷, 𝑠) = 𝐶1𝑒𝑥𝐷 √𝑠 + 𝐶2𝑒𝑥𝐷−√𝑠                                                                                                                  (7.47) 

Applying the general solution 6.47 to Equations 6.43 and 6.44 gives: 

𝐶1 = 0                                                                                                                                               (7.48) 

𝐶2 =
1

𝑠−
1

4

                                                                                                                                            (7.49) 

Then, the solution of the ordinary boundary value problem in Laplace domain is: 

𝐾(𝑥𝐷, 𝑠) =
𝑒−𝑥𝐷√𝑠

𝑠−
1

4

                                                                                                                            (7.50) 

7.4.3 Inverse Laplace transformation 

Based on (K. Yu 2014) the following inverse Laplace transformation is given: 

𝐿−1 [
𝑒−𝑥𝐷√𝑠

𝑠−
1

4

] =
1

2
[𝑒

𝑡𝐷−2𝑥𝐷
4 𝑒𝑟𝑓𝑐 (

𝑥𝐷 −𝑡𝐷

2√𝑡𝐷
) + 𝑒

𝑡𝐷+2𝑥𝐷
4 𝑒𝑟𝑓𝑐 (

𝑥𝐷+𝑡𝐷

2√𝑡𝐷
)]                                          (7.51) 

Applying the inverse Laplace transformation to equation 6.50 gives: 

𝐾(𝑥𝐷, 𝑡𝐷) = 𝐿−1 [
𝑒−𝑥𝐷√𝑠

𝑠−
1

4

] =
1

2
[𝑒

𝑡𝐷−2𝑥𝐷
4 𝑒𝑟𝑓𝑐 (

𝑥𝐷−𝑡𝐷

2√𝑡𝐷
) + 𝑒

𝑡𝐷+2𝑥𝐷
4 𝑒𝑟𝑓𝑐 (

𝑥𝐷 +𝑡𝐷

2√𝑡𝐷
)]                   (7.52) 

Substituting equation 6.52 into equation 6.34 gives: 

𝑇𝐷(𝑥𝐷, 𝑡𝐷) =
1

2
[𝑒𝑟𝑓𝑐 (

𝑥𝐷−𝑡𝐷

2√𝑡𝐷
) + 𝑒𝑥𝐷𝑒𝑟𝑓𝑐 (

𝑥𝐷+𝑡𝐷

2√𝑡𝐷
)]                                                                (7.53) 

Recalling the dimensionless variables defined in Equations 7.21– 7.23, the solution to the 

equation 7.20 for a continuous CO2 injection with constant temperature in the wellbore is (K. 

Yu, Zhao 2016): 

𝑇(𝑥, 𝑡) = 𝑇𝑖 +
1

2
(𝑇0 − 𝑇𝑖 ) [𝑒𝑟𝑓𝑐 (

𝑥−𝑢𝑡

2√𝐷𝑡
) + 𝑒

𝑢𝑥

𝐷 𝑒𝑟𝑓𝑐 (
𝑥+𝑢𝑡

2√𝐷𝑡
)]                                                  (7.54) 
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Where, Ti is the initial temperature of the reservoir, T0 is the downhole CO2 temperature. By 

considering Equation 7.54, the temperature distribution in the reservoir due to the movement 

of CO2 plume in the aquifer is calculated. It should be noted that the parameters ρc and K 

which are already presented are calculated as follows: 

𝜌𝑐 = (1 − 𝛷)𝜌𝑠 𝑐𝑠 + 𝛷𝜌𝑓 𝑐𝑓                                                                                                          (7.55) 

𝐾 = (1 − 𝛷)𝐾𝑠 + 𝛷𝐾𝑓                                                                                                                  (7.56) 

And for calculating the Darcy velocity, the Darcy equation for the flow of fluid in a linear steady 

state condition is utilised (Ahmed and McKinney, 2011): 

Table 7.1 shows the input data for the analytical calculation and the numerical simulations. 

Table 7.1: the input parameters in the analytical models. 

Input parameter Input value 

Porosity 0.18 

Horizontal permeability (mD) 0.27 

Reservoir Pressure (barsa) 30 

Injection Pressure (barsa) 47 

Initial reservoir temperature Ti (˚C) 12 

Injection temperature T0 (˚C) 40 

Thermal conductivity (W/m.˚C) 2.35 

  

7.5 Results and discussion 

In this section, the results of temperature distribution first in the well and then in the reservoir 

is investigated. Figure 7.3 shows the calculated temperature profile in the tubing and its 

comparison with the measured temperature along the well by DTS. The results show that the 

temperature profile calculated by the analytical model can predict the temperature 

distribution in the well. However, the accuracy of the predicted temperature depends on 
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several parameters such as: the value of thermal conductivities, the value of overall heat 

transfer coefficient, thermal diffusivity, etc.). 

 

Figure 7.3: Temperature profile in the length of the injection well. 

The overall heat transfer coefficient (U) also depends on different parameters in the well such 

as the materials used for the tubing and casing, the material filled the annulus, the cement, 

etc. The overall heat transfer coefficient can be calculated by the methods presented by 

(Willhite, 1967; Sagar et al., 1991; Hasan et al., 2002). As the overall heat transfer coefficient 

increases a thermal equilibrium is created between the injected fluid and the surrounding 

environment. If the overall heat transfer coefficient decreases, less heat is transferred to 

surrounding. This could be achieved by applying insulation around the injection tubing such 

that the injection fluid (CO2) reaches the bottom of the well with a temperature close to the 

injection temperature at surface (Figure 6.4).   
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Figure 7.4: The impact of overall heat transfer coefficient on the temperature profile in the 

well. 

Figure 7.5 shows the impact of the injection temperature on the temperature profile in the 

well. As can be seen as the injection temperature at the surface increases  (i.e. approximately 

more than 6 ˚C) the CO2 will reach the bottom of the well with a temperature higher than that 

of the liquid-gas boundary; thus, no phase change will happen in the length of the well. 

 

Figure 7.5: The impact of the injection temperature on the temperature profile in the well. 
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Figure 7.6 shows the temperature distribution in the reservoir from the wellbore at three 

different times. It shows that there is a temperature gradient from the heat source (wellbore) 

to the far distances in the reservoir. As the distance in the reservoir increases from the 

wellbore, the temperature gets close to the initial temperature of the reservoir. In this regard, 

as the time passes, the temperature profile propagates into the reservoir. 

 

Figure 7.6: Temperature profile based on the distance from wellbore. 

The impact of Kv/Kh ratio on the temperature distribution in the reservoir is shown in Figure 

7.7. As the ratio of the vertical to horizontal permeability increases the speed of temperature 

distribution in the reservoir increases. This is because of the easier movement of CO2 plume 

in the reservoir when the Kv/Kh ratio increases. Figure 7.7 shows the impact of Kv/Kh ratio on 

the temperature distribution in the reservoir. 
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Figure 7.7: Impact of Kv/Kh ratio on the temperature distribution in the reservoir. 

The impact of CO2 saturation on the temperature distribution in the aquifer is 

presented in Figure 7.8. The figure shows that as the CO2 saturation increases the 

temperature propagates in the aquifer with a higher speed. It is because of the 

convection of the temperature in the reservoir due to the CO2 plume movement. 

 

Figure 7.8: Impact of CO2 saturation on the temperature distribution in the reservoir. 
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By changing the salinity of the aquifer the impact of salinity on the temperature distribution 

in the reservoir is proposed in Figure 7.9 (Bromley et al., 1967; Koňáková et al., 2013). This 

figure shows that in an aquifer with a higher brine salinity the temperature front moves a 

shorter distance in comparison to the aquifer with lower salinity. This observation is due to 

the direct relationship between the heat capacity of the brine and the salinity. It means as the 

salinity increases the heat capacity of the brine increases; thus, the temperature moves slower 

in the formation. 

 

Figure 7.9: Impact of salinity on temperature distribution in the aquifer. 

To investigate the effect of rock type on the temperature distribution in the reservoir the 

properties of two rocks have been considered in this study (Figure 7.10): Sherwood Sandstone 

group (SSG) and Borrowdale Volcanic Group (BVG) (Gunn et al., 2005). As the rock type 

changes, the density, specific heat capacity and heat conductivity values of the rock will 

change which affects the temperature distribution in the reservoir. 
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Figure 7.10: The impact of rock type on temperature distribution in the aquifer. 

7.6 Conclusion 

In this paper, the non-isothermal temperature profile in the length of the tubing and the 

temperature distribution in the reservoir is studied in the CaMI field research station, Alberta 

Canada. It is tried to trace the CO2 plume migration in the reservoir by the use of the 

temperature signals. It is concluded that the temperature profile in the length of the tubing 

and in the reservoir depends drastically on many parameters which are not accurately 

measured or calculated such as the overall heat transfer coefficient, thermal conductivity, 

thermal diffusivity, specific heat capacity, etc. Accurate measurements or calculations of these 

parameters are necessary to predict the temperature profile either in tubing or the reservoir. 

Having this in mind, the results of this study show that the problem of phase change in the 

downhole of the well will be removed if some insulations are utilized around the injection pipe 

and the injection temperature increases to some degrees. 
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Chapter 8: Conclusion and Future works  

8.1 Overview 

The work presented in this thesis first investigates the impact of reservoir properties and 

injection parameters on CO2 dissolution in the aquifer through creating a model and testing 

the impact of different parameters on that. Then, a novel method is presented to cool down 

CO2 in the down hole of the wellbore to increase CO2 solubility in the aquifer in the place 

where it first contacts the brine using a downhole cooler equipment to decrease the 

temperature of the CO2. Then, another idea is presented to change the wettability of the 

formation towards a favourable situation (here intermediate wet) in order to maximize the 

CO2 solubility in the aquifer. Here we know wettability also changes with temperature. As the 

temperature changes the wettability of the formation also changes. When the wettability 

changes it will impact the relative permeability curves. Therefore, the impact of temperature 

on the relative permeability curves is investigated. Finally, CO2 plume migration in the 

reservoir is monitored using the temperature detection in the Basal Belly River formation in 

the Alberta, Canada. First, the temperature distribution in the well is calculated then the 

temperature distribution in the formation is investigated then some sensitivity analysis is 

done on the impact of different parameters on the temperature distribution in the reservoir. 

In this chapter a summary of the results and the main findings of this thesis are presented. 

Recommendations for further research topics of this work are also outlined. 

8.2 Conclusions 

CO2 injection into geological formations is considered one way of mitigating the increasing 

levels of carbon dioxide concentrations in the atmosphere and its effect on and global 

warming. In regard to sequestering carbon underground, different countries have conducted 

projects at commercial scale or pilot scale, and some have plans to develop potential storage 

geological formations for carbon dioxide storage. In Chapter 4, pure CO2 injection is examined 

on a model with the properties of bunter sandstone and then sensitivity analyses were 

conducted for some of the fluid, rock and injection parameters. The results of this study show 

that the extent to which CO2 has been convected in the porous media in the reservoir plays a 

vital role in improving the CO2 dissolution in brine and safety of its long-term storage. We 

conclude that heterogeneous permeability plays a crucial role on the saturation distribution 
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and can increase or decrease the amount of dissolved CO2 in water around ± 7% after the 

injection stops and up to 13% after 120 years. Furthermore, the value of absolute permeability 

controls the effect of the Kv/Kh ratio on the CO2 dissolution in brine. In other words, as the 

value of vertical and horizontal permeability decreases (i.e. tight reservoirs) the impact of 

Kv/Kh ratio on the dissolved CO2 in brine becomes more prominent. Additionally, reservoir 

engineering parameters, such as well location, injection rate and scenarios, also have a high 

impact on the amount of dissolved CO2 and can change the dissolution up to 26%, 100% and 

5.5%, respectively. 

In chapter 5 a new injection method is proposed considering that different injection methods 

have been already proposed by different researchers to improve the solubility of CO2 in the 

formation brine. In this chapter a novel injection technique is presented, its aim being to cool 

down (liquefy) the supercritical CO2 injected in the wellbore by the use of a downhole cooler 

equipment. The higher temperature CO2 enters the cooling equipment and exits with a lower 

temperature further downstream. If the temperature of the downhole, where CO2 contacts 

the formation brine, decreases to the lowest possible safe operational temperature, the 

consequence is an increase in the solubility of CO2 to the highest possible value for that 

pressure. The colder (liquid) CO2 has a higher solubility in brine, higher density and viscosity, 

which increases the security of the CO2 storage. With this method the supercritical CO2 is 

cooled down to a liquid phase to increase the solubility at the wellbore thereby eliminating 

the risk of phase change or pressure and rate fluctuation in the liquid CO2 injection from the 

surface. Additionally, the formation will have a lower pressure build-up because CO2 and brine 

are well mixed, and so less CO2 remains in the free phase.  

Wettability of a formation is defined as the tendency of one fluid to spread on the surface in 

competition with other fluids which are also in contact with it. Usually, five different 

wettability conditions are considered in a CO2 storage aquifer: Strongly water wet (SWW), 

water wet (WW), Intermediate wet (IW), CO2 wet (CW) and strongly CO2 wet (SCW). The 

impacts of wettability conditions on the solubility of CO2 in the aquifer were not well covered 

in the literature. Therefore, in order to address this dearth of information, in Chapter 6 we 

studied the influence of wettability conditions on the CO2 solubility in a synthetic and 

hypothetical saline aquifer storage model by the use of numerical methods (i.e. ECLIPSE 

software). The results show that the intermediate wet aquifer creates the highest solubility in 

comparison to other wettability conditions. The wettability of the formation determines the 

distribution of the CO2 in the reservoir, which consequently affects CO2 solubility in the 
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aquifer. Additionally, the high temperature of the injected CO2 will affect the wettability of 

the reservoir rock further towards a more CO2 wet condition. This increases the risk of leakage 

and also changes the relative permeability curves while the CO2 plume is displaced in the 

reservoir which must be considered in the reservoir simulations. 

In order to trace the fate of CO2 plume in the reservoir and decrease the risk of leakage, some 

monitoring techniques are utilized in CO2 storage projects. When CO2 is injected into a storage 

formation, it undergoes a non-isothermal process which is caused by the temperature 

differences between the injected CO2 and the formation temperature. When CO2 flows in the 

reservoir, it transports heat energy with itself (i.e. Heat Convection) or it acts as a heat source 

to transfer heat to the neighbouring particles due to temperature differences (i.e. Heat 

Conduction). These temperature differences and non-isothermal effects can be used to 

monitor CO2 movement in the reservoir. In Chapter 7 first, the non-isothermal temperature 

profile in the tubing is calculated then the temperature distribution in the reservoir is 

investigated to trace the CO2 plume migration in the formation of the Containment and 

Monitoring Institute (CaMI) field research station, Alberta, Canada. These temperature 

distributions depend on the parameters such as the thermal conductivity, overall heat transfer 

coefficient, specific heat capacity, etc. which may not be calculated or measured for the target 

formation. In this regard, the calculations show that using insulation around the injection pipe 

and increasing the injection temperature can eliminate the phase change and liquid droplets 

formation in the downhole of the well. 

Future works 

Last, but by no means least, after considering all discussions throughout Chapter 4 to Chapter 

7 there are some interesting subjects that can be studied as further research topics.   

In this thesis a modified engineering method is presented to increase CO2 solubility in the 

aquifer by decreasing the temperature in the bottom hole and the impact of this method at 

different depths and a real field is examined. However, the design of such an equipment is not 

discussed in this study. Thus, a possible research topic for future studies is considering the 

design of such an equipment that can extract heat from the flow of CO2 in the tubing or a 

throttling valve and cool down (liquefy) CO2 in the downhole. 

Further in this thesis the impact of wettability on CO2 solubility in the aquifer is investigated 

through numerical simulations. Thus, one possible scenario for future studies is to investigate 
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the impact of wettability on CO2 trapping and solubility in the porous medium experimentally. 

In this regard, 5 (or 3) main wettability state are created in a sample porous medium and then 

the impact of wettability on CO2 solubility is tested through core flooding for each wettability 

state experimentally. 

On the other hand, the impact of temperature on CO2-water relative permeability curves is 

investigated through a new method then some simulations are conducted on this matter 

based on ECLIPSE. Due to the limitation of ECLIPSE in updating time and location in the 

temperature distribution at the same time it is suggested to write a code (through Matlab for 

example) to consider updating time and location together at the same time for simulating the 

impact of temperature on the relative permeability curves. Furthermore, it is suggested to 

investigate the impact of temperature on the relative permeability curves experimentally for 

different range of temperature and pressure corresponding real geological storage conditions.  
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