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Abstract 

In recent years, assessing the safety and feasibility of long-term geological CO2 sequestration 

(GCS) usually relies on model-based forecasting of the sub-surface behaviour of CO2. In the 

application of two-phase flow in porous media, numerical simulations are usually implemented 

using empirical formulations by either Brooks-Corey (BC) or van Genuchten (vG) to describe the 

transport properties in a CO2/brine/rock system. The forward modelling of GCS is often prompted 

by uncertainties in fluid flow and transport processes, which are majorly governed by structural 

complexity resulting from the sedimentary properties of the porous media. Since flow 

characteristics can vary within the reservoir and sealing formation, this thesis investigates the 

consequences of sedimentary heterogeneities, such as gradation, cementation, interbedded 

argillaceous units, in the storage formation on the transport and flow processes of CO2/brine 

systems. 

The study focuses on CO2 storage in siliciclastic aquifers and examines the effects of the dynamic 

representation of grain-scale heterogeneities on multiphase fluid flow during geological CO2 

storage. This was implemented by relating a number of sedimentary processes and structures in 

the reservoir and caprock formation to the constitutive functions of relative permeability and 

capillary pressure using the van Genutchten’s empirical model. A set of continuum-scale 

numerical simulations was conducted to investigate the impact of variability in these constitutive 

functions using simulators that are based on Darcy-flow physics. Firstly, the pore geometry 

parameter, which is an empirical constant in both BC and vG model, was described for different 

clastic rocks using numerical validation of statistical data from soil physics. This enables the 

adaptability of the pore geometry parameter to the type of clastic rock, thus proposing a new 

methodology for the effective characterisation of the pore geometry parameter for different clastic 

rocks. The effect of key parameters in the vG empirical model, such as the pressure strength 

coefficient, the pore geometry parameter and the connate saturation (wetting and non-wetting), 

on GCS was also incorporated in the numerical investigations.  

Trapping mechanisms such as structural, residual and dissolution are assessed in this thesis 

using Bunter Sandstone Formation (Chapter 4), Mercia Mudstone Group (Chapter 5) and Utsira 

Sandstone Formation (Chapter 6) as case studies. Results showed that relative permeability 

assumptions have a significant impact on the afore listed trapping mechanisms as well as the 

pore pressure distribution within the reservoir and caprock formation. It argues for the adequate 

representation of small-scale heterogeneities in large-scale forward modelling of CO2 storage, 

especially when describing the capillary pressure and relative permeability functions. The 

characterisation of the pore gemetry parameter serves as a formative tool for describing capillary 

pressure and relative permeability heterogeneities that could arise from sedimentary structures 

in clastic reservoir formations and their subsequent impact on CO2/brine transport processes in a 

porous medium. 
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Nomenclature 

Symbols: 
𝐾 Intrinsic permeability 
𝑘 Effective permeability 

𝑘𝑟 Relative permeability 

𝑘𝑟
0 Endpoint relative permeability 

𝑃 Pressure 

𝑃𝑐  Capillary pressure 
𝑃𝑒 Capillary entry pressure 

𝑆 Saturation 

𝑆𝑒 Effective or Normalised saturation 
𝑆𝑤 Wetting saturation 

𝑆𝑛 Non-wetting saturation 

𝑆𝑤𝑟 Residual wetting saturation 

𝑆𝑛𝑟 Residual non-wetting saturation 
𝑆𝑛𝑐 Critical non-wetting saturation 

𝑆𝑛𝑡 Trapped non-wetting saturation 

𝑆ℎ𝑦 Non-wetting saturation at flow reversal 

𝐶 Land trapping coefficient 

𝑁𝑐 Capillary number 
𝜌 Density 

𝑣 Velocity 

𝜇  Viscosity 

𝜙 Porosity 
𝑔 Gravity acceleration 

Λ Phase mobility 

𝜎 Interfacial tension 
𝑅 Pore throat radius 

𝜃 Contact angle 

λ Brook-Corey’s pore size distribution index 
𝑛 van Genuchten’s pore geometry parameter 

𝑚 van Genuchten’s pore geometry parameter 

𝑃𝑔 van Genuchten’s pressure scaling parameter 

𝛼 van Genuchten’s pressure strength coefficient 
 

Subscripts: 

𝛼 Incompressible Newtonian fluid 
𝑤  Wetting fluid 

𝑛 Non-wetting fluid 

𝑐  Capillary 

𝑒 Entry or Displacement 
𝑐𝑒𝑞𝑛 Capillary at equilibrium 

𝑚𝑎𝑥 Maximum 
 

Abbreviations: 
CCS Carbon Capture and Storage 
GCS Geological CO2 Sequestration 
BC Brooks-Corey 
vG van Genuchten 
REV Representative Elementary Volume 
IFT Interfacial Tension 
EOR Enhanced Oil Recovery 
EOS Equation of State  
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Chapter

 1 
Background and Theoretical Framework 

1.1 Carbon Capture and Storage (CCS) 

CCS, a three-step process that involves the capture, transport and storage of carbon dioxide 

[CO2], is considered as a key strategy for decarbonisation of the power and industrial sectors in 

order to mitigate the severe consequences of climate change (IPCC 2014). This is because the 

components of integrated CCS systems currently exist and are in use by the petroleum industry, 

based on the fact that the technology was inspired by the utilisation of CO2 in Enhanced Oil 

Recovery, CO2-EOR (Gozalpour et al. 2005, Kovscek and Cakici 2005). There is significant 

research aimed at enhancing the implementation and cost of CO2 capture systems across three 

broadly classified technologies: pre-combustion (Rubin et al. 2007, Figueroa et al. 2008, Jansen 

et al. 2015), post-combustion (Lin and Chen 2011, Padurean et al. 2011, Versteeg and Rubin 

2011), and oxy-fuel combustion (Wall et al. 2009, Scheffknecht et al. 2011, Senior et al. 2013). 

The next stage in the CCS value chain after capture is transporting the CO2 to sinks for either 

permanent storage or use in CO2-EOR. For large-scale integrated CCS facilities, pipelines and 

ships are economical means of CO2 transportation to the point of storage (IPCC 2005). Large-

scale integrated CCS facilities are defined as facilities involving the capture, transport, and 

storage of CO2 at a scale of at least 0.8 MtCO2/yr for a coal-based power plant, or 0.4 MtCO2/yr 

for other emissions-intensive industrial facilities (GCCSI 2018). 

Permanent sequestration of CO2 can be achieved through a variety of strategies, mainly mineral 

carbonation, oceanic, and underground geological storage. In the CCS framework, geological 

sequestration is the most prominent for large-scale projects, out of potential options that include 

deep ocean storage and mineral carbonation (IPCC 2005). By mid-2018, 17 large-scale CCS 

facilities were in operation around the world, four of which utilised deep saline formations for 

storage while the rest were used for EOR before subsequent permanent storage. These four CCS 

facilities that utilised deep saline formations are the Illinois CCS project in the USA, which started 

injecting in 2017 (DOE - Fossil Energy 2017); the Quest CCS project in Canada, which started 

injecting in 2015 (Rock et al. 2017); the Snøhvit CCS project in Norway, which started injecting in 

2008 (Hansen et al. 2013); and the Sleipner CCS project in Norway, which started injection in 

1996 (Singh et al. 2010). A comprehensive list of all CCS facilities in operation as well as those 

in construction and early/advanced development is available in the projects database of the 

Global CCS Institute (GCCSI 2018). Ample practical engineering and scientific knowledge has 

been generated from these large-scale CCS deployments as well as numerous smaller-scale 
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CCS field experiments and technology demonstrations (Eiken et al. 2011, Aimard et al. 2007, 

Preston et al. 2005, Dance 2013, Hovorka et al. 2011). This has successively stimulated research 

using CO2 flow modelling datasets to identify potential risks associated with CO2 injection as well 

as possible storage capacity of proposed sinks for geological CO2 storage. 

1.2 Geological CO2 Storage (GCS) 

Various investigations on subsurface storage media have identified sedimentary rocks such as 

clastics, carbonates, and coal as ideal media for CO2 storage (van der Meer 1992, Bergman and 

Winter 1995, Freund and Ormerod 1997, Hitchon et al. 1999). Options considered as storage 

sinks include saline aquifers, depleted oil and gas reservoirs, unmineable coal seams, hydrate 

storage and CO2 within enhanced geothermal systems (Bachu 2000). Common factors taken into 

consideration when accessing suitable formations for CO2 sequestration include the volumetric 

storage efficiency, i.e. the bulk mass of CO2 stored per unit reservoir volume, and the sealing 

integrity (Bachu 2008). For GCS, CO2 is injected into the formation in its supercritical state, at 

temperatures and pressures above 31.1°C and 7.39MPa, respectively. Supercritical CO2 (scCO2) 

is neither a gas nor a liquid but exhibits properties similar to both fluid states. In other words, it is 

dense like a liquid and viscose like a gas. This results in a massive volume compression from the 

standard pressure conditions of CO2, thus increasing the reservoir volume available for 

sequestration. CO2 encounters greater pressures at depth which preferentially increases its 

density, allowing for efficient pore filling and reducing the contrast in buoyancy between the gas 

and in situ fluids (Benson and Cole 2008). The gas attains and maintains a supercritical state at 

geological depths greater than 800 metres as a result of the geothermal gradient. 

A considerable body of scientific knowledge have identified that deep saline aquifers and depleted 

oil and gas reservoirs are the most promising options for large scale CCS deployment (Benson 

and Surles 2006, Koide et al. 1992, Holt et al. 1995). However, deep saline aquifers offer the 

highest storage capacity (Bachu and Adams 2003, Wickstrom et al. 2006). The geological storage 

of CO2 usually proceeds via various trapping mechanisms during CO2 plume evolution. These 

can broadly be distinguished as chemical and physical trapping mechanisms: 

1.2.1 Chemical trapping mechanisms 

Chemical trapping refers to the immobilisation of a CO2 plume as a result of geochemical 

reactions between the gas, the formation water, and the rock mineralogy. This trapping 

mechanism is a very slow form of CO2 confinement initiated by CO2 dissolution in formation water 

and onward precipitating kinetic reactions. As CO2 plume migrates through the reservoir 

formation, some of it dissolves in formation water in a process known as solubility trapping. The 

rate of CO2 dissolution in formation water varies directly with the pressure and inversely with 

temperature and salinity (Spycher et al. 2003, Duan and Sun 2003, Koschel et al. 2006). The 

dissolution of CO2 in formation water leads to acidic conditions through the production of proton 

which invariably lowers the pH of the aqueous phase (𝐻2𝑂 + 𝐶𝑂2  ↔  𝐻2𝐶𝑂3 ↔ 𝐻𝐶𝑂3
− +  𝐻+). 

This acidic condition in the reservoir enhances the possibility of chemical reactions with the 
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carbonate minerals present in the formation (𝑋2
+ + 𝐻𝐶𝑂3

− ↔ 𝑋𝐶𝑂3 + 𝐻+), where X could be 

Calcium, Magnesium, or Iron. The resulting precipitation of carbonates, which serves as a 

permanent solid fix for CO2, is referred to as mineral trapping (Bachu et al. 1994). 

1.2.2 Physical trapping mechanisms 

Physical trapping is the principal means of geological CO2 confinement and is usually 

characterised by the structure of the sedimentary basin (Zhang and Song 2014). This type of 

trapping mechanism includes hydrostatic, hydrodynamic, and residual-gas trapping. Static traps 

are closed hydrogeological structures which provide boundary restrictions for the buoyant 

migration of CO2 plume. They are usually a function of rock orientations as well as depositional 

and diagenetic lithological variations in the reservoir, otherwise referred to as sedimentary 

structures and processes (Boggs 2006). Static traps are often referred to as structural traps and 

could be either anticlines or faults; and stratigraphic traps, which refers to to pinch-outs, reefs, 

and unconformities (Figure 1.1). Diapiric traps such as mud diapirs and salt domes can also be 

classified as static traps. Figure 1.2 depicts various CO2 trapping mechanims in an aquifer. 

 

Figure 1.1: Illustration of structural and stratigraphic traps. a) anticline b) fault trap c) angular 
unconformity d) pinch-out. [Source: IPCC (2005)] 

At the onset of CO2 injection, the movement of CO2 plume as a gravity current in the reservoir will 

gradually lead to up-dip deceleration and subsequent isolation and immobilization of CO2 bubbles 

in pore spaces. This isolation is regarded, in literature, as “snap-off” of CO2 plume in the trailing 

edge. Dullien (1991) attributed this “snap-off” to wettability and capillary effects in the porous 

media. Such trapping mechanisms are referred to as residual or capillary traps and it generally 

occurs as water imbibes into CO2 plume, especially after injection stops (Benson and Cole 2008). 
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Figure 1.2: Graphic of CO2 trapping mechanisms in saline aquifer. [Source: UKCCSRC (2012)] 

Another trapping mechanism that can prevent the upward movement of CO2 is the hydrodynamic 

movement of formation water down permeable reservoir beds (Selley and Sonnenberg 2014). A 

high hydrodynamic force of downdip water flow over the buoyant force of up-dip CO2 flow will halt 

the migration of CO2 plume and entrap the gas within the bed. These traps occur as part of other 

trapping mechanisms and storage in deep saline aquifers are more conducive to them. 

Hydrodynamic traps can proceed within static closures or without any permeability barrier and 

they exhibit tilted or inclined CO2-water interfaces caused by differences in water pressure 

associated with water flow (Hubbert 1953). The security of the trapped CO2 increases overtime 

as different types of traps become significant after the onset of CO2 injection in the geological 

formation (Figure 1.3). Physical traps dominate during CO2 injection and these traps are 

influenced by the structures and processes in sediment formation, which are mostly portrayed in 

features such as the rock heterogeneity. 

 

Figure 1.3: Trapping mechanisms with rising degree of storage security. [Source: IPCC (2005)] 

1.2.3 Rock heterogeneity 

Rock heterogeneity is prevalent in geological formations and exists at every scale: pore-scale 

(~µm), grain scale (~0.1 to 10 cm), and field scale (> 10 cm). These different scales result in 
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complexities when solving multiphase flow problems. Grain scale heterogeneity, which is the 

focus of this study, implies sedimentary structures resulting from the spatial distribution and 

deposition of rock particles prior to lithification. These structures include cross bedding, graded 

bedding, laminated bedding, ripple marks in bedforms, and synsedimentary folds and faults 

(Boggs 2006). NB: Bedding is the arrangement of sedimentary rocks in strata or layers that have 

lithological, textural, or structural unity that distinguishes them from the strata above or below. 

In recent years, assessing the safety and feasibility of long-term GCS usually relies on model-

based forecasting of the sub-surface behaviour of CO2. These models simulate complex 

geological processes which aid in the design of injection schemes as well as the assessment of 

storage capacities in target locations. Often, simulation studies are prompted by uncertainties in 

fluid flow and transport processes, with an increasing number focusing on aquifers due to the 

scarcity of history matching data in these reservoirs. As noted by Bachu (2008), Krevor et al. 

(2012) and IPCC (2005), there are a number of key physical and chemical processes that work 

in concert to help ensure the efficacy of deep geological CO2 storage over time. Increasing the 

level of detail in geological modelling for simulation models is essential for producing meaningful 

and accurate results (Van De Graaff and Ealey 1989). In the absence of site-specific data, 

synthetic reservoir models are constructed using a wide range of hypotheses and used for 

investigative purposes in GCS. A common assumption in these models is that a sharp interface 

exists between a reservoir rock and an overlying sealing rock, commonly referred to as the 

caprock. The reservoir and caprock are two distinct sedimentary formations that are readily 

distinguished by their petrophysical properties, which include porosity (𝜙), permeability (K), 

relative permeability (kr), capillary pressure (Pc), and saturation (S). Pore-size distribution, which 

is a function of grain-scale heterogeneity, is a component of these properties (Lucia 2007).  

Sedimentary structures are particularly abundant in siliciclastic sedimentary rocks such as 

reservoir sandstones and sealing mudstones. A threshold division on the basis of grain size is 

used as the starting point to classify and name siliciclastic sediments and sedimentary rocks e.g. 

the Udden-Wentworth grain scale (Wentworth 1922). In clastic formations, reservoir rocks 

typically comprise coarse- and medium-grained sediments while sealing rocks are usually very 

fine-grained sedimentary rocks. In most reservoir simulation studies, the assumption of a distinct 

interface between the caprock and the reservoir rock ignores the deposition of intermediary-sized 

sediments at this interface. This may not always be true of actual geological formations. A 

common example is the interface between Sherwood Sandstone Group and the overlying Mercia 

Mudstone Group where transitional lithologies usually exist (Seedhouse and Racey 1997, Newell 

and Shariatipour 2016). Shariatipour et al. (2016a) demonstrated that the occurrence of such 

geological structures can affect various trapping mechanisms within the reservoir as well as 

influence CO2 plume migration and the estimation of storage capacity and volume of the aquifer. 

In their contribution, Shariatipour et al. (2016a) focused on the influence of static properties of 

flow and transport process such as the porosity and permeability of the rock media, neglecting 

the dynamic properties i.e. the capillary pressure and relative permeability.  
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A number of studies using numerical models acknowledge the importance of constitutive Pc – kr 

– S relationship on multiphase fluid flow during GCS (Fleet et al. 2004, Ennis-King and Paterson 

2005, Juanes et al. 2006, Obi and Blunt 2006, Burton et al. 2009, Kopp et al. 2009, Zhao et al. 

2018, Gershenzon et al. 2017, Debbabi et al. 2017, Li et al. 2018).  It has been suggested that 

capillary heterogeneity provides a new trapping mechanism in carbon sequestration, referred to 

as local capillary trapping (Saadatpoor et al. 2010). Capillary heterogeneity is also known to be 

an important parameter affecting multiphase flow of CO2 and brine, affecting properties such as 

saturation profile, capillary pressure and relative permeability (Kuo and Benson 2015). It is 

therefore imperative that reservoir simulations adequately model rock heterogeneities and 

describe dynamic flow properties at the grain scale for greater precision in predictive analyses.  

1.3 Thesis Overview 

1.3.1 Aims and Objectives 

Assessing the risks associated with CO2 geological sequestration entails identifying the 

formation’s petrophysical properties and their relationships. Since flow characteristics within the 

reservoir/seal interface could differ from the bulk properties of the entire corresponding formation, 

the main aim of this study is to investigate the consequences of pore-scale heterogeneity in the 

storage formation on the transport and flow processes of CO2/brine systems. The heterogeneity 

mentioned in this text will be described in Pc and kr  functions for CO2/brine/rock systems using a 

constitutive empirical model that is based on grain-size variation. The focal point of analysis is to 

characterise the implications of micro-heterogeneities on dynamic two-phase behaviour in porous 

siliciclastic media in terms of the pore geometry index. The relevance of the pore geometry index 

in the predictive analysis of CO2/brine transport processes during geo-sequestration is highlighted 

in the next chapter. The more specific aspects of this work addresses the following questions: 

- Which empirical correlation used to describe relative permeability and capillary 

pressure functions in GCS will be most efficient in modelling their heterogeneities? 

- Between static and dynamic properties for multiphase fluid flow, which property is 

predominant during CO2 sequestration in aquifers? 

- What are the implications of grain-scale heterogeneities in saline porous media on 

the overall performance of CO2 storage in the reservoir domain? 

The analysis presented in this study considers only displacement processess during CO2 

injection. The overall aim is to understand how the inclusion of Pc and kr heterogeneities in models 

that show permeability variations will contradict results that otherwise exclude them. This work 

has three main objectives. First is the introduction of a parameterisation scheme that essentially 

describes grain-scale heterogeneity in siliciclastic rocks. The second objective is adopting this 

scheme in an empirical model that adequately describes the constitutive Pc – kr – Sw relationship, 

where Sw is the wetting saturation. It is presumed that this model can be fit to available relative 

permeability curves that are obtained experimentally. The third objective is the numerical 

implementation of capillary pressure and relative permeability curves in various reservoir 

simulation models for investigative purposes. 
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1.3.2 Thesis structure 

The structure of this thesis follows the outlined objectives. Chapter 2 contains the major 

theoretical section of the study and is divided into two main parts. The first part recalls the 

mathematical formulation of flow at the Darcy scale, including the two-phase flow model as well 

as capillarity and fluid conductivity in porous media. The second gives a brief overview of 

hysteresis in capillary pressure and relative permeability functions and reviews the major 

constitutive empirical models used to describe these functions in reservoir simulation studies. 

Investigative elements of the study are shown in Chapters 3, 4, 5 and 6. Chapter 3 proposes a 

parameterisation scheme to be used for describing dynamic flow properties in siliciclastic 

sedimentary rocks. Numerical implementation of the scheme is presented in Chapters 4, 5 and 

6. A range of two-dimensional (2D) and three-dimensional (3D) simulations using the commercial 

reservoir simulation software ECLIPSE are conducted across these chapters to investigate the 

effect of various sedimentary structures and processes on the overall CO2 storage performance. 

Chapter 4 investigates the effect of gradational contact at the reservoir/seal interface and the 

gradual change in clast size within the aquifer, duly represented by constitutive Pc – kr – Sw curves, 

on CO2 storage capacity and pressurisation in the reservoir model. Other parameters such as 

cemented sand layers, and the structural orientation of the caprock (flat vs dome) are also 

introduced in order to study their influence on the results. Here two 3D reservoir models based 

on the Triassic Bunter Sandstone Formation, southern North Sea Basin, United Kingdom is 

employed for the exercise. Chapter 5 explores the effects of sedimentary heterogeneities in 

sealing formations, such as the Mercia Mudstone Group, on the predictive analysis of GCS. Using 

a 2D axisymmetric model, the chapter also examines the effect of boundary conditions on the 

final results. Chapter 6 builds on this regime, using the parameterisation scheme to investigate 

the CO2 plume migration through intra-reservoir mudstone baffles and high-permeability 

channels, with the Utsira Formation sandstone as a case study. The aforementioned formations 

are located in the North Sea Basin, which is believed to have significant potential for storing CO2 

for climate change mitigation (Chadwick et al. 2004). These are clastic formations that show 

sedimentary heterogeneity in various forms, where the storage formations have already been 

identified as suitable options for CO2 storage. In the first instant, the Bunter Sandstone Formation 

show sedimentary heterogeneity, in the form of gradational changes in the sandstone, within the 

storage unit. The proceeding case study, i.e. the Mercia Mudstone Group, is used to elaborate 

on the impact of such gradation in the sealing unit on CO2 storage performance. The is due to the 

fact that the base of the Mercia Mudstone Group shows  gradational changes in mudrock within 

the East Midlands Shelf, the Cheshire Basin, and the Stafford Basin. Finally, the Utsira Sandstone 

Formation shows a different orientation of sedimentary heterogeneity where sandstone units 

alternate with mudstone units within the storage domain.  

Chapter 7 summarises the results obtained in this study, presenting concluding remarks and 

outlining some perspectives for future work. 
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Chapter

 2 
Mathematics of multiphase flow in porous media 

2.1 Introduction 

The mathematical illustration of multiphase flow in porous media requires appropriate governing 

equations for the conservation of fluids mass and the momentum as well as other constitutive 

equations. Geological CO2 sequestration in deep saline aquifers entail two-phase flow processes 

that describe the interaction between injected CO2, brine and rock matrix. The classical 

description of such flow phenomena ignores changes in thermo-physical properties and assumes 

fluids are incompressible and immiscible (Bear 1972). The rock structure, pressure, temperature, 

and salinity are primary controls on fluid interaction in a porous medium. Fluid properties such as 

viscosity, density, contact angle and interfacial tension, which are all affected by pressure, 

temperature and salinity, can be identified as secondary variables. Irreducible water and residual 

CO2 saturations together with the relative permeability may then be considered as tertiary 

variables as these are in turn controlled by the fluid properties (Bachu and Bennion 2008). Due 

to the uncertainty that surrounds activities of subsurface engineering, numerical simulators based 

on finite difference, finite volume and finite element methods, which capture the flow phenomena 

occurring in the porous media, are mostly employed (Aarnes et al. 2007).  

The complete description of the two-phase flow behaviour representing the CO2 sequestration is 

characterised by a system of hydrodynamic model. One of the key components of this model is 

the capillary function which describes the relationship between the water saturation and the 

capillary pressure. A complimentary constitutive relationship is given by the relative permeability 

function, describing the ability of each fluid phase to flow in the porous medium as a function of 

the phase saturation. Both functions are strongly non-linear and are used to describe the complex 

interplay of capillary, gravitational and viscous forces which affect multiphase flow in porous 

media. Their form depends principally on the geometrical characteristics of the pore space and 

the properties of the fluid-fluid and fluid-solid interfaces (surface tension). Equations of motion are 

generally partial differential equations that combine an expression of mass with these constitutive 

relationships. The essential descriptors that need to be included in a typical reservoir engineering 

study to design the geo-sequestration of carbon include the reservoir model, the fluid model and 

the flow model. The reservoir model indicates the static model, which includes distribution of 

petrophysical properties such as porosity, permeability, facies, thickness and existing barriers or 

conduits to fluid flow. Building one requires substantial geological data, which can be obtained 

from core analysis, well logs, experimental investigations and seismic profiles (Kelkar et al. 2002). 
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The fluid model is required to design simultaneous flow of supercritical CO2 (scCO2) and formation 

brine using the constitutive relative permeability and capillary pressure functions which depend 

on the path and history of saturation (Dullien 1991). This chapter introduces the governing 

equations describing the behaviour of a gas-water system, their flow characteristics and the 

constitutive functions in fluid flow and transport processes. 

2.2 Governing equations 

The relevant physical processes for flow simulation are accessible at various observation scales 

ranging from the microscale of the pore channels to the macroscale of the reservoir. Mathematical 

models applied at each scale represent the principles of conservation of basic quantities such as 

mass, momentum and energy. The exact form of the governing equations, however, may differ 

substantially between the scales. In some cases, the model describing processes at a 

macroscopic scale is attainable from the equations relevant at a microscopic scale by an 

appropriate averaging procedure. Alternatively, the governing equations can be formulated at the 

larger scale, based on phenomenological considerations (Szymkiewicz 2013). Two basic scales 

typically described in porous media are the pore scale and the Darcy scale (Figure 2.1): 

 

Figure 2.1: Observation scales in a porous medium. [Adapted from Wood et al. (2007)] 
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At the pore scale, the characteristic spatial dimension is the size of a single pore, which in granular 

media is approximately proportional to the grain size. The flow field in the pore space is described 

by the Navier-Stokes equations (Temam 1979), which solves incompressible Newtonian flow with 

appropriate conditions at the fluid-solid and fluid-fluid interactions (e.g. Blunt et al. 2013, Krevor 

et al. 2015): 

−∇𝑃 +  𝜇∇2𝑣 =  𝜌 (
𝜕𝑣

𝜕𝑡
+ 𝑣 ∙ ∇𝑣),     (2.1) 

∇ ∙ 𝑣 = 0      (2.2) 

where 𝜌 is the fluid density, 𝑣 is the volumetric flux velocity, 𝜇 is dynamic viscosity, 𝑃 is fluid 

pressure, and 𝑔 is the gravity acceleration.  

At the Darcy scale, each spatial point corresponds to a representative elementary volume (REV) 

containing a sufficient number of pores occupied by two or more fluid phases. Navier-Stokes 

equations are not suitable for the practical description of spatial domains hence the governing 

equations describing the behaviour of immiscible and incompressible phases, such as CO2-brine 

systems, are formulated at the continuum or Darcy scale (Helmig et al. 2010). A rigorous 

averaging of the Navier-Stokes equations yields the extended Darcy equation, also referred to as 

Darcy’s law (Hubbert 1956): 

𝑣𝛼 = −
𝑘𝛼

𝜇𝛼
(∇𝑃𝛼 − 𝜌𝛼𝑔)      (2.3) 

where 𝛼 is the incompressible Newtonian fluid ≡ 𝑤 𝑜𝑟 𝑛; 𝑤 and 𝑛 represent wetting and non-

wetting phase respectively; 𝑘 is the effective permeability tensor for the fluid phase: 

  𝑘𝛼 = 𝐾𝑘𝑟𝛼      (2.4) 

where 𝑘𝑟 is the scalar relative permeability coefficient, assuming values from zero to one, and 𝐾 

is the absolute/intrinsic permeability of the rock. Effective permeability is a measure of the 

conductance for a fluid phase in a porous medium saturated with more than one fluid. Intrinsic 

permeability is independent of fluid properties and specifies the ability of a porous medium to 

permit fluid flow through its effective porosity.  

An alternative representation of two-phase flow in porous media at the Darcy-scale is: 

𝑣𝛼 =  −𝐾Λ𝛼(∇𝑃𝛼 − 𝜌𝛼𝑔)      (2.5) 

where Λ𝛼 is the phase mobility = 𝑘𝑟𝛼 𝜇𝛼⁄   

The governing equations for CO2/brine/rock systems are derived from the mass conservative 

principle applied to the Darcy’s law within saturation and pressure constraints. The balance of 

mass for phases and interfaces holds for each phase in the continuity equation for two-phase flow 

in porous media: 

𝜕

𝜕𝑡
(𝜌𝛼𝑆𝛼𝜙) + ∇(𝜌𝛼𝑣𝛼) = 0      (2.6) 
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where 𝜙 is the porosity assumed constant, and 𝑆 is the phase saturation that indicates the fraction 

of void space occupied by the fluid phase at any point within the REV. 

Substituting the Darcy equation (2.5) into the Mass Balance equation (2.6) for each phase results 

in the following system of coupled partial differential equations (Hassanizadeh and Gray 1993): 

    𝜕

𝜕𝑡
(𝜌𝑤𝑆𝑤𝜙) −  ∇[𝜌𝑤Λ𝑤𝐾(∇𝑃𝑤 − 𝜌𝑤𝑔)] = 0   (2.7) 

    
𝜕

𝜕𝑡
(𝜌𝑛𝑆𝑛𝜙) − ∇[𝜌𝑛Λ𝑛𝐾(∇𝑃𝑛 −  𝜌𝑛𝑔)] = 0    (2.8) 

Using the chain substitution rule, the storage term for each phase can be expanded to show 

explicitly the contributions related to the fluid compressibility and saturation change: 

     
𝜕

𝜕𝑡
(𝜌𝛼𝑆𝛼𝜙) = 𝑆𝛼𝜙

𝜕𝑃𝛼

𝜕𝑡
+  𝜌𝛼𝜙

𝜕𝑆𝛼

𝜕𝑡
     (2.9) 

For the non-wetting phase, 
𝜕

𝜕𝑡
(𝜌𝛼𝑆𝛼𝜙) = 𝑆𝛼𝐶𝛼𝜙

𝜕𝑃𝛼

𝜕𝑡
+  𝜌𝛼𝜙

𝜕𝑆𝛼

𝜕𝑡
    (2.10) 

For the wetting phase,   
𝜕

𝜕𝑡
(𝜌𝛼𝑆𝛼𝜙) = 𝑆𝛼𝐶𝛼𝜙

𝜕

𝜕𝑡

1

𝛽𝛼
+  𝜌𝛼𝜙

𝜕𝑆𝛼

𝜕𝑡
   (2.11) 

where 𝐶𝛼 is compressibility coefficient, 𝛽𝛼 is formation volume factor for 𝛼.  

Compressibility coefficient for water:  𝐶𝑤 = 𝜌𝑤𝛽𝑤                         (2.12) 

Compressibility coefficient for gas:   𝐶𝑔 = 𝜌𝑔 𝑃𝑔⁄                  (2.13) 

The fluid saturation of porous medium is constrained through the expression of saturation-

dependent functions through the wetting phase saturation, Sw: 

𝑆𝑤 + 𝑆𝑛 = 1      (2.14) 

Another relationship that is specific to fluid pairs and the porous medium is the correlation 

between the wetting saturation (Sw) and the capillary pressure (Pc), i.e. the difference in the fluid 

pressures, where Pc is assumed a function of Sw: 

𝑃𝑐 ≡ 𝑃𝑐(𝑆𝑤) = 𝑃𝑛 − 𝑃𝑤    (2.15) 

Eq. 2.14 and 2.15 are closure equations for the systems of Eq. 2.3 – 2.11. Eq. 2.15 is implicitly 

assumed to account for all effects and processes that influence the equilibrium distribution of 

fluids, such as surface tension, presence of fluid-fluid interfaces, wettability of solid surfaces, grain 

size distribution, and microscale heterogeneities. All of these effects are lumped into the Pc – Sw 

relationship (Reeves and Celia 1996, Held and Celia 2001). This relationship depends on the flow 

dynamics or hysteresis, i.e. the history and the rate of change of saturation. Under a simple 

assumption of no heat and mass transfer, as well as no compressibility and rheological factors, 

pore scale flow will be governed by the interaction of capillary, viscous and gravitational forces. 

The validity of a conventional two-phase flow model requires the accuracy of capillary pressure 
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and relative permeability functions. The latter has been shown to be an approximate description 

of the aggregate impact of multi-fluid displacement at pore-scale (Benson et al. 2013). 

2.3 Two-phase flow characteristics 

Multi fluids in contact in a porous medium generate buoyancy pressure, resulting from density 

differential between them and the column height of the least dense fluid (Leverett 1941). As 

illustrated in the previous section, capillary pressure is the pressure difference that exists across 

the interface of the fluids in contact. This pressure is analogous to the force required to push a 

fluid droplet through a pore throat. It is higher for smaller pore diameter and it increases linearly 

with the interfacial tension between the wetting and non-wetting fluids (Brown 2000).  

By definition, the capillary pressure at equilibrium (𝑃𝑐𝑒𝑞𝑛 ≈ 𝑃𝑛 − 𝑃𝑤; where 𝑃𝑛 > 𝑃𝑤) is always 

positive (Leverett 1941). For non-wetting fluids (oil or CO2) to accumulate in a water-wet reservoir, 

the buoyancy force that drives them into the pores must overcome the capillary force that was 

formed between the displacing fluid and the original fluid. Since the largest pore throats have 

least capillary resistance, the non-wetting fluid first occupies the largest pores. Subsequently, the 

buoyancy pressure increases with increasing column height of the non-wetting fluid thereby 

resulting in the gas migration into smaller and smaller pore throats. The pressure required to push 

the non-wetting fluid into these pores is called the capillary entry or displacement pressure 

(Hassler and Brunner 1945). At the onset of flow, fluid conductance, a measure of how effectively 

fluids are transported through a medium, is highly dependent on the permeability of the porous 

media. Since the permeability is a function of the pore characteristics in sedimentary formations 

(Krause et al. 2013), the pore structure not only controls the pressure transmitted to the rock but 

also has a significant effect on hydraulic conductivity in multiphase systems. The relative 

permeability is a functional parameter when assessing fluid conductance in such systems. It 

provides an empirical description of the reduction in fluid flow due to surface-tension effects 

between the fluids, and the chemical interaction between fluids and the mineralogy of the rock 

matrix (Burnside and Naylor 2014).  

Structural trapping is driven by spatial distribution in capillary entry pressures at specific water 

saturation values. For sealing systems in GCS, the caprock integrity is dependent on the 

magnitude of the displacement pressure acting along the reservoir-seal interface (Shukla et al. 

2010). The maximum CO2 column that can be retained by the seal (i.e. the capillary sealing 

capacity) is determined by its smallest pore throat radius (Zhang et al. 2016). Similarly, the ultra 

low hydraulic permeability of caprocks such as shales translates to very small pore throats 

commonly portrayed by pore size distribution of micro-pores (pore width < 2nm) and meso-pores 

(2nm to 50 nm) (Kuila and Prasad 2013, Pommer and Milliken 2015). Capillary leakage occurs 

when the capillary breakthrough pressure of the caprock is exceeded and pressure-driven flow 

breaches the rock matrix (Wollenweber et al. 2010). In such scenarios the leakage rate becomes 

a function of the relative permeability of the fluid within the multiphase system (Hildenbrand et al. 

2002). This makes the CO2 capillary breakthrough pressure and relative permeability important 
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control measures when implementing CO2 sequestration projects. Capillary pressures and 

relative permeabilities are both functions of the formation’s heterogeneity, defined by properties 

such as partial distribution of sediments, faults and fractures, and cemented layers, and they rely 

particularly on the saturation path, i.e. hysteresis, during CO2 storage. The relationship between 

the variables of flow resistance and reservoir fluid migration is expressed by the Young-Laplace 

law:  

𝑃𝑒 ≈  
2𝜎 𝑐𝑜𝑠 𝜃

𝑅𝑚𝑎𝑥
      (2.16) 

where 𝑃𝑒 is the capillary entry pressure or the minimum displacement pressure required for a non-

wetting fluid to displace a wetting fluid in the maximum pore throat radius, 𝑅𝑚𝑎𝑥; 𝜎 is the interfacial 

tension between the wetting and non-wetting fluids, and 𝜃 is the wettability, expressed by the 

angle of contact which the fluid interface forms with the solid. The following sub-sections give a 

brief overview of wettability and interfacial tension in the context of geological CO2 storage (GCS). 

2.3.1 Wettability 

When considering a fluid-rock system, it is crucial to consider the wetting character of the rock, 

which describes the preferential affinity of one of the fluids to the rock surface. Wettability usually 

involves the measurement of contact angles of a gas/liquid/solid system. Young (1805) first 

described the contact angle in multiphase systems at thermodynamic equilibrium as a function of 

three interfacial tensions: solid/gas (𝜎𝑠𝑔), solid/liquid (𝜎𝑠𝑙), and gas/liquid (𝜎𝑙𝑔). 

  cos 𝜃 =  
𝜎𝑠𝑔− 𝜎𝑠𝑙

𝜎𝑙𝑔
      (2.17) 

Contact angles << 90 indicate high wettability while those >> 90 indicate low wettability. Treiber 

and Owens (1972) considered three common cases of wettability for hydrocarbon systems as, 

water-wet (0° ≤ θ < 75°), intermediate-wet ( 75°≤ θ <105°), and oil-wet (105° ≤ θ < 180°). 

Subsequently, Iglauer et al. (2015) used a bigger catalog for contact angles to explicitly describe 

the wettability of CO2/brine systems as illustrated in Table 2.1: 

Contact Angle relative to brine, θ (°) Description 

0-30 Significantly water wet 

30-60 Moderately water wet 

60-90 Weakly water wet 

90 Neutrally wet 

90-120 Weakly CO2 wet 

120-150 Moderately CO2 wet 

150-180 Significantly CO2 wet 

Table 2.1: Contact angles for wettability of CO2/brine/rock systems 

The common approach in fluid distribution is a preferential coating of the wetting phase on the 

surface of the rock grains, occupying fissures and the smallest pores, while the non-wetting phase 

exists as droplets in the centre of the pores (Benson et al. 2013). For multiphase flow in porous 
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media, the fundamentals of capillary forces in wettability of porous media are two displacement 

processes: imbibition and drainage (see Section 2.4).  

CO2/brine system generally indicates a water-wet system and during CO2 injection, contact 

angles for CO2-wettability and water wettability are representated by the advancing contact angle, 

θa, and the receding contact angle, θr, respectively. It is essential to characterise these contact 

angles as a function of temperature, pressure, salinity and mineralogy of the formation. With the 

premonition that reservoir rock minerals in water saturated aquifers are predominantly water-wet 

(McCaffery 1972, Hansen et al. 2000), the notion that dense (pressurized) CO2 can alter the 

water-wettability of various organic and inorganic substances has been investigated in various 

literature. Espinoza and Santamarina (2010) reported that at supercritical conditions, deionized 

water will preferentially wet a rock surface compared to brine of 200g NaCl/kg (~10°) and the 

water-wettability decreases as pressure increases. An increase in contact angle with pressure 

was also reported for mica and quartz, rock minerals which predominantly occur in shale and 

sandstone respectively, in a number of studies, e.g. Farokhpoor et al. (2013), Iglauer et al. (2015), 

Chiquet et al. (2007), Broseta et al. (2012), Wang et al. (2013), Jung and Wan (2012), Arif et al. 

(2016), and Saraji et al. (2014). The authors observed that at GCS relevant conditions, high CO2 

pressures result in wettability variation from water-wet to intermediate-wet with mica showing a 

more prominent wettability alteration. If this wettability evolution holds for other representative 

shale minerals, the impact of wettability on the capillary sealing efficiency will largely depend on 

the burial depths of the caprock. This takes into account the fact that scCO2 sequestration in 

increasing depths is synonymous with pressure elevation, leading to a conclusion that reservoirs 

with lower pressures exhibit better capillary sealing efficiency (Bachu 2003).  

In regard to temperature effects, Arif et al. (2016) and Broseta et al. (2012) observed a decrease 

in CO2-brine-mica contact angles with increasing temperature. Observations on CO2-brine-quartz 

contact angles, however, showed two different trends. These were a slight increase in advancing 

contact angle of CO2-brine-quartz with increasing temperature (Farokhpoor et al. 2013, 

Sarmadivaleh et al. 2015) and a significant decrease in contact angles with increasing 

temperature (Saraji et al. 2014, Iglauer et al. 2012, Bikkina 2011). This begs the question of the 

influence of other parameters such as the surface contaminants (Mahadevan 2012, Bikkina 2012) 

and surface roughness (Wang et al. 2013). A comparison of contact angles for mica and quartz 

show higher values for θa and θr of scCO2-brine-mica systems over scCO2-brine-quartz systems. 

This can be attributed to the effect of surface roughness on CO2 adhesion to mineral surfaces 

following Wang et al.’s (2013) observation that mica surfaces are the easiest to cleave onto due 

to nanometer-smooth surfaces, as opposed to quartz surfaces. It should also be noted that 

dissolution reactions that could occur during CO2 sequestration can lead to changes in surface 

smoothness. The trend for pressure alteration reported in most literature can be readily attributed 

to increasing CO2 density and CO2 adsorption with pressure. Likewise, it can be inferred that if 

surface contaminants and surface roughness are neglected, the trend for temperature alteration 
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will be solely attributed to CO2 density and CO2 adsorption, which decrease with increasing 

temperature (Busch et al. 2008, Kang et al. 2011).  

2.3.2 Interfacial tension 

Interfacial tension (IFT) is largely influenced by in situ reservoir conditions of pressure, 

temperature and salinity.  An absence of interfacial tension in any fluid system indicates zero 

capillary pressure. Technically, this is unrealistic for fluids in contact in a reservoir formation. 

Generally, the magnitude of IFT alterations resulting from in situ reservoir conditions depends on 

the density difference between the two phases, for example IFT between gaseous CO2 and brine 

is higher than that between scCO2 and brine (Bennion and Bachu 2008). Studies by Hebach et 

al. (2002) and Chun and Wilkinson (1995) on the IFT of CO2/water systems, under the assumption 

of significant water-wettability, show IFT values for scCO2/water interactions to typically range 

from 20 – 50 mN/m. Although these authors did not take into account the influence of salinity, a 

linear relationship between the increase in IFT and salinity was observed by Okasha and 

Alshiwaish (2009) and Chalbaud et al. (2006). This trend could be attributed to increments in the 

surface tension of aqueous solutions of salts as concentration of the solute along a given isotherm 

increases (Ali et al. 2006). For a given salinity, however, an increase in temperature decreases 

the surface tension of the aqueous solution. Nevertheless, at GCS relevant conditions, interfacial 

tension decreases as pressure is increased along a given isotherm for both CO2/pure water and 

CO2/brine systems (Chiquet et al. 2007). Generally, IFT rises with temperature, except near the 

critical point, and decreases with increasing CO2 solubility. According to Li et al. (2012), at 

conditions relevant to GCS the IFT ranges from 20 mN/m (at low temperature, low salinity, and 

high pressure conditions) to 55 mN/m (at high temperature, high salinity, and low pressure 

conditions). 

2.4 Hysteresis model 

In a multiphase system saturation may change in two directions simultaneously, indicated by two 

terms: drainage and imbibition (Land 1968). In CO2/brine systems, the conventional definition of 

drainage implies the decreasing wetting phase saturation due to CO2 injection into the brine 

saturated rock. Imbibition indicates increasing wetting phase saturation after flow reversal where 

brine flushes back into the rock partially saturated with CO2 (Burnside and Naylor 2014). During 

fluid flow the saturation path depends on the saturation history, allowing capillary pressure and 

relative permeability to alternate between drainage and imbibition curves. This is referred to as 

hysteresis and usually results from a number of inter-dependent pore scale mechanisms during 

drainage and imbibition (Spiteri et al. 2008). For example, the presence of chemical 

heterogeneities and surface roughness can lead to “contact angle hysteresis” where the 

advancing brine has higher angle of contact in comparison to the receding CO2 (Juanes et al. 

2006).  Drainage and imbibition usually occurs at the leading edge and the trailing edge of the 

CO2 plume, respectively. During imbibition the continuous CO2 plume is disturbed at the trailing 

edge by encroaching brine, leading to the snap-off and isolation of CO2 phase into bubbles and 
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ganglia and subsequent immobilisation (Figure 2.2). This is referred to as residual trapping at the 

reservoir (continuum) scale, where significant non-wetting phase remains in the pore space.  

Hysteresis effect is assessable through the magnitude of non-wetting trapping upon flow reversal. 

Capillary pressure hysteresis and relative permeability hysteresis indicates the dependence of 

capillary functions (Pc – Sw) and relative permeability functions (kr – Sw), respectively, on the rate 

of change of saturation. Land’s (1968) model, developed for the prediction of trapped non-wetting 

saturation as a function of initial non-wetting saturation, is currently the most widely applied 

empirical model for quantifying the amount of residual non-wetting phase. The Land model is 

defined as: 

𝑆𝑛𝑡 =
𝑆ℎ𝑦

1+𝐶∙𝑆ℎ𝑦
      (2.18) 

𝐶 =
1

𝑆𝑛𝑡,𝑚𝑎𝑥
−

1

𝑆𝑛,𝑚𝑎𝑥
     (2.19) 

where Snt is the trapped non-wetting saturation, Shy is the non-wetting saturation at the flow 

reversal, Sn,max is the maximum non-wetting saturation, Snt,max is the maximum trapped non-

wetting saturation, and C is the Land trapping coefficient. Land’s equation serves as the basis for 

many hysteresis models currently employed in continuum-scale investigations (Killough 1976, 

Carlson 1981, Lenhard and Parker 1987, Larsen and Skauge 1998, Lenhard and Oostrom 1998, 

Blunt 2000, Beygi et al. 2015).  

 
Figure 2.2: Snap-off of the tail of CO2 plume and subsequent residual trapping during up-dip 

migration. [Source: Burnside and Naylor (2014)] 

2.4.1 Capillary functions (Pc – Sw curves) 

Capillary functions determine the hydrostatic distribution of fluids in the porous media. Capillary 

pressure measurements, developed from drainage situations, include three major laboratory 

techniques; mercury injection method (Purcell 1949), porous diaphragm method (Christoffersen 
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and Whitson 1995, Reitsma and Kueper 1994), and centrifugal method (Chen and Ruth 1995, 

Hassler and Brunner 1945, O’Meara et al. 1992). The shape of the capillary pressure curve 

depends on the interconnection of the pores and the sorting of the pore sizes (Thomeer 1960). 

Experimental measurement techniques for Pc – Sw curves are time consuming (Li and Horne 

2002), hence a more convenient way for describing this constitutive function for either drainage 

or imbibition in sedimentary formations is through analytical models (Leij et al. 1997, Leong and 

Rahardjo 1997, Fredlund and Xing 1994). Typical Pc – Sw curves are illustrated in the figure below: 

 
Figure 2.3: Typical capillary pressure curves in a two-phase system 

In general, the capillary pressure will follow drainage curve for decreasing wetting phase 

saturations and the imbibition curve for increasing wetting phase saturations. The drainage curve 

starts at the critical non-wetting saturation, Snc, or the drainage critical saturation. Critical 

saturation is the saturation of a fluid at which it becomes mobile as saturation is increased. For a 

full drainage process, the bounding drainage curve is followed to the maximum non-wetting 

saturation, Sn,max, which is equivalent to the residual wetting saturation, Swr. If an imbibition 

process then occurs, the bounding imbibition curve is followed from the maximum attainable non-

wetting saturation to imbibition critical saturation, which corresponds to the maximum trapped 

non-wetting saturation, Snt,max. However, should a reversal in the direction of saturation change 

occur at some intermediate point on either of the bounding curve, the path for capillary pressure 

trails one of the scanning curves (Killough 1976). Each scanning curve arises from a turning point 

on the bounding imbibition or draining curve. A scanning curve emerging from the drainage 

process will run from the maximum non-wetting saturation reached at the flow reversal, Shy
i, to 

another critical non-wetting saturation, which then indicates the trapped non-wetting saturation, 

Snt. If another drainage process commences at any point on the scanning curve, the same 

scanning curve is retraced until Shy is reached, and further imbibition processes would occur along 

the appropriate scanning curves.  
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2.4.2 Relative permeability functions (kr – Sw curves) 

In CO2/brine/rock systems, relative permeability functions quantify the extent to which the injected 

CO2 and water interfere with each other as they migrate through the rock. The need for describing 

relative permeability functions in reservoir engineering is exemplified in several literature, 

including Chierici (1984), Eichel et al. (2005), and Sakurai et al. (2013). Relative permeability 

curves affect almost all of the important aspects of a storage project. For example, the spatial 

extent of the CO2 plume (Doughty 2010, Cavanagh 2013), the injectivity of a well (Mathias et al. 

2013, Cameron and Durlofsky 2012), extent of capillary trapping (Krevor et al. 2012, MacMinn et 

al. 2011), and leakage through the well or seal (Vialle et al. 2016, Espinoza and Santamarina 

2017) are influenced by relative permeability. 

The relationship between fluid saturation and relative permeability in a reservoir formation can be 

obtained in a number of ways, namely: 

i) From laboratory flow experiments on rock samples, 

ii) From history match and data extrapolation based on field performance, and 

iii) From mathematical derivations of flow behaviour using some experimentally obtained 

characteristics of reservoir rocks. 

Two basic experimental methods are used for determining kr – Sw curves: steady state and 

unsteady state fluid flow processes (Bear 1972, Honarpour et al. 1986). In the steady state 

technique, a fixed ratio of both fluid phases is driven at constant rates or pressure through the 

rock core sample for extended durations to reach equilibrium (Abaci et al. 1992, Richardson et al. 

1952). This implies that values are only measured when the tested sample reaches a stable or 

steady-state behaviour. This technique is usually regarded as the most reliable source of kr data 

but requires a long time for flow stabilization and can be quite expensive (Honarpour and 

Mahmood 1988).  

In contrast, unsteady state techniques entail the displacement of one fluid from the core by 

injecting another fluid, with both fluids eventually exiting the core. Since flow and pressure 

stabilisation are not required, unsteady-state experiments are quicker. However, this technique is 

limited to displacements where the assumptions based on Buckley-Leverett theory (Buckley and 

Leverett 1942) is fulfilled by ignoring capillary pressure, and does not generate relative 

permeabilities for the total saturation level (Benson et al. 2013). Furthermore, although the 

laboratory measurements offer the only direct method for determining relative permeability 

characteristics applicable to field problems, representative rock samples of a reservoir may not 

be readily available. A few limitations also exist for other options used to derive relative 

permeability functions. For example, past reservoir performance is not readily available for CO2 

storage in aquifers and the relative permeability characteristics obtainable from hydrocarbon 

production data may be inadequate for EOR and CO2 storage process. The mathematical 

techniques developed by Purcell (1949), along with the Kozeny-Carman equation (Carman 1956), 

are commonly used to derive relative permeability from experimental measurements and 

theoretical arguments. The resulting mathematical expressions are mostly computed with respect 
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to the wetting saturation, Sw. For example, Rose and Bruce (1949) defined mathematical 

correlation between the relative permeability to the wetting phase, krw, based on the Kozeny-

Carman equation and experimental data for capillary retention curve, as: 

𝑘𝑟𝑤  =  𝑆𝑤 (
𝑃𝑒

𝑃𝑐
)

2

      (2.20) 

Rapoport and Leas (1951) described the relative permeability to the wetting phase, based on 

surface energy relations and the Kozeny-Carman equation, as: 

𝑘𝑟𝑤 =
(𝑆𝑤)3

(
𝐴𝑤

𝐴⁄ )
3      (2.21) 

Gates and Lietz (1950) described the relative permeability to the wetting phase, based on the 

capillary pressure curve using the Purcell model, as: 

𝑘𝑟𝑤 =
∫

𝑑𝑆𝑤
(𝑃𝑐)2

𝑆𝑤
0

∫
𝑑𝑆𝑤

(𝑃𝑐)2
100

0

      (2.22) 

Fatt and Dykstra (1951) described another expression for relative permeability to wetting phase 

by using Purcell’s method and introducing a saturation-dependent function for pore radius, b, in 

the form: 

𝑘𝑟𝑤 =
∫

𝑑𝑆𝑤

(𝑃𝑐)2(1+𝑏)
𝑆𝑤

0

∫
𝑑𝑆𝑤

(𝑃𝑐)2(1+𝑏)
100

0

     (2.23) 

where Pc is the capillary pressure associated with given values for the wetting phase saturation, 

Sw; Pe is the capillary pressure of the maximum sized pore which is completely filled under the 

given condition of saturation, Aw is the total surface area of the wetting system, and A is the total 

surface area of the solid system, i.e. the total grain surface. In practice, the kr – Sw relation is an 

empirical parameter that depends on the specific context in which it is applied. For example, water 

flooding during oil recovery requires water injection into the reservoir (an imbibition process), while 

for CO2 storage in water-bearing formations CO2 is injected into the reservoir (a drainage 

process).  

2.4.3 The coupled Pc – kr – Sw relationship 

For utilisation in geo-models, the hydraulic properties are expressed as analytical functions, often 

called parametric models. The main hypothesis of these analytical functions for multi-phase flow 

are illustrated in terms of the effective or normalised saturation of the fluid phase, 𝑆𝑒𝛼: 

𝑆𝑒𝛼 =  
𝑆𝛼− 𝑆𝛼𝑟

1− 𝑆𝑤𝑟− 𝑆𝑛𝑟
      (2.24) 

where 𝑆𝛼 is the fluid phase saturation, 𝑆𝛼𝑟 is the residual saturation of the fluid phase, 𝑆𝑛𝑟 is the 

residual non-wetting saturation, and 𝑆𝑤𝑟 is the residual wetting saturation. The parameters at the 

base of this normalised saturation, 𝑆𝑛𝑟 and 𝑆𝑤𝑟, are determined by the flow dynamics. For 
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example, for the primary drainage curve, Snr = 0; for primary imbibition (wetting) curve, Snr = 

Snr,max; and for other imbibition (wetting) curves Snr = Snt.  

Snr,max is an input parameter that defines the maximum residual non-wetting saturation in 

analytical model. It varies inversely with porosity, 𝜙, and generally taken as a constant material 

property. A typical formulation by Holtz (2002) is described below: 

𝑆𝑛𝑟,𝑚𝑎𝑥 = −0.9696𝜙 + 0.5473    (2.25) 

In the absence of direct experimental measurement of the capillary pressure-saturation, 

mathematical models for capillary pressure data become a reliable technique to describe flow 

characteristics in a porous media. The most commonly used empirical formulation for capillary 

pressure data in porous media are models by Brooks and Corey (1964) and van Genutchten 

(1980). Pc – Sw curves are typically convex for BC models and S-shaped for vG models (Figure 

2.4). Brooks-Corey (BC) model describe a plateau that ends with a non-zero capillary entry 

pressure while the van Genuchten (vG) model illustrate a steep slope that connects the endpoint 

(usually zero) to the plateau region (Li et al. 2013).  

 
Figure 2.4: Pc – Sw curves for vG and BC analytical models 

Capillary pressure curves measured using the experimental mercury injection technique usually 

have an entry-slope region similar to vG models although the capillary pressure at Sw = 1 is usually 

non zero. Nothwithstanding the starting point capillary pressure in vG models at Sw = 1 can be 

zero or non zero. The BC model introduces a well-defined capillary entry pressure value, Pe, 

which is associated with the largest pore throat radius through the relation of Young-Laplace law 

(Eq. 2.16) and shows good agreement with experimental data: 

For Pc > Pe;   𝑆𝑒𝑤 =  (
𝑃𝑐

𝑃𝑒
)

−λ

     (2.26) 

𝑃𝑐 =  𝑃𝑒  (𝑆𝑒𝑤)−
1

λ     (2.27) 

For Pc ≤ Pe;    𝑆𝑒𝑤 = 1      (2.28) 

where λ is the pore size distribution index is an empirical constant with values typically ranging 

from 0.2 to 4.2 for fine- to coarse- clast textures (Brooks and Corey 1964).  
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In contrast, the vG function for Pc – Sw relations does not explicitly account for Pe but describes a 

continous function by introducing a pressure scaling parameter, Pg, which is related to the 

average size of the pores. This pressure scaling parameter is quite different from the Pe and is 

usually larger than the Pe (Morel-Seytoux et al. 1996). The van Genutchen model for Pc – Sw 

relations is computed as: 

For Pc > 0;   𝑆𝑒𝑤 =  [1 + (𝛼𝑃𝑐)𝑛]−𝑚    (2.29) 

   𝑆𝑒𝑤 =  [1 + (
𝑃𝑐

𝑃𝑔
)

𝑛

]
−𝑚

    (2.30) 

For Pc ≤ 0;   𝑆𝑒𝑤 = 1      (2.31) 

where 𝑛 and 𝑚 are pore geometry/model parameters, related by the assumption that 𝑚 = 1 − 1
𝑛⁄  

or 𝑚 = 1 − 2
𝑛⁄ ; and 𝛼 (Pa-1) is assumed to be roughly the inverse of 𝑃𝑔 and can be estimated 

from observed Pc – Sw data.  

In water wet systems, 𝑘𝑟𝑤 depends only on the amount of mobile water (𝑆𝑤 −  𝑆𝑤𝑟) present, while 

𝑘𝑟𝑛 depends on the amount of non-wetting phase present. Recalling the relationship between 

effective permeability and relative permeability in Eq. 2.4, if the effective permeability is said to 

be a function of the pore size distribution, the wettability, and the saturation history of the rock-

fluid system, the same can be said of the relative permeability value. It becomes easier to discuss 

relative permeability – saturation behaviour if effective saturation units are used rather than the 

pore saturation units: 

𝑘𝑒𝑤 =  
𝑘𝑤

𝑘𝑤,𝑠𝑒𝑤=1

      (2.32) 

𝑘𝑒𝑛 =  
𝑘𝑛

𝑘𝑛,𝑠𝑒𝑤=0

      (2.33) 

where 𝑘𝑒𝑤 and 𝑘𝑒𝑛 is the effective permeability normalised for the wetting and non-wetting phase, 

respectively; 𝑘𝑤 and 𝑘𝑛 is the effective permeability of wetting phase and non-wetting phase at a 

given wetting phase saturation, respectively; 𝑘𝑤,𝑠𝑒𝑤=1
is the effective wetting phase permeability at 

effective wetting phase saturation equal to 1; and 𝑘𝑛,𝑠𝑒𝑤=0
 is the effective non-wetting phase 

permeability at effective wetting phase saturation equal to 0.  

The relationship for normalised effective permeabilities phase and effective wetting saturation 

given in Eq. 2.32 & 2.33 can be used to directly represent the relative permeabilities of the fluid 

phases. This is because the base of the normalised effective permeabilities, 𝑘𝑤,𝑠𝑒𝑤=1
 and 𝑘𝑛,𝑠𝑒𝑤=0

, 

correspond to the absolute permeability, K, of each fluid phase in the porous media. Note that 

when the effective wetting saturation, 𝑆𝑒𝑤, equals zero, the effective non-wetting saturation, 𝑆𝑒𝑛, 

equals one and vice versa. Consequently the following relationships apply: 

𝑘𝑒𝑤 =  
𝑘𝑤

𝑘𝑤,𝑠𝑒𝑤=1

=
𝑘𝑤

𝑘
= 𝑘𝑟𝑤     (2.34) 

𝑘𝑒𝑛 =  
𝑘𝑛

𝑘𝑛,𝑠𝑒𝑤=0

=
𝑘𝑛

𝑘
= 𝑘𝑟𝑛     (2.35) 
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Early works by Burdine (1953) and Mualem (1976), using the mean hydraulic pore radius concept 

of Kozeny-Carman, led to the following generalised drainage relationships for describing the 

relative permeability for both the wetting and non-wetting phase: 

𝑘𝑟𝑤:𝑑𝑟 =  
𝑘𝑤

𝑘𝑤,𝑠𝑒𝑤=1

= (𝑆𝑒𝑤)𝑎  (
∫  (

1

𝑃𝑐
)

𝑥
∙𝑑𝑆𝑒𝑤

𝑆𝑒𝑤
0

∫  (
1

𝑃𝑐
)

𝑥
∙𝑑𝑆𝑒𝑤

1
0

)

𝑏2

   (2.36) 

𝑘𝑟𝑛:𝑑𝑟 =  
𝑘𝑛

𝑘𝑛,𝑠𝑒𝑤=0

= (1 − 𝑆𝑒𝑤)𝑎 (
∫  (

1

𝑃𝑐
)

𝑥
∙𝑑𝑆𝑒𝑤

1
𝑆𝑒𝑤

∫  (
1

𝑃𝑐
)

𝑥
∙𝑑𝑆𝑒𝑤

1
0

)

𝑏

   (2.37) 

In the above equations, the portions that involve the ratio of integrals of (1 𝑃𝑐⁄ )𝑥 ∙ 𝑑𝑆𝑒𝑤  represent 

flow area changes, while (𝑆𝑒𝑤)𝑎 represent flow path length changes. When the pore size 

distribution index, 𝜆, is known, both models provide the following closed-form analytical solutions: 

𝑘𝑟𝑤:𝑑𝑟 =  (𝑆𝑒𝑤)𝑦      (2.38) 

  𝑘𝑟𝑛:𝑑𝑟 =  (1 − 𝑆𝑒𝑤)𝑎  [1 − (𝑆𝑒𝑤)𝑧]𝑏    (2.39) 

The unknown power functions 𝑎, 𝑏, 𝑥, 𝑦 𝑎𝑛𝑑 𝑧, are defined based on the model as illustrated in 

Table 2.2: 

Model a b x y z 

Burdine 2 1 2 3 + 2/𝜆 1 + 2/𝜆 

Mualem 0.5 2 1 2.5 + 2/𝜆 1 + 1/𝜆 

Table 2.2: Parameters used in Burdine (1953) and Mualem (1976) relative permeability models 

Using a combination of Purcell and Burdine, Corey (1954) described a simple mathematical 

expression for drainage gas-liquid relative permeability thus: 

𝑘𝑟𝑤 = (𝑆𝑒𝑤)4       (2.40) 

𝑘𝑟𝑛 = (1 − 𝑆𝑒𝑤)2. [1 − (𝑆𝑒𝑤)2]     (2.41) 

As seen in Eq. 2.40 and 2.41, Corey model assumes that the pore gemetry parameter, 𝜆, in 

Burdine’s model equals 2. To this end, curves identified as 𝜆 = 2 are often called Corey curves. 

Although Burdine’s (1953) and Mualem’s (1976) generalised expressions may be valid for 

estimating relative permeabilities to the wetting phase, they may fall short of purpose for 

adequately quantifying non-wetting relative permeabilities in CO2 storage operations. This is 

because in describing the relative permeability to both the wetting saturation (Sw) and non-wetting 

saturation (Sn), the corresponding relative permeability endpoints, designated as  𝑘𝑟𝑤
0  and 𝑘𝑟𝑛

0  

respectively, have to be considered. Eq. 2.34 and 2.35 assume that both 𝑘𝑟𝑤
0  and 𝑘𝑟𝑛

0  equal unity. 

While this assumption is valid for 𝑘𝑟𝑤
0  in completely water-wet CO2/brine/rock systems, it will be 

invalid for 𝑘𝑟𝑛
0  where the irreducible wetting saturation is not be equal to zero. It is necessary, 

therefore, to relate 𝑘𝑟𝑛
0  to Swr as these parameters are expected to be inversely proportional to 

each other since Swr acts to reduce the cross-sectional area of non-wetting fluid flow. Hence both 

parameters should show some effect of pore size distribution. Although 𝑘𝑟𝑛 is not necessary for 

measuring the entrapped non-wetting phase, 𝑆𝑛𝑡, it is an important parameter for evaluating 
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injectivity and evolving flow rates. Hence the presentation of 𝑘𝑟(𝐶𝑂2), 𝑆𝑛𝑡, and 𝑆𝑛,𝑚𝑎𝑥  is the best 

evidence base currently available for assessing the CO2 storage security (Burnside and Naylor 

2014). It becomes necessary in GCS operations to discount the normalised non-wetting 

permeability, 𝑘𝑒𝑛, to obtain a corresponding relative peremability, 𝑘𝑟𝑛, at absolute permeability 

equals unity. For this purpose, 𝑘𝑟𝑛
0  which accounts for the maximum relative permeability to the 

non-wetting phase is introduced in Eq. 2.35 as shown below: 

𝑘𝑒𝑛 =  
𝑘𝑛

𝑘𝑟𝑛
0  ∙𝑘𝑛,𝑠𝑒𝑤=0

=
𝑘𝑛

𝑘𝑟𝑛
0  ∙𝑘

=
𝑘𝑟𝑛

𝑘𝑟𝑛
0  

     (2.42) 

The drainage functions for non-wetting relative permeability can then be computed as: 

  𝑘𝑟𝑛:𝑑𝑟 = 𝑘𝑟𝑛
0  ∙  (1 − 𝑆𝑒𝑤)𝑎  [1 − (𝑆𝑒𝑤)𝑧]𝑏    (2.43) 

Value for 𝑘𝑟𝑛
0  is usually obtained from core-flooding experiments (e.g. Dria et al. 1993). In the 

absence thereof, however, the following relationship for 𝑘𝑟𝑛
0  has been proposed for Swr < 0.5 by 

Standing (1975): 

𝑘𝑟𝑛
0  = 1.31 − (2.62 ∗ 𝑆𝑤𝑟) + (1.1 ∗ 𝑆𝑤𝑟

2 )    (2.44) 

A reasonable good fit for experimental data on 𝑘𝑟(𝐶𝑂2) is often achieved with Eq. 2.43 through 

proper choice of the values for the end-point relative permeability (Bennion and Bachu 2008, 

Perrin and Benson 2010, Krevor et al. 2012). The functionality of Eq. 2.43 is however limited due 

to its inability to duplicate the observed behaviour of many rock-fluid systems. Nevetheless, 

Corey’s (1954) proposition creates the opportunity for better reconciliation of calculated and 

measured relative permebility curves when the exponents a and b in Eq. 2.43 are modified. Direct 

analytical computations of Pc – kr – Sw relationships for GCS predictive simulations typically entail 

the wetting and non-wetting phase relative permeability curves proposed by Burdine (1953) and 

Mualem (1976), integrated to the arbitrary capillary functions of van Genuchten (1980) and Brooks 

& Corey (1964). A modified version of coupled Brooks-Corey-Burdine model, where the 

exponents y and z (see Table 2.2) are designated as Corey exponents, has been referred to as 

Brooks-Corey – variable Corey (BC-vC) model in literature (Oostrom et al. 2016). Here, values 

for the “Corey exponents” typically depend on the fit to experimental data (Krevor et al. 2012, 

Bennion and Bachu 2008). The Burdine formula can be integrated analytical to the vG capillary 

function if m = 1 – 2/n: 

  𝑘𝑟𝑤 =  (𝑆𝑒𝑤)𝑎  [1 −  (1 − (𝑆𝑒𝑤)
1

𝑚⁄ )
𝑚

]    (2.45) 

  𝑘𝑟𝑛 =  𝑘𝑟𝑛
0  ∙ (1 − 𝑆𝑒𝑤)𝑎 [1 −  (𝑆𝑒𝑤)

1
𝑚⁄ ]

𝑚

     (2.46) 

The Mualem formula can be integrated analytical to the vG capillary function if m = 1 – 1/n: 

  𝑘𝑟𝑤 =  (𝑆𝑒𝑤)𝑎  [1 −  (1 − (𝑆𝑒𝑤)
1

𝑚⁄ )
𝑚

]
2

    (2.47) 

  𝑘𝑟𝑛 =  𝑘𝑟𝑛
0  ∙ (1 − 𝑆𝑒𝑤)𝑎 [1 −  (𝑆𝑒𝑤)

1
𝑚⁄ ]

2𝑚

    (2.48) 
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Between the two relative permeability models coupled to the vG function, Mualem’s approach 

was found to be more applicable to a wider variety of sediments than Burdines’s formulation (van 

Genuchten and Nielsen 1985). Few examples of studies that employed analytical models in 

subsurface engineering include: Poe (2014) and Clarkson et al. (2016) on performance of 

production wells; Ebigbo et al. (2007) and Nordbotten et al. (2004) on gas leakage through 

abandoned wells; Gor et al. (2013) and Rutqvist et al. (2008) on geomechanical analysis of the 

reservoir-caprock system; Doughty (2010) and Espinet et al. (2013) on CO2 plume behaviour 

during GCS; and finally Liu et al. (2011), Xu et al. (2010), and Pruess and Muller (2009) on 

reactive transport processes. 

2.5 Numerical implementation 

The governing equations of two-phase fluid flow and of constitutive models for capillary pressure 

and relative permeability are implemented in numerical simulators to investigate subsurface flow 

problems. Examples of continuum-scale simulators commonly used to reproduce coupled 

multiphase flow and reactive transport processes related to CO2/brine/rock systems include: 

Schlumberger’s ECLIPSE (Schlumberger 2017), Lawrence Berkeley National Laboratory’s 

TOUGH2-ECO2N (Pruess 2005), Pacific Northwest National Laboratory’s STOMP-CO2 (White et 

al. 2012), and Los Alamos National Laboratory’s PFLOTRAN (Lichtner et al. 2015). These models 

are based on established implementation of Darcy’s law for fluid flow in heterogeneous porous 

media. They solve conservative equations for component mass (i.e. water, CO2 and salt) and 

energy by expressing them as partial differential equations on a structured grid. The reservoir 

simulators allow solution of large sets of finite-difference equations describing two- and three-

dimensional (2D and 3D) multiphase flow using one or more of three linearisation schemes widely 

used in petroleum reservoir simulation, namely the Fully Implicit (FI), Implicit Pressure Explicit 

Saturation (IMPES) and Adaptive Implicit Method (AIM). Coats (1987) provides a general 

description of these formulations. ECLIPSE consists of two modules: ECLIPSE 100, a fully implicit 

black oil simulator with gas condensate option; and ECLIPSE 300, a compositional simulator that 

can be run in FI, IMPES and AIM modes. TOUGH2-ECO2N, STOMP-CO2 and PFLOTRAN use 

integral finite differences to achieve spatial discretisation with a fully implicit treatment of fluid flux. 

Modelling of CO2 sequestration requires pressure-volume-temperature (PVT) and phase 

equilibria properties of the CO2/brine/rock system. A few models have been developed in the form 

of equations of state for both CO2 and brine across a range of temperature, pressure, and salinity 

that is applicable to GCS. The equation of state (EOS) is a collection of constitutive equations 

that describe the phase conditions, phase compositions, phase densities, and phase equilibria 

(Perrot 1998). It is a semi-empirical functional relationship between temperature, pressure, 

volume, and internal enthalpy of a pure substance. The most famous EOS is the van der Waals 

EOS (van der Waals 1910). However, reservoir simulators widely employ one of three more 

accurate EOS for subsurface engineering, i.e. the Peng-Robinson EOS (Peng and Robinson 

1976), Redlich-Kwong EOS (Redlich and Kwong 1949), and Redlich-Kwong-Soave EOS (Soave 

1972). Thermodynamic properties of CO2 in these simulators are usually computed via tabular 
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interpolation of Span and Wagner’s (1996) equation of state for CO2 while thermodynamic 

properties of brine are calculated using American Association of Mechanical Engineers’ (ASME) 

steam table formulations (Harvey et al. 2014). 

The Darcy-based modelling approach has been employed in a number of studies on GCS in 

aquifers. For example,  

a) Orsini et al. (2014) and Zhang et al. (2017) used PFLOTRAN to conduct an analysis 

on CO2 storage performance for a potential storage site located off the coast of Italy, 

and to evaluate the interplay between heterogeneity and reactive transport processes 

in predicting CO2 storage performance, respectively; 

b) Pruess and Nordbotten (2011) and Mathias et al. (2013) used TOUGH2-ECO2N to 

examine the long-term behaviour of CO2 stored beneath a sloping caprock, and to 

perform sensitivity analysis on CO2 injectivity in association with relative permeability 

functions, respectively; 

c) Shariatipour et al. (2016) used ECLIPSE 300 and Ashraf (2014) used ECLIPSE 100 

to assess the viability of the CO2 downhole mixing technique, and to investigate the 

impact of heterogeneity on aquifer pressure, respectively; and 

d) Nguyen et al. (2016) and Mishra et al. (2014) used STOMP-CO2 to investigate the 

impact of CO2/brine transport process on a formation’s geomechanical properties, 

and to calibrate pressure response resulting from CO2 storage in the Mount Simon 

formation, respectively. 

The main difference between these simulators is that ECLIPSE uses analytical derivatives to 

solve solutions of non-linear problem while the others only use numerical differentiation. This 

offers significant computational time-saving compared to standard linear solvers (Williams et al. 

2018). Brooks-Corey, van Genuchten, Mualem and Burdine formulations described in Section 

2.4.3 govern the majority of Pc – kr – Sw relations implemented in the reservoir models. Four 

coupled constitutive models are commonly utilised in GCS analysis: van Genutchen – Mualem 

(vG-M) model (Gor et al. 2013, Doughty 2010, Doughty et al. 2008), Brooks-Corey – Burdine (BC-

B) model (Class et al. 2009, Kolditz et al. 2012, Rasmusson et al. 2015), van Genutchen – Corey 

(vG-C) model (Alkan et al. 2010, Kim et al. 2012), and van Genutchen – Mualem-Corey (vG-MC) 

model (Birkholzer et al. 2009, Zhou et al. 2010, Espinet et al. 2013, Giorgis et al. 2007, Middleton 

et al. 2012, Rutqvist et al. 2008). In vG-MC, the coupled Mualem-Corey formulation is used to 

compute relative permeabilities where Mualem (1976) describes the relative permeability to the 

wetting fluid, and Corey (1954) defines the relative permeability to the non-wetting fluid. This is 

the most widely used model for describing hysteretic relations during scCO2 injection; hence, this 

thesis implements the vG-MC model and conducts numerical simulations using the ECLIPSE 

suite. The next chapter elaborates on this model, introducing a possible parameterisation scheme 

for describing hysteretic functions in siliciclastic formations during reservoir-scale simulations. 
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Chapter

 3
*

 
vG parameterisation scheme 

In the application of two-phase flow in porous media within the context of CO2 sequestration, a 

non-wetting phase is used to displace a wetting phase residing in-situ to the maximum extent 

through a network of pore conduits. The storage performance of this physical process can be 

assessed through numerical simulations where transport properties are usually described using 

the Brooks & Corey (BC) or van Genuchten (vG) model. The empirical constant, namely the pore 

geometry index, is a primary parameter in both of these models and experimental evidence shows 

a variation in the value of this parameter. It is, therefore, essential to cast this empirical constant 

into a ternary diagram for all types of clastic porous media to demarcate the efficiency of two-

phase flow processes in terms of the pore geometry index (PGI). In doing so, this approach can 

be used as a tool for designing more efficient processes, as well as for the normative 

characterisation of two-phase flow, taking into consideration the predominance of capillary 

pressure or relative permeability effects. This concept is based on the existence of a PGI 

estimation for clastic sediments, for which the value for 12 sediment mixtures fall between 1.01 

and 3.00. Statistical data obtained from soil physics is used for developing and validating 

numerical models where a good match is observed in numerical simulations. 

This chapter presents theoretical observations and continuum-scale numerical simulation results 

of a PGI characterisation for the prediction of the hydraulic properties of clastic reservoir rocks. 

The effect of key parameters in the vG empirical model, such as the pressure strength coefficient 

and the PGI, is incorporated into the simulation analysis. In this chapter, a new methodology for 

the effective characterisation of PGI for different clastic rocks is proposed.

                                                           
* The content of this chapter has been extracted from the following paper: 

Onoja, M.U., Ahmadinia, M., Shariatipour, S.M., and Wood, A.M. (2019) Characterising the role of parametric 

functions in the van Genuchten empirical model on CO2 storage performance. International Journal of 

Greenhouse Gas Control 88, 233 – 250. https://doi.org/10.1016/j.ijggc.2019.06.004 

The candidate set the scientific scope of the work, devised and developed the methodology, performed all 
data analysis and wrote the text. Masoud Ahmadinia wrote the MATLAB-code coupled to ECLIPSE for 
numerical simulation. Seyed Shariatipour and Adrian Wood provided guidance during the design of this part 
of the project and feedback on the manuscript. 

Minor adaptations have been performed to streamline the layout of the thesis. 
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3.1 Introduction 

Relative permeability [kr] and capillary pressure [Pc] functions in subsurface formations play an 

integral role in determining the accuracy of any numerical solution to multi-phase fluid flow. In 

view of the spatial variability factor associated with reservoir-scale investigations, empirical 

models provide a viable means of characterising Pc – kr – Sw relations. This is because 

experimental methods for determining these curves are often tedious, time consuming and may 

only prove to be cost-effective for specific purposes (Wösten and van Genuchten 1988). Oostrom 

et al. (2016) conducted a comparative study on the performance of empirical models employed 

for CO2 geo-storage and identified van Genuchten-Mualem-Corey (vG-MC) and Brooks-Corey-

variable-Corey (BC-vC) models as the most suitable for scCO2 injection simulations: 

𝑆𝑒𝑤 =  
𝑆𝑤− 𝑆𝑤𝑟

𝑆𝑤,𝑚𝑎𝑥 − 𝑆𝑤𝑟 − 𝑆𝑛𝑟
       (3.1) 

vG-MC:   𝑃𝑐 = 𝑃𝑔[(𝑆𝑒𝑤)−1 𝑚⁄ − 1]
1 𝑛⁄

     (3.2) 

  𝑘𝑟𝑤 =  (𝑆𝑒𝑤)0.5  [1 − (1 − (𝑆𝑒𝑤)
1

𝑚⁄ )
𝑚

]
2

    (3.3) 

  𝑘𝑟𝑛 =  𝑘𝑟𝑛
0  ∙ (1 − 𝑆𝑒𝑤)2(1 − 𝑆𝑒𝑤

2 )      (3.4) 

BC-vC:    𝑃𝑐 =  𝑃𝑒  (𝑆𝑒𝑤)−
1

λ       (3.5) 

  𝑘𝑟𝑤 = (𝑆𝑒𝑤)𝑋       (3.6) 

𝑘𝑟𝑛 = 𝑘𝑟𝑛
0  ∙ (1 − 𝑆𝑒𝑤)2. [1 − (𝑆𝑒𝑤)𝑌]    (3.7) 

The variables λ, n, and m are fitting parameters known as the pore size/geometry index, while X 

and Y are known as Corey exponents for the wetting and non-wetting phase, respectively. Sew is 

the effective wetting saturation, Sw is the wetting saturation, Swr is the residual wetting saturation, 

Sw,max is the maximum wetting saturation, Snr is the residual non-wetting saturation, Pe is the 

capillary entry pressure,  𝑘𝑟𝑛
0  is the end-point relative permeability to the non-wetting phase, and 

Pg is the strength coefficient expressed as the inverse of the pressure scaling parameter, α. 

Justifications for the wide utilisation of these geometry-based empirical models include the 

relative ease of their implementation in numerical simulators in the absence of site-specific Pc – 

kr – Sw data, as well as the relative fit of experimentally determined Pc – kr – Sw curves to the BC-

vC model through λ, X and Y e.g. Bachu (2013), Krevor et al. (2012), and Perrin and Benson 

(2010). The use of BC-vC over vG-MC for this purpose is mainly due to the inclusion of the 

capillary entry pressure in the former. Nevertheless, the latter has been increasingly adopted in 

the numerical modelling of subsurface scCO2 and brine transport within the last decade, e.g. 

Yamamoto and Doughty (2011), Doughty (2010), Zhou et al. (2010), Middleton et al. (2012), 

Birkholzer et al. (2015), Liu et al. (2011), Okwen et al. (2011), and Pruess and Nordbotten (2011). 

Most of these studies, however, utilised van Genuchten model within simplified parametric 

descriptions of the pore geometry index [n] and the strength coefficient [Pg] which may require 

revision. The first important consideration is the description of n (where n = 1/1-m) which usually 
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includes a generic value of n ≈ 2.0 for sandstone aquifer and even shale aquitard as seen in 

Birkholzer et al. (2009), Espinet et al. (2013), and Gor et al. (2013). This assumption may not be 

ideal practice in geological CO2 sequestration (GCS) since the variability in the pore size index 

normally provides a reasonable fit to available experimental data (Doughty et al. 2008). Smith et 

al.’s (2017) data for clastic samples show a close relationship between mineralogy and pore size 

distribution within a sample. Hence, with reference to the relationship between mineralogy and 

particle size as described in Figure 3.1, this infers that the value for the pore geometry parameter 

should not be the same for all types of sedimentary rocks. 

 
Figure 3.1: Relationship between particle size and mineralogy. [Adapted from Irons et al. (1989)] 

In addition, the available experimental data for Pc and kr in scCO2/brine systems show variance 

in flow characteristics within clastic rocks that are located in the same reservoir formation. For 

example, Mercury Intrusion Porosimetry (MIP) analyses performed under the same experimental 

conditions on six sets of small plugs of the Heletz sandstone, obtained from well H18A of the 

Heletz project site at a depth of ~ 1634 m (Hingerl et al. 2016), showed variance in Pc curves 

despite having the same capillary entry pressure (see Figure 3.2).  

 
Figure 3.2: Pc – Sw curve measured on six sub-samples of the Heletz sandstone using Mercury 

Intrusion Porosimetry. [Source: Benson et al. (2015)] 

Bennion and Bachu (2008) also showed varying kr – S curves for rock samples obtained from the 

same formation, further highlighting the influence of the pore geometry on characteristic Pc – kr – 
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Sw curves. Thus, the oversimplification and/or improper assumption of parameter values in 

empirical models used in characterising Pc – kr – Sw functions for simulating GCS can introduce 

errors in any subsequent predictive analysis (Mori et al. 2015). Secondly, the strength coefficient 

[Pg], where 𝑃𝑔 = 1 𝛼⁄ , in vG-MC model has been referred to as the capillary entry pressure [Pe] in 

studies by Zhou et al. (2008) and Mathias et al. (2013). This is inconsistent with Van Genuchten’s 

(1980) description of the pressure scaling parameter at the maximum pore throat radius [Rmax] to 

be at least larger than the capillary entry pressure i.e. αPe < 1. According to the author, an 

inflection point on the capillary pressure curve is usually required to determine the value for the 

model’s pressure scaling parameter [𝛼]. Hence an assumption of αPe = 1 usually results in a wide 

variance between the BC’s and vG’s description of the flow model. Nevertheless, the introduction 

of capillary entry pressure is generally advisable when using the Mualem model (as is the case 

with vG-MC) irrespective of the parameter function used to describe the effective wetting 

saturation (Ippisch et al. 2006). The crucial point in applying Mualem’s model is the correct 

evaluation of the integral:  

∫
1

𝑃𝑐(𝑆𝑤)
𝑑𝑆𝑤 = − ∫

1

𝑃𝑐(𝑆𝑤)
∙

𝑑𝑆

𝑑𝑃𝑐
∙ 𝑑𝑃𝑐

∞

𝑃𝑐(𝑆𝑒𝑤)

𝑆𝑒𝑤

0
    (3.8) 

If a capillary entry pressure value is not introduced in the parameterisation of the capillary 

pressure curve, then a decrease in the absolute value of the derivative of the capillary pressure 

curve |
𝑑𝑆

𝑑𝑃𝑐
| must be faster than the increase of 

1

𝑃𝑐
 for 𝑃𝑐 → 0. These conditions are general and 

independent of the specific model used for capillary pressure curve. Thus, the absence of the 

capillary entry pressure in the vG model imposes a constraint of n ≥ 1.88 when it is coupled to 

the Mualem model (Fuentes et al. 1992). However, fine-textured sediments may exhibit n-values 

in the range of 1 < n < 2 (e.g. Carsel and Parrish 1988), therefore the introduction of a capillary 

entry pressure in the vG model is obligatory if n < 2 (Ippisch et al. 2006). It becomes advisable to 

introduce some sort of parameter equivalence between the van Genutchten and Brooks-Corey 

equations when describing the hydraulic properties of sedimentary formations using the vG 

model. This helps to quantify the capillary entry pressure during vG computations. Within 

accessible literature, no numerical study has been conducted to determine whether the constancy 

of the pore geometry parameter in a field introduces a bias in the predicted CO2 storage 

performance. Besides, little information exists on the effect of using different values for n to 

represent different rock lithologies in a reservoir/seal system. To begin addressing these issues 

the current chapter applies linear parameter estimation techniques to fit vG’s pore geometry 

parameter [n] in soil hydraulic behaviour to the rock hydraulic behaviour. This approach is 

implemented by comparing the different heterogeneous pore systems of sand/clay and their 

consolidated counterparts, sandstone/claystone, assuming the percentage composition of clastic 

sediments are approximal in both porous media. This should avoid discrepancies in the 

systematic behaviour of predicted relative permeabilities in soils and rocks. Of particular interest 

is information on improving the predicted values of relative permeability that do not require a large 

increase in experimental measurements. Rather than focus on all sedimentary rock types that are 
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suitable for GCS, this thesis only highlights siliciclastic rocks, which have defined grain-size 

categories. Once estimated, the optimised model parameters will be used to investigate the 

relationships between sedimentary heterogeneities in siliciclastic rocks and CO2 storage 

performance in aquifers. Since the Pc – kr – Sw relationship is expressed in the form of analytical 

functions, thus facilitating their efficient inclusion into numerical simulation models, they should 

enable a rapid comparison of the hydraulic properties of different siliciclastic rocks. 

3.2 Assumptions and limitations of the study 

The specific purpose of this chapter is to characterise the pore geometry index of vG-MC model 

to siliciclastic rock formations. This study adopts a classification of clastic rocks based on particle 

size and some sediment structures (Potter et al. 1980, Stow 1981). Herein, principles and 

methods used in soil mechanics are applied, utilising a limited set of predictors that focus mainly 

on the grain size distribution. The contribution of other effects such as the wettability of the porous 

medium, fluid viscosity and the interfacial tension between the fluids in contact is not considered 

in the parameterisation scheme. This is because the capillary number [Nc], a dimensionless 

number that characterises the ratio of viscous forces to interfacial tension, has been shown to 

only have impact on the shape of relative permeability curves at values of Nc > 10-6 in two-phase 

systems (Bardon and Longeron 1980, Fulcher et al. 1985, Amaefule and Handy 1982). 

𝑁𝑐 =
𝑣𝜇

𝜎
       (3.9) 

where 𝑣 is the Darcy velocity, 𝜇 is the viscosity of the displacing phase, and 𝜎 is the interfacial 

tension (IFT). For CO2 sequestration, Nc is typically less than or approximately 10-6 making the 

flow regime capillary dominated (Krevor et al. 2012, Perrin and Benson 2010). Counter-intuitively, 

the higher the capillary number, the lower the effect of capillary pressure. Furthermore, Bennion 

and Bachu (2006) showed that at constant temperature and water salinity, the end-point relative 

permeability to CO2 and the maximum endpoint CO2 saturation increases as the IFT decreases. 

This trend was also seen to be identical for the effect of brine-to-CO2 viscosity ratio on kr curves, 

and is attributed to the strong dependency of both IFT and viscosity on pressure. IFT reduces by 

increasing pressure while CO2 viscosity increases with increasing pressure, causing a relative 

decrease in brine-to-CO2 viscosity ratio at fixed values for temperature and water salinity. Studies 

by Al-Khdheeawi et al. (2017) and Valle et al. (2018) have also shown that differences in reservoir 

wettability has varying impacts on CO2 storage performance, with strongly water-wet reservoirs 

favouring residual trapping and strongly CO2-wet reservoirs favouring dissolution trapping due to 

the bouyant migration of CO2 plume and subsequently an increased contact with reservoir brine. 

Al-Mutairi et al. (2014) and Seyyedi et al. (2015) experimentally investigated the wettability 

alteration as a function of time during CO2 flooding and concluded that increasing CO2 

concentration in brine could result in larger alteration of wettability. This can be attributed to the 

reduction in brine pH due to the dissolution of CO2 in brine. The reduced pH may affect the electric 

charges on water–rock interfaces and, hence, alter the wetting characteristics of the surface. With 

respect to the wetting properties, the thesis assumes a completely wet system where the non-
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wetting phase invades the porous matrix at a contact angle of zero degree relative to the wetting 

phase. Finally, reactive transport properties and the impact of grid block resolution on the dynamic 

simulation is not considered herein. However, a fine scale (high resolution) grid, may, more readily 

emphasise the relative effect of capillary pressure and relative permeability heterogeneity on CO2 

storage performance. This is because coarse scaling (low resolution) usually result from the 

merging fine grid cells into a larger cell, thereupon averaging the reservoir properties within the 

coarse domain. This process of coarsening the fine grid is known as upgridding, while the 

averaging of reservoir properties within coarse cells is known as upscaling (Durlofsky 2005). NB: 

Detailed assumptions and limitations relating to the dynamic modelling and simulation in this 

thesis are indicated within respective chapters. 

3.3 Description of pore geometry index [n] in vG model for clastic rocks 

Volumetrically, siliciclastic rocks are the dominant sedimentary formations for GCS (Boggs 2009). 

To describe the pore geometry index in van Genuchten model for clastic rocks, it is important to 

first define such rocks. Clasts or rock fragments vary in size from fine clay and silt, to medium-

textured sand, up to coarse-textured pebble, cobble and boulder sized clasts. Sand clasts are 

defined by the United States Department of Agriculture (USDA 1987) and the British Standards 

Institution (BSI 1990) as having a diameter of 0.06 to 2.00 mm. Silt clasts are 0.06 to 0.002 mm 

while clay is ≤0.002 mm. Using the Wentworth (1922) Scale, the terms ‘very coarse sandstone’, 

‘coarse sandstone’, ‘medium sandstone’, ‘fine sandstone’, and ‘very fine sandstone’ are used 

(Table 3.1). However, some fine-grained sedimentary rocks are not precisely defined, while the 

classification of shale is more ambiguous (e.g. Picard 1971, Flemming 2000, Macquaker and 

Adams 2003, Potter et al. 2005). Shale has been regarded as mudrocks that show fissility, i.e. a 

strong tendency to split or break (Ingram 1953). Mudrocks exhibit a much wider grain size 

distribution than sandstones, with grain diameters typically ranging over five orders of magnitude, 

and include both silts and clays (e.g. Aplin et al. 1999, Dewhurst et al. 1998).  

Geological size 

(mm) 

Sediment 

Texture 

General term for Consolidated 

Rock 

2.0 - 1.0 Very coarse sand 

Sandstone 

1.0 - 0.5 Coarse sand 

0.5 - 0.25 Medium sand 

0.25 - 0.125 Fine sand 

0.125 - 0.0625 Very fine sand 

0.0625 - 0.0313 Coarse silt 

Siltstone Mudrock 

(Shale) 

0.0313 - 0.0156 Medium silt 

0.0156 - 0.0078 Fine silt 

0.0078 - 0.0039 Very fine silt 

< 0.0039 Clay Claystone 

Table 3.1: The Wentworth scale for clastic sediments (Wentworth 1922) 
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Siliciclastic rocks can be classified using the soil textural triangle developed by the US Department 

of Agriculture (USDA 1987) and the recommended ternary diagram for naming clasts (Shepard 

1954) as shown in Figure 3.3. This classification scheme can be further sub-divided into muddy 

sand and sandy mud (Figure 3.4) and is used to define siliciclastic rocks in Table 3.2. 

 
Figure 3.3: Correlation between USDA (1987) soil texture triangle and recommended 

conceptual scheme for the nomenclature of mixed clastic sediments. NB: See Appendix A, 

Figure A1 for seperate triangles. 

 

 
Figure 3.4: Sub-division of the sand silt-clay triangle in Figure 3.3 
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Recommended 
nomenclature 

for clastic 
sediments 

(from Shepard 
1954) 

Equivalent 
textural 

classification 
(from USDA 

1987) 

Sedimentary 
composition (adopted 

from USDA 1987) 

Proposed 
terminology 
for clastic 

rock in this 
study 

General 
term for 

sedimentary 
rock in 

literature 
%Sand %Silt %Clay 

Sand 

Sand ≥ 85 
Silt + 1.5Clay ≤ 

15 

Coarse- 
textured 

Sandstone 
Sandstone 

Loamy Sand 70 - 85 Silt + 2Clay ≤ 30 
Medium- 
textured 

Sandstone 

Silty Sand  Sandy Loam ≥ 50 
Silt + 
2Clay 
> 30 

≤ 20 

Fine-
textured or 

Silty 
Sandstone 

Sandstone 

Clayey Sand  
Sandy Clay 

Loam 
≥ 45 < 28 20 - 35 

Very Fine-
textured or 

Clayey 
Sandstone 

Sandstone 

Sandy Silt  Silt Loam  ≥ 50 < 27 

Coarse-
textured or 

Sandy 
Siltstone 

Sandstone 

Silt Silt  ≥ 80 < 12 Siltstone Mudrock 

Clayey Silt  
Silty Clay 

Loam 
< 20  

27 ≤ 
Clay ≥ 

40 

Clayey 
Siltstone or 

Silty 
Mudstone 

Mudrock 

Muddy Sand* 

Sandy Clay 
Loam + Loam 
+ Clay Loam 

+ Clay 

≥ 50* 
Clay + 2Silt ≥ 

40* 
Muddy 

Sandstone* 
Sandstone 

Sandy Mud* 
Silt Loam + 

Loam + Clay 
Loam + Clay 

20 – 
45* 

Clay + Silt ≥ 40* Mudstone*  Mudrock 

Sandy Clay Sandy Clay ≥ 45  ≥ 35 
Sandy 

Claystone 
Mudrock 

Silty Clay Silty Clay  ≥ 40 ≥ 40 
Silty 

Claystone  
Mudrock 

Clay Clay < 45 < 40 ≥ 40 Claystone Mudrock 

*Nomenclature and sedimentary composition suggested in this study 

Table 3.2: Naming convention proposed for siliciclastic rocks 

Carsel and Parrish (1988) estimated, through statistical analysis of a sample size between 46 and 

1183, the spatial representation of van Genuchten’s (1980) pore geometry parameter [n] in all 

twelve of USDA’s soil textural classes. The application of this data provides a basis upon which 

associated pore geometry index for the siliclastic rocks defined in Table 3.2 are inferred in this 

study. Estimated vG n-values are extapolated for the siliciclastic rocks and shown in Table 3.3. 

This is a pragmatic approach based on the applicability of the vG model in both soil and rock 
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mechanics. Fundamental to this approach, however, is the need to establish good approximations 

to empirical distributions for n-values in each siliciclastic rock shown in Table 3.3. In this regard, 

a senstivity analysis on n-values ranging from 1.01 to 3.00 is described in Section 3.5. 

Siliciclastic rock 

Pore-geometry 
parameter, n (from 
Carsel and Parrish, 

1988) 

Textural classification 
adopted for siliclastic 

rocks in this study 

Coarse Sandstone 2.68 
Very coarse 

Sandstone 2.28 

Silty Sandstone 1.89 

Coarse Muddy Sandstone 1.56 

Clayey Sandstone 1.48 

Sandy Siltstone 1.41 

Medium Siltstone 1.37 

Mudstone 1.31 

Clayey Siltstone or 
Silty Mudstone 

1.23 
Fine 

Sandy Claystone 1.23 

Silty Claystone  1.09 
Very fine 

Claystone 1.09 

Table 3.3: Descriptive n-values in Van Genuchten model for clastic rocks 

3.4 Parameter equivalence between BC and vG models  

In the vG Pc model (Eq. 3.2), the pressure scaling parameter [𝛼], where 𝛼 = 1 𝑃𝑔⁄ , the pore 

geometry index [n], the maximum wetting saturation [Sw,max], and the residual wetting saturation 

[Swr] are independent parameters that can be estimated from experimental Pc – Sw data. It is 

convenient to express Sw,max = 1 and assume that Swr (the water content where Sew equals zero) 

is a well-defined parameter in geological CO2 sequestration within water-wet systems. Theoretical 

descriptions of 𝛼 in literature are usually through a parameter equivalence between BC and vG, 

which describes an empirical relationship between the capillary entry pressure [Pe] in BC models 

and the pressure-scaling parameter, 𝛼, in vG models. van Genutchen (1980) suggested that for 

large capillary pressure values, which will be the case in fine-textured sediments, the classical vG 

model reduces to the BC model where λ = mn. In an attempt to account for all sediment textures, 

i.e. from coarse to fine grained, Ippisch et al. (2006) modified the van Genutchen model to directly 

incorporate a capillary entry pressure value by introducing a parameter, Sc (where Sc, the 

saturation at cut-off point, = [1 + (𝛼𝑃𝑒)𝑛]−𝑚]) but this term is restricted to fluid models where 

𝛼𝑃𝑒 ≫ 1. Vogel and Cislerova’s (1988) proposal for deriving a van Genuchten model including a 

capillary entry pressure introduced an arbitrary parameter, Sm (where Sm ≥ Sw,max). However, this 

arbitrary parameter makes the author’s theorem unsuitable in describing completely water wet 

systems and should only be considered as an additional fitting parameter that may enable a more 
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precise description of kr and Pc functions near saturation, especially for n < 2 (Vogel et al. 2000). 

Li et al. (2013) described a vG-type Pc model (Eq. 3.10) with the inclusion of a “threshold” non-

wetting phase saturation [Snth] which defines the width of the entry slope region in the vG model 

(Figure 2.4): 

𝑃𝑐 =  𝑃𝑒 (
𝑆𝑤−𝑆𝑤𝑟

1−𝑆𝑤𝑟
)

−
1

𝜆
   if Swr ≤ Sw ≤ 1 – Snth    (3.10a) 

𝑃𝑐 =
𝑃𝑒

𝑆𝑛𝑡ℎ
(

1−𝑆𝑛𝑡ℎ−𝑆𝑤𝑟

1− 𝑆𝑤𝑟
)

−
1

𝜆 (1 − 𝑆𝑤)    if 1 – Snth < Sw ≤ 1  (3.10b) 

However, Eq. 3.10 does not reflect the original van Genuchten model and is theoretically a replica 

of the BC model where an exception is made for the capillary pressure at a wetting saturation of 

unity to be equivalent to zero i.e. Pc(Swr=1) = 0. Morel-Seytoux et al. (1996) suggested a parameter 

equivalence between Brooks-Corey and van Genuchten by introducing the following 

mathematical expressions for coupled Mualem formulations:  

𝑃𝑒 =  (
1

𝛼
)

(𝑝+3)

2𝑝(𝑝−1)
(

147+8.1𝑝+0.092𝑝2

55.6+7.4𝑝+ 𝑝2 )  where  𝑝 = 1 + (2 𝑚⁄ ).  (3.11) 

Its applicability, however, is limited as it is based on a fully defined value for the pressure scaling 

parameter, α, and fails to identify a relationship between the pore size index of Brooks-Corey 

model, λ, and van Genuchten model, n. Lenhard et al. (1989) identified this relationship in the 

authors’ mathematical expressions for parameter equivalence between Brooks-Corey and van 

Genuchten for Pc > Pe: 

λ =
𝑚

1−𝑚
(1 − 𝑍

1

𝑚)      (3.12) 

where Z represents the match-point effective wetting saturation, i.e. midway between the 

saturated wetting fluid saturation and irreducible saturation, and equals 0.5. In this study, Eq. 3.12 

agrees with van Genuchten’s (1980) summation that λ is equivalent to the product of m and n for 

fine-textured sediments. This is seen in Table 3.3 for λ-values of silty mudstone, sandy claystone, 

silty claystone and claystone correct to one decimal place. Therefore, the parameter equivalence 

for BC and vG employed herein is described by:  

𝛼 =
(𝑆𝑒𝑤)

1
λ

𝑃𝑒
∙ [(𝑆𝑒𝑤)−1 𝑚⁄ − 1]

1−𝑚
     (3.13) 

where λ is computed from Eq. 3.12. 

3.5 Pore Geometry Index, n, sensitivity study for CO2 geo-sequestration 

A sensitivity analysis is presented here to distinguish between values for n (i.e. n-values) that 

have the same significance on in situ CO2 plume shape and overall assessment of CO2 geo-

storage. Using the vG-MC model, hysteretic Pc – kr – Sw curves are computed for n-values ranging 

from 1.01 to 3.00, with an increment of 0.01, to account for each value of n in Table 3.3. The 

approach taken in this study requires realistic characterisation of parameter uncertainty, 

therefore, the residual wetting saturation [Swr] is held constant for all values of n. This indicates a 

constant relative permeability to the non-wetting phase [krCO2] in the sensitivity study thus 
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accounting for the role of the pore geometry index in CO2 storage performance. To make the 

sensitivity analysis computationally tractable, the system model assumes a 200m-thick isotropic 

saline aquifer with axisymmetric geometry of 1km in radial length and an incompressible 

siliciclastic rock with homogeneous rock properties. The reservoir is initially fully saturated with 

brine and no-flow conditions are assumed on the lateral and vertical boundaries of the domain. A 

black oil simulator, ECLIPSE 100 (E100), is used to simulate injection of supercritical CO2 (scCO2) 

through a single injection well into the reservoir under isothermal conditions. The well is situated 

at the leftmost boundary (r = 0), perforated across the bottom half of the permeable reservoir, and 

scCO2 is injected for 10 years at a constant rate of 0.3 Mt/year. The radius of the domain and 

injection rate of CO2 are chosen so that the gas saturation front is far from the boundary and there 

is negligible effect of these parameters on the motion of saturation front during the injection period. 

Irreducible CO2 saturation for drainage and imbibition are assumed to be 0 and 0.412, 

respectively. Other parameters used in the simulation are summarised in Table 3.4.  

Parameter Value 

Well radius 0.5 m 

Injection rate 0.3 Mt/yr 

Injection duration 10 years 

Porosity 0.14 

Permeability 50 mD 

Rock compressibility 4.5 x 10-10 Pa-1 

Initial pressure 10 MPa 

Temperature 33°C 

Brine salinity 300,000 ppm 

Capillary entry pressure 1.622 x 10-3 MPa 

Contact angle 0° 

Interfacial tension 30 mN/m 

Maximum brine saturation 1.0 

Residual brine saturation 0.3 

End-point relative permeability to brine 1.0 

End-point relative permeability to CO2 0.623 

Table 3.4: Parameters used for the E100 simulations 

In accounting for both parameter uncertainty and the role of the parameter, n, in the model, n-

values are ranked based on four criteria described in Section 3.5.1. These are: 

i) the shape of the plume, 

ii) the maximum radial extension of the plume at the base of the reservoir model, 

iii) the mobile gas fraction, and 

iv) the percentage volume of residual CO2 saturation, at the end of scCO2 injection. 

3.5.1 Parameter sensitivity analysis 

A MATLAB code is defined and coupled to ECLIPSE for computing the Pc – kr – Sw relations, 

using the vG model (see Appendix A, Algorithm A1). The code generates 200 realisations for 
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reservoir simulation using the pore geometry spectrum n=1.10:0.01:3.00 (i.e. n varies from 1.10 

to 3.00 with incremental intervals of 0.01). Numerical simulations of CO2 injection for 1.01 ≤ n ≤ 

1.09 were truncated due to the extremely steep Pc – Sw curve for these n-values, thus hindering 

CO2 injection in the domain. Nevertheless, CO2 injection was initiated for all other n-values and 

simulation results of injected CO2 with time showed a linear and constant relationship for all n-

values. This culminated in a total injected CO2 of 3Mt in each sensitivity case for 1.10 ≤ n ≤ 3.00 

at the end of simulation. This was expected since the total injected CO2 is highly sensitive to the 

end-point relative permeability to CO2 (Yoshida et al. 2016), which was held constant for all n-

values in the study. Table 3.5 and Figure 3.5 illustrate the sensitivity to n-values according to 

criteria III and IV, respectively.  

 Average field gas 

saturation range 

Pore geometry 

index, n 
Siliciclastic rock 

0.02664 – 0.02655 3.00 – 2.37 Coarse sandstone 

0.02654 – 0.02645 2.36 – 1.93 Sandstone 

0.02644 – 0.02635 1.92 – 1.70 Silty Sandstone 

0.02634 – 0.02625 1.69 – 1.56 Muddy Sandstone 

0.02624 – 0.02615 1.55 – 1.45 Clayey Sandstone 

0.02614 – 0.02605 1.44 – 1.38 Sandy Siltstone 

0.02604 – 0.02595 1.37 – 1.32 Siltstone 

0.02594 – 0.02585 1.31 – 1.28 Mudstone 

0.02584 – 0.02575 1.27 – 1.24 Silty Mudstone 

0.02574 – 0.02565 1.23 – 1.21 Sandy Claystone 

0.02564 – 0.02555 1.20 – 1.19 Silty Claystone  

0.02554 – 0.02500 1.18 – 1.10 Claystone 

Table 3.5: Characterisation of the range of values for average gas stauration to the PGI range 

It is evident from Figure 3.5 and Table 3.5 that the ranking of the pore geometry index is consistent 

with descriptive values in Table 3.3. Values in Figure 3.5 are characterised via a 0.3 percentage 

increase for very coarse-, coarse- and medium-textured siliciclastic rocks, and a 1- and 2-

percentage increase for fine and very-fine textured siliciclastic rocks, respectively (see Table 3.3). 

This is based on inductive inference from failed simulation runs, for n-values between 1.01 and 

1.09, which suggests a steepening curve in the alignment of values for n situated at the lower end 

of the spectrum, n=1.10:0.01:3.00, for computed residual CO2 saturation in Figure 3.5. Table 3.5, 

showing the average range with an increment value of 6 x 10-5 for mobile CO2 saturation in the 

domain, supports this approach and validates the distribution of n-values obtained from Carsel 

and Parrish (1988) for various siliciclastic rocks identified in Table 3.3. Figure 3.6 depicts the 

effective saturation distribution for representative examples from the range for n-values identified 

in Table 3.5. A similarity in the shape of CO2 plume at the end of injection is observed for pairs of 

n that correspond to the same siliciclastic rock. Red ticks at the domains’ horizontal boundaries 

in Figure 3.6 illustrate plume edges at these boundaries for the defined n-value. The change in 

the shape of the CO2 plume is attributed to the correlated structure of the rock matrix, which is 

described by the pore geometry parameter [n]. Smaller values for n increases the capillary 
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resistance to buoyant migration of CO2 plume, resulting in the preferentially lateral migration in 

the bottom of the modelled domain for lower n-values (Figure 3.6). Through the same capillary 

resistance, the rate of snap-off of CO2 ganglia at the trailing end of the plume, i.e. the residual 

trapping of CO2, also increases, resulting in the lower degree of mobile gas saturation within the 

domain. 

 
Figure 3.5: Percentage volume of residual CO2 at the end of simulation. NB: Data outcalls show 

the value for n and corresponding percentage of residual CO2 saturation while the n-values 

outside the ring indicate the range of values analysed. 

Radial distance along 

bottom boundary (m) 

Highest n-value showing 

CO2 saturation 

50 3.00 

75 2.33 

100 1.98 

150 1.67 

200 1.53 

250 1.43 

300 1.35 

350 1.28 

400 1.22 

450 1.16 

500 1.12 

Table 3.6: Correlation of CO2 plume edge along the the base of the modelled domain for n-values 
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Figure 3.6: The shape of CO2 plume for representative examples of n at the end of simulation 
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An assessment of plume tip sensitivity was achieved through quantifying the total gas saturation 

at the end of CO2 injection, for each n-value, in grid blocks at designated intervals on the bottom 

horizontal boundary (Table 3.6). The evaluation was implemented for only the bottom boundary 

due to larger variation in lateral plume migration at the base of the domain as observed in Figure 

3.6. To check the viability of n-values ranging from 1.01 to 1.09 in the description of hydraulic 

properties, a sensitivity study was conduction for this range at a constant Pc – Sw curve. Other 

reservoir parameters described in Section 3.5 remain applicable within varying kr – Sw relations 

based on the n-spectrum, 1.01:0.01:1.10. Results show that CO2 plume shapes correspond to n 

= 1.11 in Figure 3.6, and the lateral migration of plume goes beyond the radial distance of 500 m 

in the domain at the end of a 10-year CO2 injection period (Figure 3.7). It can be seen that the 

data in Table 3.6 are similar to the range of n-values for different siliciclastic rocks presented in 

Figure 3.5 and Table 3.5. This, in combination with Figure 3.7, validates the representative n-

values adopted for this study (see Table 3.3). 

 
Figure 3.7: CO2 plume shape at the end of simulation on the validity of n-values between 1.01 – 

1.09 for describing hydraulic properties of siliclastic rocks 

3.6 Characterising empirical functions in vG-MC for CO2 storage 

The aquifer model used in this section is a three-dimensional (3D) isothermal and homogeneous 

domain (Figure 3.8) discretised into 80 x 80 x 72 cells (460, 800 grid cells in total) and has 

dimensions of 2000 m x 2000 m x 220 m, which is comprised of a 10 m- and 210 m-thick caprock 

and reservoir formation, respectively. CO2 injection was simulated using one vertical well centrally 

located in the model and perforated across layers 56 to 70 (approximately 60 m). The injector 

was set to operate at a target flow rate of 149,500 sm3/day subject to a maximum bottom-hole 

pressure (BHP) of 23.62 MPa. This was specified to ensure that the hydrostatic pressure gradient 

in the model does not exceed the fracture pressure gradient, which was assumed to be 75% of 

the lithostatic pressure gradient. This and other petrophysical properties assumed for the flow 

simulation model are described in Table 3.7.  
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Figure 3.8: Illustration of the 3D matrix aquifer model showing the caprock and reservoir 

formation. 

Parameter Value in Caprock Value in Reservoir 

Porosity 0.04 0.14 

Permeability (mD) 6.30 x 10-3 150 

Capillary entry pressure (KPa) 172 1.622 

Residual brine saturation 0.61 0.3 

End-point relative permeability to CO2 0.121 0.623 

Maximum brine saturation 1.0 

End-point relative permeability to brine 1.0 

Temperature (°C) 33 

Brine salinity (ppm) 300,000 

Hydrostatic pressure gradient (KPa/m) 12.15 

Fracture pressure gradient (KPa/m) 16.97 

Table 3.7: Petrophysical properties used for the E300 simulations 

Simulations were carried out using the compositional module of ECLIPSE (E300). This section 

addresses the relative impact of the pore geometry parameter [n], the residual wetting saturation 

[Swr], the maximum non-wetting residual saturation [Snrmax], and the description of Pc-curve on 

CO2 storage in a homogeneous saline aquifer.  

3.6.1 Descriptions of Pc-curve: vG (for Pg ≠ Pe & Pg = Pe) vs BC 

This section analyses the relative impact of the parametric description of capillary entry pressure 

in the vG model on flow simulation in a scCO2/brine system. Here, Brooks-Corey description for 

capillary pressure is identified as the benchmark empirical model, idenitifed as BC, while two 

variations of vG’s Pc – Sw model are based on the following descriptions: 

i) the strength coefficient [Pg] is equivalent to the capillary entry pressure [Pe]. Here the 

model is identified as vG (Pg = Pe); 
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ii) the strength coefficient is not equal to the capillary entry pressure but a derivative of the 

parameter equivalence between BC and vG shown in Eq. 3.13. Here the model is 

identified as vG (Pg ≠ Pe). 

Description of the relative permeability functions are based on the Mualem-Corey model (Eq. 3.3 

& 3.4) coupled to all three Pc – Sw models identified herein. These capillary pressure curves are 

illustrated in Figure 3.9. 

 

Figure 3.9: Brooks-Corey (BC) and van Genuchten (vG) capillary pressure curves for (i) 

drainage and (ii) imbibition in the sandstone reservoir 

During flow simulation, CO2 injection rate is seen to be constant across all three cases until the 

seventh year of injection when it reaches the formation’s limiting pressure and reduces drastically 

for each case. The reduction rate varies across the cases, with BC showing the highest and vG 

(Pg = Pe) the lowest, thus influencing the cumulative CO2 injected in each case (Figure 3.10).  

 
Figure 3.10: Illustration of CO2 injection rate and total CO2 injection during flow simulation. 

The trend is attributed to the entry and exit point of the Pc drainage plot (Figure 3.9i), where exit 

points for BC and vG (Pg ≠ Pe) are similar and greater than the exit point for vG (Pg = Pe). This 

translates to higher resistance to drainage flow for the former over the latter. Hence the constrast 

in CO2 injection rate post-decline between BC and vG (Pg ≠ Pe) can be ascribed to their varying 

entry points on the Pc-curve. Although the vG (Pg ≠ Pe) and BC models are not entirely identical 
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in terms of simulating the total CO2 injected, the vG (Pg ≠ Pe) model exhibits a closer match to 

the BC model with an increase of 0.12% compared to 0.5% in the vG (Pg = Pe) model. In the 

seventh year of CO2 injection, where the cumulative gas injected is the same for all cases, the 

degree of primary trapping mechanisms also shows a close similarity between the BC and the vG 

(Pg ≠ Pe) model (Figure 3.11). The percentage of structurally trapped CO2 (i.e. mobile CO2) is 

slightly higher for the BC model than the vG (Pg ≠ Pe) model because of the entry point on the 

Pc-curve that is higher for the former (Figure 3.9i). This impedes the bouyant migration of CO2 

plume in the BC model more than in the vG (Pg ≠ Pe) model (Figure 3.11b). However, for residual 

trapping, the identical Pc imbibition curves for the vG (Pg ≠ Pe) and BC models correspond to the 

equivalent percentage of residually trapped CO2 in the seventh year of gas injection. The lower 

entry and exit points on the Pc imbibition curve for the vG (Pg = Pe) model results in additional 

capillary trapping of CO2 (Figure 3.11c) because more water readily imbibes into the pore matrix 

at lower capillary pressures. Figure 3.11 indicates that the BC and vG (Pg ≠ Pe) models show an 

equal amount of residually trapped CO2, which vary from the vG (Pg = Pe) model by 

approximately 2% of the total injected volume by the seventh year. This demonstrates a greater 

percentage error in CO2 injection rate when the capillary entry pressure in vG is assumed to be 

the strength coefficient. 

 
Figure 3.11: Illustration of (a) the total volume of CO2 sequestered in the 7th year of CO2 

injection by (b) structural, and (c) capillary trapping mechanisms. 

3.6.2 CO2 storage performance: n vs Swr vs Snrmax 

This section highlights the relative importance of the pore geometry parameter [n], the residual 

wetting saturation [Swr], and the maximum non-wetting residual saturation [Snrmax], during the 

predictive analysis of CO2 sequestration. The study is initialised with the vG-MC model where vG 
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(Pg ≠ Pe) is identified as the base case, CASE0. Different variations of relative permeability and 

capillary pressure based on assumed values for n, Swr, and Snrmax (as identified in Table 3.8) are 

computed using the vG-MC model and defined as CASE 1, 2, 3, X, Y & Z. In order to curb the 

mitigating effect of relative permeability on CO2 injectivity, these kr and Pc functions were imputed 

in the top-half of the reservoir formation, high above the well perforations, while the bottom-half 

of the reservoir had a constant kr and Pc functions for all cases. Table 3.8 and Figure 3.12 describe 

the design of the sensitivity study in this regard, where Swr and Snrmax values vary from 0.3 to 0.6, 

while n values vary from 1.56 to 2.67.  

CASE ID (n-value) 
SUB-CASE 
(Description) 

CASE 0 (n=2.67) (Swr = 0.30; Snrmax = 0.30) 

CASE 1 (n=2.28) 
A 

(Pc – kr – Sw  curves 
computed with 

representative n-
value; Swr = 0.30; 

Snrmax = 0.30 ) 

B 
(kr – Sw curve 
computed with 

representative n-
value; Pc – Sw curve 
the same as BASE’s; 
Swr = 0.30; Snrmax = 

0.30) 

C 
(Pc – Sw curve 
computed with 

representative n-
value; kr – Sw curve 

the same as BASE’s; 
Swr = 0.30; Snrmax = 

0.30) 

CASE 2 (n=1.89) 

CASE 3 (n=1.56) 

CASE X (n=2.67; 
Vary Swr & Snrmax) 

 

1  
(Swr = 0.35, Snrmax = 

0.35) 

2 
(Swr = 0.40, Snrmax = 

0.40) 

3 
(Swr = 0.45, Snrmax = 

0.45) 

CASE Y (n=2.67; 
Constant Swr) 

1  
(Swr = 0.30, Snrmax = 

0.40) 

2 
(Swr = 0.30, Snrmax = 

0.50) 

3 
(Swr = 0.30, Snrmax = 

0.60) 

CASE Z (n=2.67; 
Constant Snrmax) 

1  
(Swr = 0.40, Snrmax = 

0.30) 

2 
(Swr = 0.50, Snrmax = 

0.30) 

3 
(Swr = 0.60, Snrmax = 

0.30) 

Table 3.8: Sensitivity study design for addressing the relative impact of n, Swr, and Snrmax in CO2 

storage performance 

 
Figure 3.12: Description of segments in the reservoir for variations according to Table 3.8. 
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Figure 3.13: Pc – kr – Sw curves for (a) drainage and (b) imbibition in all descriptions of CASEs 0, 

1, 2, & 3 

Figure 3.13 shows the Pc – kr – Sw relationship computed for CASE 0, 1, 2 & 3. According to Eqs. 

3.2 – 3.4, computing the non-wetting relative permeability using the vG-MC model is insensitive 

to the pore geometry parameter. Hence, a single representative curve for relative permeability to 

the non-wetting CO2 [krCO2] exists for all cases in Figure 3.13. Nevertheless, n has a considerable 

effect on the relative permeability to the wetting phase and the capillary pressure. Conversely, 

Swr and Snrmax are seen to be significant in both functions of the relative permeability, i.e. krw and 

krn, where Swr mainly influences the drainage curve, and Snrmax influences the imbibition curve 

(Figure 3.14). Figure 3.15 – 3.20 illustrate the degree of mobile and immobile CO2 saturation at 

the end of a 10-year flow simulation, quantified as structurally trapped and residually trapped CO2 

respectively. 

3.6.2.1 Analysis of Swr 

The impact of variation in values of the residual wetting saturation [Swr] are described by CASE Z 

and illustrated in Figure 3.15. Here the quantity of structurally trapped CO2 at the end of simulation 

is highest in the base case (CASE 0) and progressively decreases in CASE Z from 1 to 3 (Figure 

15a). The reverse is the case for the residual trapping of the CO2 plume in Figure 15b, where the 

rate of CO2 immobilisation in the rock matrix is seen to be directly proportional to Swr. The higher 

the Swr, the lower the measure of continuously mobile saturation of CO2 that is available to be 

structurally trapped by flow barriers in the reservoir model. This is because increasing the Swr 

increases the wettability of the rock matrix, i.e. its affinity to the wetting fluid. This feature is 

portrayed in the kr – Sw drainage curves where the intercept of both functions shift to the higher 

end of the wetting saturation as Swr increases (Figure 14a-iii). Consequently, the displacement 

efficiency of the wetting phase by the invading CO2 diminishes. 
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Figure 3.14: kr – Sw curves for (a) drainage and (b) imbibition in all descriptions of CASE 0 vs i) 

CASE X, ii) CASE Y, and iii) CASE Z. 

 

Figure 3.15: Quantity of CO2 sequestered by (a) structural, and (b) residual trapping 

mechanisms at the end of gas injection for the base case and all descriptions of CASE Z. 
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3.6.2.2 Analysis of Snrmax 

The impact of variation in values of the maximum residual non-wetting saturation [Snrmax] are 

described by CASE Y and illustrated in Figure 3.16. Here the quantity of structurally trapped CO2 

decreases as Snrmax increases. This is mainly attributed to the capillary trapping efficiency, defined 

by the imbibition curves in Figure 3.14b-ii, which increases with increasing Snrmax thereby inducing 

the immobilisation of more CO2 particles. This invariably results in the higher quantity of mobile 

CO2 for the smallest value of Snrmax, i.e. CASE 0 (Figure 3.16a), irrespective of the single kr – Sw 

drainage curve defined for CASE 0, Y1, Y2 & Y3 (Figure 3.14a-ii). 

 

Figure 3.16: Quantity of CO2 sequestered by (a) structural, and (b) residual trapping 

mechanisms at the end of gas injection for the base case and all descriptions of CASE Y. 

When both values of Swr and Snrmax are increased simultaneously, as portrayed by CASE X in 

Table 3.8, the progressive decrease in the quantity of CO2 structural trapped (see Figure 3.17a) 

is accredited to the increasing Swr, while the increase in the residual trapping of CO2 (see Figure 

3.17b) is mainly a function of the increasing Snrmax.  

 

Figure 3.17: Quantity of CO2 sequestered by (a) structural, and (b) residual trapping 

mechanisms at the end of gas injection for the base case and all descriptions of CASE X 

The Swr can be said to work in tandem with the Snrmax. Figure 3.18 elaborates on this using a 

comparison of the mass of mobile CO2 saturation quantified at the end of simulation for the base 

case and representative cases for X, Y, & Z that aids the comparability, namely: CASE X2, Y1 & 

Z1. Using the base case, CASE 0, as a reference point in Figure 3.18, the disparity in the mass 

of structurally trapped CO2 at the end of simulation is highest in CASE X2 due to the simultaneous 

changes in Swr and Snrmax. Additionally, Swr is seen to have a higher impact on the structural 
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trapping of CO2 than Snrmax through a higher percentage change between CASE 0 and CASE Z1 

than between CASE 0 and CASE Y1. 

 

Figure 3.18: Quantity of CO2 in mobile gas phase at the end of gas injection for CASE 0, CASE 

X2, CASE Y1 and CASE Z1. NB: Using the base case as a reference point, the values 

highlighted in red show the percentage change in mass of structurally trapped CO2 at the end of 

a 10-year CO2 injection period. 

3.6.2.3 Analysis of n 

All descriptions of CASE 1, 2, & 3 describe the impact of variation in values for the pore geometry 

index [n]. In the sub-categories: A, B, & C, the variance in n was defined by the Pc – Sw – kr, kr – 

Sw, and Pc – Sw curves, respectively. This means that for cases defined by A, the variability in n-

values was incorporated into the kr – Sw, and Pc – Sw curves. Cases defined by B had variance in 

n-values only incorporated into the kr – Sw curves, while the difference in n-values was only 

incorporated into the Pc – Sw curves of cases defined by C. Consequently, cases B were modelled 

with the same Pc – Sw curve of the base case, which has the highest value for n, while C cases 

were modelled with the same kr – Sw curves as the base case. Otherwise both the magnitude of 

capillary pressure and wetting saturation at the intercept of the kr – Sw curves are lowest in the 

base case, CASE 0, and increases progressively from CASE 1 to CASE 3 (Figure 3.13). This 

change in the shape of the relative permeability and capillary pressure curve, as a function of n, 

is attributed to the description of n-values in the van Genuchten model for clastic rocks, where 

higher values denote coarser-grained clasts (see Table 3.3). Thus coarser-grained clastic rocks, 

in comparison to their finer-grained counterparts, will possess a lower force of resistance to the 

buoyant migration of CO2 plume and a higher relative permeability to the invading non-wetting 

gas. Likewise, the finer-grained rocks, in comparison to their coarser-grained counterparts, will 

increase the capillary trapping efficiency of the rock matrix while also reducing the relative 

permeability to the CO2 plume. This explains why the mass of structurally trapped CO2 decreases 

and the residual trapping efficiency increases with decreasing n, as illustrated in Figure 3.19. 



49 
 

 
Figure 3.19: Quantity of CO2 sequestered by (a) structural, and (b) residual trapping 

mechanisms at the end of gas injection for all descriptions of CASE 0, 1, 2, & 3. 

The sub-categories of CASE 1, 2 & 3, i.e. A, B & C, also show variation in the degree of mobile 

and immobile CO2 at the end of simulation. The mass of structural trapped CO2 is greatest in sub-

categorised cases of C and smallest in A. For C-cases, the relative permeability functions lead to 

a higher rate of CO2 mobility, which creates a preferential flow pathway that evades the fine-

grained sedimentation within the rock fabric. These fine-grained sediments serve as possible 

snap-off regions in the porous media. In B-cases the transport properties of in-situ fluids imitate 

movement through the fine-grained sediments even though the resistant force to plume migration, 

i.e. capillary pressure functions, is lower here than in C. Hence, the slower moving CO2 plume 

results in a lesser amount of structurally trapped CO2 due to a higher degree of residual trapping 

within regions of finer-grained sedimentation. The mobility of CO2 is lowest in A-cases because 

the flow transport properties and resistant force imitate percolation through fine-grained 

sedimentation. The higher resistant force acting on slower moving CO2 plume results in a greater 

resident time of the non-wetting fluid in the constricted rock matrix. This increases the rate of CO2 

ganglia that is isolated from the migrating plume, thus making residual trapping highest for sub-

categorised cases of A. 

3.6.2.4 The relative impact of n, Swr and Snrmax on the CO2 storage performance 

Quantifying the degree of structural trapping at the end of the flow simulation show that a variance 

in the pore geometry parameter [n] has a higher impact on CO2 storage performance than a 

variance in the residual wetting saturation [Swr] and the maximum residual non-wetting saturation 

[Snrmax]. This is illustrated in Figure 3.20 where the bars indicating the amount of mobile CO2 for 

cases with different n show greater variance from the base case than those for cases with different 

Swr and Snrmax. This is because the pore geometry of the rock essentially dictates the degree of 

residual wetting saturation and the maximum residual non-wetting saturation that could exist 

within its porous fabric. This accentuates the importance of the pore geometry parameter in 

subsurface flow simulation and the relevance of the concept of assigning different values of n to 

different sedimentary rocks. To verify this assertion, Section 3.6.3 considers the influence of n in 

an aquitard on flow performance during CO2 sequestration. 
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Figure 3.20: Computing the impact of n, Swr and Snrmax on the mass of mobile CO2 in gas phase 

during a 10-year CO2 injection period 

3.6.3 Effect of n description in shale aquitard 

Here the same injection scheme is considered for two variations of the base case. The first, CASE 

0, as defined in the previous section and the second CASE V, which varies from CASE 0 through 

the description of the Pc – kr – Sw relationship in the caprock, where n = 1.56. The CO2 injection 

rate and all other petrophysical parameters shown in Table 3.7 remain the same. Flow simulation 

is initialised for ten years of gas injection and an additional 40 years post gas injection. Figure 

3.21 depicts the quantity of CO2 in the caprock at the end of the simulation, where the cumulative 

gas injection is equivalent for both cases.  

 
Figure 3.21: Quantity of CO2 in caprock at the end of a 10-year flow simulation 

Results show a larger quantity of CO2 in the caprock for CASEV, which indicates a higher relative 

permeability to the non-wetting CO2 in CASEV in comparison to CASE0. This is evident in the 

pressurisation of the caprock as illustrated in Figure 3.22, where pressure magnitude around the 

injection well is greater for CASEV and transmits to the top of the caprock in the said case, unlike 

CASE0. Hence, for multiphase flow modelling in CO2/brine/rock systems the pore geometry 

parameter [n] can influence the degree of trapping mechanisms and the pore pressure profile in 



51 
 

the aquifer and the aquitard. This augments the importance of the parametric description of pore 

geometry index in CO2/brine flow simulation that use empirical correlations such as the Brooks-

Corey or the van Genuchten model to compute the Pc – kr – Sw relationships. 

 
Figure 3.22: Comparison of caprock pressurisation in CASE 0 and CASE V 

3.7 Summary and conclusion 

The Brooks-Corey and van Genuchten models are widely used in computing Pc – kr – Sw relations 

for simulating CO2 geo-sequestration. For Pc – Sw curves, the BC model accounts for a non-zero 

capillary entry pressure while the vG model connects the entry slope of the curve to a capillary 

pressure of zero but fails to account for the entry capillary pressure. Capillary entry pressure [Pe] 

is governed by the rock’s wettability, the largest pore throat radius of the rock matrix, and the 

interfacial tension acting between the in-situ fluids and rock surface, making it an essential 

parameter in the derivation of Pc – Sw curves. This chapter described a relationship adopted for 

the equivalence in Pc – Sw curves computed by both BC and vG models inorder to account for the 

introduction of Pe in the vG model. The study was then extended to define the pore geometry 

parameter [n] in the vG model for different clastic rocks. A quantitative methodology was 

presented here to compare the contribution of 200 n-values, ranging from 1.01 to 3.00 with an 

increment of 0.01, on the uncertainty of CO2 plume evolution in a homogeneous saline aquifer. 

The methodology accounted for both the degree of uncertainty in each value and the application 
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of a representative parametric value for a range of n. Four ranking criteria were outlined for 

comparing parameter roles in the uncertainty of CO2 plume evolution at the end of a 10-year 

scCO2 injection: 

i) The shape of CO2 plume. 

ii) Plume edge at the bottom of the modelled domain. 

iii) Fraction of mobile CO2 saturation. 

iv) Percentage volume of residual CO2. 

According to all four criteria, the pore geometry index clearly influences the uncertainty in the 

migration and trapping of CO2 plume. Results showed that the parameterisation scheme for n-

values described by Carsel and Parrish (1988) in soil physics can be applicable in rock physics. 

Furthermore, the primary parameters of the van Genutchen model, i.e the pore geometry index 

[n], the residual wetting saturation [Swr] and the maximum residual non-wetting saturation [Snrmax], 

were individually characterised to identify their relative impact on predictive analysis of CO2 

storage. Low values in n, Swr and Snrmax lead to increased gas migration while high values lead to 

increased immobilisation of the CO2 plume. Among the three parameters, n is identified as the 

most significant element in the simulation and analysis of CO2/brine flow in subsurface storage 

media, hence the significance of assigning defined values of n to different sedimentary rocks. 

This is because the pore geometry index dictates the degree of Swr and Snrmax that can exist in a 

rock’s matrix. In realistic geological settings, the highly compacted pore geometry of finer-grained 

rocks will, most likely, restrict fluid perolation and increase in-situ fluid retention to a higher degree 

than the less compacted pore geometry of coarser-grained rocks.  

Using the same n value when computing the Pc – kr – Sw relationship for siliciclastic rocks that 

make up the storage formation, such as sandstones, and those that make up the sealing 

formation, such as mudstones, can curb the accuracy in the forward modelling of CO2 storage 

performance. In the absence of site-specific data on capillary pressure, relative permeability and 

pore geometry distribution, the parameterisation scheme for pore geometry index proposed in 

this chapter should aid in a more precise description of the hydraulic behaviour in siliciclastic 

rocks during numerical simulation of CO2 storage. The proceeding chapters (4, 5 and 6) employ 

the optimised parameters for the vG-model in investigating various descriptions of sedimentary 

heterogeneities in siliciclastic rocks, and their subsequent impact on CO2 storage performance, 

through numerical simulations. 
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Chapter

 4
†

Impact of gradational contact at the reservoir-seal 

interface and assumptions of relative permeability 

functions on CO2 storage performance 

The implementation of CO2 storage in sub-surface sedimentary formations can involve decision 

making using relevant numerical modelling. These models are often represented by 2D or 3D 

grids that show an abrupt boundary between the reservoir and the seal lithologies. However, in 

an actual geological formation, an abrupt contact does not always exist at the interface between 

distinct clastic lithologies such as sandstone and shale. This chapter presents a numerical 

investigation of the effect of sediment-size variation on CO2 transport processes in saline aquifers. 

Using the Triassic Bunter Sandstone Formation (BSF) of the Southern North Sea Basin, the 

impact of a gradation change at the reservoir-seal interface on CO2 sequestration is investigated. 

This is of great interest because of the importance of enhanced geological detail in predictive 

reservoir modelling of CO2 plume migration and the integrity of trapping mechanisms within the 

storage formation. The simplified strategy was to apply the van Genutchen formulation to 

establish constitutive relationships for pore geometric properties, which include capillary pressure 

(Pc) and relative permeability (kr) as a function of brine saturation in the porous media. 

                                                           
† The content of this chapter has been extracted from the following paper: 

Onoja, M.U., and Shariatipour, S.M. (2018) The impact of gradational contact at the reservoir-seal 

interface on geological CO2 storage capacity and security. International Journal of Greenhouse Gas 

Control 72, 1–13. https://doi.org/10.1016/J.IJGGC.2018.03.007 

The candidate set the scientific scope of the work, devised and developed the methodology, performed all 
data analysis and wrote the text. The co-author provided guidance during the design of this part of the project 
and feedback on the manuscript. 

Minor adaptations have been performed to streamline the layout of the thesis 
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4.1 Introduction 

Depositional and diagenetic processes dominate reservoir heterogeneity. The sedimentology of the 

formation primarily influences the reservoir quality by regulating the pore system (Pettijohn et al. 1972), 

which governs the storage capacity and the efficiency of physical trapping mechanisms during CO2 

sequestration (Benson and Cole 2008). The physical and chemical changes that alter the characteristics 

of sediments after deposition are referred to as diagenesis. During transportation and deposition of 

sediments the clasts can be sorted, having an average grain size, and deposited in a geological 

sequence of sedimentary beds or strata (Hiscott 1978). Consequently, sedimentary structures such as 

gradational contacts and graded beds can be formed. Gradational contact describes the gradual 

transition in the average size of deposited clasts between conformable strata, while graded bedding 

refers to the vertical evolution of grain size in a stratum. These structures are reservoir-scale 

heterogeneities that can influence injected CO2 flow patterns due to distinct hydraulic conductivities 

arising from grain-scale heterogeneities. Grain-scale heterogeneity dictates the capillary effect that 

governs two physical traps: stratigraphic and residual gas trapping (Bjørlykke 2010). This capillarity 

effect emanates from fluid and interfacial physics at the pore-scale. Hence, the effective hydraulic 

behaviour on any practical field-scale is dominated by the large scale spatial-arrangement of small-

scale variability (Krevor et al. 2015). See Pettijohn (1957) and Haldorsen (1986) for the basics of 

sedimentary structures and scales of heterogeneity, respectively. 

In the numerical simulation of GCS, the lithostratigraphic units of many generic reservoir models are 

usually interpreted from wireline logs of representative geologies, such as data from a Gamma Ray 

(GR) tool (Doveton 1991, Darling 2005). However, the GR log may not be able to distinguish between 

types of argillaceous rock, i.e. siltstone and claystone (Katahara 1995, Fabricius et al. 2003, Nazeer et 

al. 2016). Clay distribution alone cannot account for the fine-grained sediments in an actual reservoir 

hence it is important to assess the impact of sediment-size gradation on GCS, particularly at the 

reservoir-seal interface. Most models that simulate the CO2 plume distribution are built on the premise 

that the stratigraphic contact between the reservoir rock and the caprock is abrupt, a sudden distinctive 

change in the lithology. This may not always be the case as the bedding contact between sandstone 

and mudstone can be gradational. For example, the Sherwood Sandstone Group shows an upward 

grading from coarse sandstones to siltstones, and then to the Mercia Mudstone Group (Benton et al. 

2002, Newell 2017) [see Figure 4.1 for an illustration of a stratigraphic column of TRIASSIC age in the 

Wessex Basin area]. Nevertheless, several contemporary studies used reservoir models with geological 

details such as top-surface morphologies, transition zone heterogeneities, and layered reservoirs (e.g. 

Shariatipour et al. 2014, Newell and Shariatipour 2016, Wen and Benson 2019). These studies 

demonstrated that such geological detail can affect various trapping mechanisms within the reservoir 

as well as influence CO2 plume migration, the estimation of storage capacity, and the volume of the 

aquifer. Generally, increasing the level of detail in geological modelling for simulation models is 

important for producing meaningful and accurate results (Van De Graaff and Ealey 1989). 
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Figure 4.1: Generalised stratigraphy of the Southampton Geothermal Well showing the TRIASSIC 

section. [Adapted from Thomas and Holliday (1982)]. 

The main aim of this chapter is to investigate the variability in transport and flow processes of injected 

CO2 resulting from a gradational contact at the reservoir-seal interface and the gradual change in clast-

size within an aquifer. This variability is described in constitutive functions using an empirical correlation 

that is based on grain-size variation, i.e. the van Genuchten’s (1980) formulation. The aim of this 

investigative approach is to encourage the representation of heterogeneity in capillary pressure [Pc] and 

relative permeability [kr] functions during reservoir simulation. Although Saadatpoor et al. (2010) and 

Meckel et al. (2015) showed the influence of grain-scale heterogeneity on a reservoir-scale, their studies 

only emphasised the influence of capillary heterogeneity on CO2 storage performance. The former 

scaled the variability of flow processes using intrinsic permeability heterogeneity with a spatially 

constant capillary pressure curve, while the latter introduced capillary heterogeneity by generating a 

capillary threshold pressure distribution based on defined median grain size. In this thesis, the capillary 

heterogeneity is scaled from a spatially constant threshold pressure while variation in relative 

permeability curves is described using the grain size. The contribution of other variables such as the 

wettability of the porous medium, the interfacial tension between the fluids in contact, and the diagenetic 

processes in the geological formation are not considered in this thesis. 

4.2 Model development 

The study is based upon the Triassic Bunter Sandstone Formation (BSF) of the Southern North Sea 

Basin (SNS) in the United Kingdom (UK) sector (Williams et al. 2013). The BSF is a reservoir unit 

composed predominantly of medium- to coarse-grained sandstone units of metre-scale upward 

coarsening regime interbedded with fine-grained sediments (Rhys 1974). It is a major gas producing 

reservoir in the SNS. Most of the BSF is filled with saline water and is considered to have significant 

CO2 storage potential. In the UK sector, it overlies the Triassic Bunter Shale Formation and it is sealed 

by mudstones and evaporites of the upper Triassic Haisborough Group (Brook et al. 2003). Figure 4.2 

illustrates the location map of the Bunter aquifer in the UK SNS. Structurally, Bunter sandstones contain 
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several periclines commonly referred to as Bunter domes (Williams et al. 2013). One such Bunter dome 

in the UK sector was recently identified by the Energy Technologies Institute’s Strategy UK CCS 

Storage Appraisal Project (S.SAP) as a promising candidate for CO2 storage (James et al. 2016). This 

dome is penetrated by Well 44/26-01, a deep exploration well completed in 1968 with interpreted log 

data identifying the strata within the dome (Figure 4.3). The basis for the site development plan is an 

assumed supply of 7Mt/yr of CO2 from a future terminal at Barmston on the east coast of Yorkshire, 

which commences operation in 2027 (James et al. 2016). The BSF within the dome is interpreted as 

having five intra-reservoir sandstone zones with interbedded shale and cemented sandstone layers and 

no seismically interpretable faults (James et al. 2016). The thickness of the BSF at the site is 

approximately 215 m. Refer to Williams et al. (2013) for a detailed description of the sedimentology and 

lithostratigraphy of this dome, hereafter referred to as the Bunter aquifer.  

 

Figure 4.2: The Bunter Aquifer Location Map. [Source: James et al. (2016)] 

This chapter presents a brief overview of the Bunter aquifer in order to justify the lithological modelling 

approach used to investigate the multiphase fluid flow regime resulting from pore scale variation in the 

reservoir-seal interface. Zone 1 in Figure 4.3 is assumed to be the reservoir-seal interface and 

henceforth referred to as the transition zone. As this is a generic study of CO2 storage in deep sandstone 

aquifers overlain by mudstones rather than the study of a specific aquifer, the goal is to select 

representative characteristics for the aquifer as a base case for systematic parameter study. As such, 

the thickness and other aquifer characteristics are based on the log data from Well 44/26-01. In the 

numerical analysis presented in this chapter, two different structural models, a generic box model with 
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flat strata and an anticline with a caprock dome, are adapted for the Bunter aquifer and defined in 

Sections 4.3 and 4.4, respectively. 

 

Figure 4.3: Lithostratigraphical delineation of the Bunter Sandstone in Well 44/26-01 using logging 

data. [Source: Williams et al. (2013)]. 
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4.3 The generic box model 

A simplified 3D static geological model with an areal of 2 km x 2 km and a thickness of 300 m is 

developed and discretised into a total of 544,000 active cells (ni = 80, nj = 80, nk = 85) using 

Schlumberger’s (2016) PETREL software. In this geological model the layers shown in Figure 4.3 are 

defined in Table 4.1 and illustrated in Figure 4.4:  

Zones Top depth (m) Number of layers 

Rot Halite 1200 4 

Claystone 1225 12 

R.Zone 1 1237 8 

R.Zone 2 1245 10 

R.Zone 3 1264 15 

R.Zone 4 1350 22 

R.Zone 5 1438 5 

Basal Shale 1455 9 

Table 4.1: Vertical grid discretisation for the modelled domain. 

 

Figure 4.4: Reservoir model used for ECLIPSE simulations. 

An average horizontal permeability (Kh) value of 6.5 x 10-3 mD is assigned to the top and base seal 

lithologies (after Spain and Conrad 1997) while the average Kh for the reservoir is assumed to be 233 

mD. The Solling Claystone and the Rot Halite are assigned porosity values of 4% and 1%, respectively, 

based on the range of porosity values in the Solling, Rot, and Muschelkalk caprocks above the BSF in 

the southern Dutch North Sea (Spain and Conrad, 1997). The base seal and reservoir formation are 

assigned average porosity values of 4% and 22% respectively. Permeability anisotropy is assumed to 

be 0.3 since the average vertical permeabilities of the Bunter sandstone are reported to be typically 

some 30 % lower than the horizontal permeabilities (Noy et al. 2012). Pore fluid in the domain is 
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modelled under an isothermal condition of 42ºC and an initial pressure of 12 MPa with a brine pore fluid 

gradient of 10.7 MPa/km. This implies a pore fluid density of 1.09 g/cc at a salinity of 133,000 ppm. 

Pressure control consideration for dynamic modelling is 75% of a lithostatic pressure gradient of 22.5 

MPa/km (after Noy et al. 2012). Pc – kr – Sw relationships are generated under the assumption of a 

strongly water wet system with a CO2/brine interfacial tension of 30 mN/m, following published results 

by Hebach et al. (2002), Chiquet et al. (2007) and Perrin and Benson (2010). Draining and imbibition 

curves are included allowing for the residual trapping of CO2 to be modelled (Figure 4.5): 

 

Figure 4.5: Pc – kr – Sw functions for (a) drainage relative permeability, (b) drainage capillary pressure, 

(c) imbibition relative permeability, and (d) imbibition capillary pressure 

CO2 saturation end points for the reservoir and seal are based on published results for the Captain 

Formation in the North Sea Goldeneye Field (Shell 2011) and the Colorado Group (Bennion and Bachu 

2008), respectively. The capillary displacement pressure of shale is assumed to be 4.7 MPa, after Spain 

and Conrad’s (1997) experimental investigation on the Solling Claystone in the southern Dutch North 

Sea. In the absence of closely related data, the maximum pore throat size in the reservoir is assumed 

to be 37 microns. This value falls within the range of dominant pore throat sizes of Permo-Triassic 

sandstones in the United Kingdom (Bloomfield et al. 2001). Numerical simulations are conducted using 

the compositional ECLIPSE E300 module (Schlumberger 2017). This model assumes no conductive 

faults, nor cemented sand layers, interbedded shale or leaky wellbores in the formation. 

4.3.1 Sensitivity design 

Simulation studies are conducted in aquifer systems idealised as “closed” and “open” to observe the 

impact of the two sedimentary structures on CO2 storage, i.e. the gradational contact at the reservoir-
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seal interface and the gradual change in clast-size within an aquifer. The closed aquifer system is 

identified as Aquifer-1 while the open aquifer system is identified as Aquifer-2. The concept of graded 

bedding is investigated using normal grading, where the strata fines upwards, and inverse grading, 

where the strata coarsens upwards. Five reservoir lithologies are identified from Table 4.2: sandstone, 

silty sandstone, muddy sandstone, clayey sandstone, and sandy siltstone. The spatial porosity value of 

22% remained the same for all the reservoir lithologies. However, permeability data for the varying 

lithologies were extrapolated from rock permeability values used in S.SAP’s 2016 report for the intra-

reservoir zones (James et al. 2016): 

Rock lithology Rock permeability [mD] 

Sandstone (S) 233 

Silty Sandstone (SiS) 223 

Muddy Sandstone (MS) 219 

Clayey Sandstone (CS) 195 

Sandy Siltstone (SSi) 162 

Table 4.2: Permeability data for reservoir rock lithologies 

The plot of the sensitivity study is outlined in three phases:  

 Phase I focuses on the effect of varying the dynamic properties of the rock geometry (i.e. the 

Pc – kr – Sw functions) in the reservoir model at a constant permeability within the reservoir. 

 Phase II focuses on the effect of varying the permeability values and the Pc – kr – Sw functions 

in the reservoir. Simulation cases in this phase are identified by the suffix “A”. 

 Phase III cases, identified by the suffix “B”, are modelled with variable permeability values and 

a single Pc – kr – Sw function within the reservoir. This is to compare, in magnitude, the “stand-

alone” effect of Pc – kr – Sw functions over intrinsic permeability functions in the modelled 

domain.  

For this study, permeability and porosity data are henceforth regarded as the static functions while Pc 

– kr – Sw functions are regarded as the dynamic functions. The base case for the simulation regards all 

five reservoir zones as sandstone and is identified as CASE 1. Sensitivity cases are then labelled 

according to the description in Table 4.3. 

4.3.1.1 Aquifer-1 

Aquifer-1 is confined vertically and laterally within the modelled domain (Figure 4.4) with a reservoir 

pore volume of 1.93 x 108 m3. This aquifer is used to investigate the impact of gradational contact and 

graded bedding on the reservoir’s injectivity and physical trapping mechanisms. In this aquifer, a 

numerical simulation is initiated at an annual CO2 injection rate of 100,000 metric tonnes through an 

injection well peforated in R.Zone 4 and 5. The sensitivity plots of Phase I, II and III were investigated 

in this aquifer. 
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4.3.1.2 Aquifer-2 

Aquifer-2 is also confined in the vertical boundaries of the modelled domain but is assumed to have 

lateral aquifer connection. This aquifer is used to investigate the impact of gradational contact and 

graded bedding on overpressure at the reservoir-seal interface. The concept of an open aquifer is 

introduced in the study because closed aquifers do not communicate with other reservoirs, laterally, 

and as a result, may be over-pressured following the CO2 injection (Elewaut et al. 1996). For two-phase 

flow in porous media, one important role the aqueous phase plays in affecting the evolution of CO2 

plume is that it serves as a pressure transmission medium within the porous media (Pruess and 

Nordbotten 2011). As a result, the ease with which the migrating CO2 plume evacuates brine from the 

pore space will influence the pressure evolution within the formation. 

Reservoir 

Zone 

      Case 

1 2 3 4 5 

1 Sandstone Sandstone Sandstone Sandstone Sandstone 

2 Sandstone 
Silty 

Sandstone 
Muddy 

Sandstone 
Clayey 

Sandstone 
Sandy 

Siltstone 

3 Sandy  
Siltstone 

Clayey 
Sandstone 

Muddy 
Sandstone 

Silty 
Sandstone 

Sandstone 

4 Silty  
Sandstone 

Sandstone 

5 Muddy 
Sandstone 

6 Clayey 
Sandstone 

7 Sandy  
Siltstone 

Table 4.3: Pore geometric parameters for the reservoir simulation 

4.3.2 Result and discussion 

4.3.2.1 Reservoir injectivity 

For the simulation of gas injection, CO2 plume was observed to rise vertically to the superjacent ultra-

low permeable barrier. This buoyant migration of the plume is due to the density difference between the 

supercritical CO2 and brine. Simulation results for reservoir injectivity for all three phases of the analysis 

show an equivalence in CO2 injection with time for the first 13 years of injection before reaching the 

limiting field pressure in the fourteenth year of injection (Figure 4.6):  
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Figure 4.6: CO2 injection rates for all sensitivity cases 
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The illustrations in Figure 4.6 show the importance of the Pc – kr – Sw functions on a reservoir’s 

injectivity. Incorporating this dynamic relationship for heterogeneity at the transition zone was a major 

influencing factor on the reservoir injectivity as the pore fluid pressure approached the well control 

pressure. For gradational contact at the reservoir-seal interface, the rate of CO2 injection into the lower 

part of the reservoir increases with the decrease in size of clastic sediments at the top of the reservoir. 

For the graded reservoir, the rate of CO2 injection is higher for normal grading than for reverse grading. 

This can be seen from the fourteenth year of injection. The results indicate that the relative permeability 

functions predominate over permeability and porosity data when describing sedimentary heterogeneity. 

This is further emphasised in the comparison between the total CO2 injected for all cases investigated. 

Figure 4.7 shows neglible differences in the total amount of CO2 injected between the base case and 

other sensitivity cases at the end of simulation for Phase III as opposed to Phases I and II: 

 

Figure 4.7: Total volume of CO2 injected into the reservoir during Phase III analysis, compared with 

Phases I and II 

At the end of the simulation, all cases that used the Pc – kr – Sw functions to describe hetergeneity within 

the model allowed for more CO2 injection than the base case. In Figure 4.7, Cases 4 and 4A show the 

smallest margin in total CO2 injection and this accounts for an additional 23,000 tonnes of CO2 being 

injected into the reservoir. 

4.3.2.2 Physical trapping 

At the end of the injection period, the upward migration of CO2 plume was restrained by the caprock 

layer in all the cases simulated. When graded bedding was integrated into the pore geometric analysis, 

the impact of the dynamic functions followed the trend identified in Section 4.3.2.1 and amplified the 

supporting role of the static parameter thereby decreasing the effective permeability to the non-wetting 

phase. This was attributed to the impact of the irreducible aqueous phase on the relative permeability 

to CO2 within the reservoir. Figure 4.8 illustrates this impact based on the vG-MC model which described 

a constant KrCO2–Sw  curve for all the reservoir lithologies in this study: 
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Figure 4.8: Relative permeability curves showing the values for kr(CO2) at the intercept of kr(brine) in 

various reservoir lithologies 

Figure 4.8 shows a decreasing value of the relative permeability to CO2 at the intercept between the 

non-wetting krnw–Sw  curve and the variable wetting krw–Sw curves for the reservoir rocks. This resulted 

in a lower degree of mobile CO2 in models that incorporated smaller clasts within the reservoir, 

particularly at the transition zone. The relative drag in plume movement within the constricting rock 

matrix led to an increase in the local capillary trapping, a trapping mechanism resulting from intrinsic 

capillary heterogeneity (Saadatpoor et al. 2010). This was represented by the Pc–Sw relationships in 

the model and explains why the impact of the static parameter on capillary trapping is not noticeable 

for the gradational changes investigated. Retention of CO2 within the pore spaces is enhanced by the 

capillary forces acting at the pore throats. Due to the larger distribution of the capillary processes, 

graded bedding in the reservoir accounted for a higher degree of capillary trapping when the static and 

dynamic parameters were integrated. Normally graded reservoirs were seen to residually trap more 

CO2 than their inversely graded counterparts. This was attributed to the gradual rise in the magnitude 

of capillary forces acting within normally graded stratum, as opposed to the fall in magnitude for the 

inversely graded stratum. Figure 4.9 shows the quantification of CO2 trapping for all cases modelled in 

Aquifer-1. 

It is observed in Figure 4.9a that more gas is trapped residually from the top, Case 1, to the bottom, 

Case 3A, of the chart. The prominence of capillary trapping within the reservoir serves to reduce the 

rate of CO2 spreading at the base of the caprock, as well as increasing brine contact which is beneficial 

for CO2 dissolution (Golding et al. 2011). This is noted through the lateral extent of plume migration 

beneath the caprock for all simulated cases which followed the trend 1 > 4 > 2 > 5 > 6 > 7 > 3 in the 

order Phase III > Phase I > Phase II. It suggests that the failure to include a variance in the Pc – kr – Sw 

functions within the reservoir domain will lead to an over estimation of bouyant drive to- and the gravity 

current at- the transition zone. Following this observation, the open aquifer, i.e. Aquifer-2, becomes only 

an extension of Phase II for an analysis on overpressure. 



 

65 
 

 

Figure 4.9: a) Quantification of the physical trapping mechanisms and b) the total CO2 trapped, in 

order of increasing total trapping from top to bottom, at the end of the injection period. 

4.4.3.3 Pressure evolution 

To simulate the pressure evolution in the reservoir, an infinite lateral communication at both ends of the 

modelled domain is assumed. This is done to identify which cases of gradational contact at the transition 

zone and gradation in the reservoir would have the least impact on the structural integrity of the caprock. 

The assumption of an infinite-acting aquifer is reasonably based on the vast lateral extent of the Bunter 

sandstone rock unit which crops up onshore in Eastern England as the Sherwood Sandstone Group 
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(Brook et al. 2003). To assess the structrual trapping mechanism, the volume of mobile CO2 lodged at 

the transition zone after 20 years of CO2 injection is quantified and illustrated in Figure 4.10. 

 

Figure 4.10: Mobile CO2 in the reservoir-seal gradation zone of an aquifer with infinite lateral 

communication. 

As illustrated in Section 4.3.2.2, the proportion of mobile CO2 at the transition zone is influenced by the 

average particle-size within the rock matrix. This can be seen in a comparison between Case 3A and 

2A where a decreasing particle-size, from the base to the top of Case 3A aquifer, progressively reduced 

the amount of free gas migrating vertically. Alternatively, the increasing particle-size from the base to 

the top of Case 2A propelled the vertical migration of CO2 plume. Following the observations in Figure 

4.9, Case 3A and 7A were chosen for respective analysis on the impact of a graded reservoir and a 

gradational contact at the reservoir-seal interface on the pressure distribution in the domain. These 

cases showed the lowest magnitude of buoyant force in the transition zone. Consequently, Case 1, 3A, 

and 7A were simulated in a version of Aquifer-2 that reflected the probable pore volume of the Bunter 

Sandstone Formation (Table 4.4). 

Reservoir Formation Domain Reservoir Pore Volume (rm3) Reference 

Aquifer-2 (Infinite-acting) 4.83E+14 This study 

Aquifer-2 (Bunter-estimation) 1.45E+12 This study 

Bunter Sandstone 1.52E+12 Brook et al. (2003) 

Bunter Sandstone 1.396 E+12 Holloway et al. (2006) 

Table 4.4: Provisional figures for reservoir pore volume used in this study 
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Figure 4.11: Time plots showing: a) mobile CO2, b) pressure evolution, and c) CO2 dissolution through 

the injection period; as well as d) the percentage volume of total dissolved and mobile CO2 at the 20th 

year of injection, in the transition zone and the caprock respectively. 
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In the Bunter-estimate version of Aquifer-2, overpressure in the transition zone varied directly with the 

mass of free CO2 in the strata. However, pressure evolution in the overlying caprock did not show such 

a correlation (Figure 4.11). This disparity was accounted for by the measure of capillary trapped CO2 

within each strata. This is because in pore spaces the incumbent aqueous phase will further dissolve 

immobilised CO2 ganglia which can account for the pressure drop (Peters et al. 2015). In other words, 

the degree of CO2 dissolution through residual trapping within a strata serves to counteract the impact 

of mobile CO2 saturation on the pore fluid pressure (Figure 4.11d). Notwithstanding, the results suggest 

that pore pressure within caprocks superjacent to graded strata at the reservoir/seal interface will show 

a lower evolution profile in comparison to those that are further removed. This assumption, however, is 

mostly valid for a field-scale determination of pressure evolution within the caprock. Generally, higher 

capillary forces resulting from smaller pore geometry tend to thicken the horizontal gravity current as a 

result of the reduced effective permeability of the intruding CO2 (Figure 4.12):  

 

Figure 4.12: A depiction of CO2 saturation in the 20th year of gas injection. NB: The curves X and Y in 

Case1 illustrate the trend for gravity current in Case7A and Case3A respectively. 

This usually results in a larger capillary fringe, i.e. the region occupied by both phases. With constant 

CO2 flux, the partial saturation of the non-wetting phase within the capillary fringe increases and thicker 

horizontal currents contact a greater region of the reservoir (Golding et al. 2013). This has an immediate 

effect on pressure evolution within the contact area as localised pore pressures increase while the 

capillary forces within the matrix immobilise the CO2 ganglia. This phenomenon was notably observed 

around the injection well within the reservoir and the caprock at the end of the numerical simulation 

(Figure 4.13): 
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Figure 4.13: 2D illustration of pressure change in the 20th year of CO2 injection 

The reasoning is that within a thinning pore matrix, higher capillary forces correlate to a higher saturation 

of irreducible brine. The lateral continuity of such a matrix will result in little or no path being available 

for the migrating CO2 plume to bypass the constricted strata, hence the gravity current expands beneath 

it. A consequence is the increased local capillary trapping of the gas within the strata, while the 

continous flux of the buoyant CO2 plume results in CO2 permeability though the region of highest gas 

concentration. The significance of a laterally continous reservoir-seal gradation zone within a semi-finite 

aquifer is a higher overpressure around the injection point, thus increasing the magnitude of pressure 

transmitted in the lower part of the caprock. 
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4.4 The dome-shaped structural model 

The structural model adopted here is the heterogeneous 3D reservoir model developed with cemented 

sand layers and interbedded shale by James et al. (2016). This serves as an accurate representation 

of the Bunter aquifer where the 3D model covers an area of 25 km by 25 km (Figure 4.14). The 3D grid 

was built with a rotation of 45° and grid cells of 200m by 200m in the X, Y direction totalling 681,256 

cells (ni = 124, nj = 134, nk = 41) with 603,394 active cells. Grid cells modelled as cemented sands were 

inactive in the numerical simulation i.e. with zero pore volume. Table 4.5 summarises the model’s 

layering scheme and the average modelled permeability and porosity values for sand facies in each 

reservoir zone. 

 

Figure 4.14: Illustration of the dome-shaped structural model developed by James et al. (2016) showing: 

a) the modelled area, and b) permeability distribution in a cross-section of the store unit. 

Zones Average 

thickness (m) 

Number of 

layers 

Average Kh 

(mD) 

Average 

porosity (-) 

Solling Claystone 10 1 0.0065 0.03 

R.Zone 1 8 4 233 0.21 

R.Zone 2 21 7 219 0.22 

R.Zone 3 99 15 195 0.23 

R.Zone 4 73 10 223 0.20 

R.Zone 5 15 3 162 0.22 

Basal Shale 3 1 0.0065 0.03 

Table 4.5: Layering for the dome-shaped 3D model. [Adapted from James et al. (2016)] 



 

71 
 

James et al. (2016) modelled the Solling Claystone as a single sealing layer at the top of the structural 

model. The first layers in reservoir zones 3 and 4 were cemented sand and shale, respectively, acting 

as laterally continuous intra-reservoir seals. No fault was included in the 3D model since there was no 

clear evidence of faulting in the reservoir or primary caprock of the Bunter aquifer. The reservoir 

formation was modelled with an average sand porosity of 22%, an average sand permeability of  200 

mD (maximum 1970 mD), and facies proportions shown in Table 4.6, using a Sequential Guassian 

Simulation method (Nowak and Verly 2005). The shale facies were assigned porosity and permeability 

values of 3% and 0.0065 mD, respectively.  

Zones Sand Shale Cement 

R.Zone 1 0.87 0.03 0.10 

R.Zone 2 0.81 0.12 0.07 

R.Zone 3 0.80 0.11 0.09 

R.Zone 4 0.93 0.06 0.01 

R.Zone 5 0.53 0.47 0.00 

Table 4.6: Modelled facies proportions. [Source: James et al. (2016)] 

The model assumes an isothermal system, a uniform salinity, and a hydrostatically pressured aquifer 

with an initial reservoir pressure of 11.9 MPa and fracture pressure of 19.7 MPa at the crest of the 

structure, a depth of 1170 m TVDSS. Four vertical wells are located on the North West flank of the 

structure penetrating the full upper sandstone sequence and perforated in zones 3 & 4 to inject CO2 at 

a combined rate of 7Mt/yr. The injection wells are deviated to maximise the sand-face contact in the 

store unit. Table 4.7 gives a summary of fluid and rock properties used.  

Parameter Value 

Aquifer datum depth 1170 m TVDSS 

Pressure at datum 11.9 MPa 

Temperature 45ºC 

Brine salinity 200,000 ppm 

CO2 density at datum 1.87 Kg/m3 

Brine density at datum 1152.16 Kg/m3 

Rock compressibility 4.93 x 10-6 1/MPa 

Sandstone Porosity (arithmetic average) 22% 

Sandstone Permeability (arithmetic average) 200 mD 

Average Kv/Kh ratio 0.36 

Fracture pressure gradient 16.8 MPa/km 

Bulk rock volume above spill point (~1737 TVDSS) 1.4 x 1010 m3 

Reservoir pore volume above spill point (~1737 TVDSS) 2.5 x 109 m3 

Table 4.7: Initial conditions and parameters for the dome-shaped structural model. [Adapted from 

James et al. (2016)] 
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Pc – kr – Sw relationships generated for the generic box model in Section 4.3 are utilised in the dome-

shaped structural model i.e. claystone, sandstone, silty sandstone, muddy sandstone, clayey 

sandstone, and sandy siltstone. Schlumberger’s (2015) ECLIPSE E100 Black Oil module is used for 

the dynamic simulation of GCS. Shariatipour et al. (2012) and Hassanzadeh et al. (2008) have showed 

the applicability of the Black Oil reservoir simulator for CO2 storage in saline aquifers. This involves 

adapting the Black Oil fluid model to the PVT behaviour of CO2-brine mixtures where CO2 and brine 

properties are described using the gas-phase and oil-phase, respectively. 

4.4.1 Sensitivity design 

Dynamic simulation of GCS is conducted to observe the impact of heterogeneity in Pc – kr – Sw 

relationships, as well as various assumptions of relative permeability functions in the reservoir 

formation, on CO2 injectivity and storage capacity. The sensitivity study is outlined in three modules in 

order to ascertain the effect of the cemented sand layer in the model on CO2 storage performance. 

Module I includes a cemented sand layer situated at the top of R.Zone 3 in the structural model. Module 

II and III replaces the cemented sand layer with a shale layer and an uncemented sandstone layer, 

respectively. Sensitivity cases in Modules I, II and III are designated X, Y, and Z, respectively, and these 

cases are labelled according to the description in Table 4.8.  

Case ID Description 

BASE 0 Sandstone Pc – kr – Sw functions in the entire reservoir formation 

BASE 1 Silty Sandstone Pc – kr – Sw functions in the entire reservoir formation 

BASE 2 Muddy Sandstone Pc – kr – Sw functions in the entire reservoir formation 

BASE 3 Clayey Sandstone Pc – kr – Sw functions in the entire reservoir formation 

BASE 4 Sandy Siltstone Pc – kr – Sw functions in the entire reservoir formation 

CASE 1 
Inclusion of Pc – kr – Sw heterogeneity in the reservoir formation according to 

permeability values of each grid block 

CASE 2 Different Pc – kr – Sw functions assigned to each intra-reservoir zone 

Table 4.8: Description of sensitivity cases in the study 

The senstivity cases identified with the prefix BASE adopts a single Pc – kr – Sw function in all five 

reservoir zones, while those identified with CASE incorporates heterogeneity in Pc – kr – Sw functions 

within the reservoir formation. Pc – kr – Sw functions adopted in CASE1 are assigned based on average 

permeability value in each block as described in Table 4.9. Those adopted in CASE2 are based on the 

average permeability for each intra-reservoir zone (see Table 4.5) using the description of reservoir 

lithologies in Table 4.4. In other words, the relative permeability functions adopted for R.Zones 1, 2, 3, 

4 and 5 are based on the vG-MC descriptions for sandstone, muddy sandstone, clayey sandstone, silty 

sandstone and sandy siltstone, respectively. 
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Range of permeability in 

model (mD) 

Lithology used to define 

Pc – kr – Sw functions 

>1600 and ≤1970 Sandstone (S) 

>1200 and ≤1600 Silty Sandstone (SiS) 

>800 and ≤1200 Muddy Sandstone (MS) 

>400 and ≤800 Clayey Sandstone (CS) 

≥1 and ≤400 Sandy Siltstone (SSi) 

>0 and <1 Claystone (C) 

Table 4.9: Description of Pc – kr – Sw functions in CASE1 

4.4.2 Result and discussion 

The rate of gas injection in the heterogeneous model was found to be identical for sensitivity cases in 

Module I & II. Cases in Module III showed a higher cumulative gas injection as a result of prolonged 

CO2 injection within the maximum allowable pressure limit. This is attributed to the non-sealing intra 

Bunter baffle modelled in Module III which increases the pore space available for gas storage. The non-

sealing layer at the top of R.Zone 3 prompts an easier dissipation of injection pressure in the store in 

comparison to Modules I & II with a sealing intra Bunter baffle. The increasing pressure also expands 

the pore volume that is available for gas injection thereby increasing the storage capacity. Figures 4.15, 

4.16 & 4.17 present a summary of these observations using graphical illustrations of the cases 

designated with the prefix BASE. 

 

Figure 4.15: CO2 injection rate and cumulative CO2 injected for the structural model with a) a cemented 

sand layer, b) a shale layer, and c) an uncemented sand layer at the top of R.Zone 3 
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Figure 4.16: Datum corrected gas pressure for BASE cases in a) Module I & II, b) Module III. 

 

Figure 4.17: Graphical illustration of the pressure, volume, and storage capacity profile within R.Zone 

2 & 3 as well as the Bunter dome showing the region of interest for these assessments . 



 

75 
 

The analysis of Figure 4.15 & 4.16 shows that relative permeability assumptions have a significant 

impact on pore pressure evolution and how much CO2 can be injected in the store before the fracture 

constraint is reached. Referring back to Figure 4.8 in Section 4.3.2.2, the estimation of storage capacity 

of the BASE cases modelled herein is seen to be directly related to the relative permeability 

assumptions based on clast size. Here, total CO2 injected is highest for the sandy siltstone storage unit 

(BASE4) and lowest for the sandstone unit (BASE0). This is because the migration of pressurised brine 

is faster in BASE0 than in BASE4, making pore pressure build-up faster in BASE0. Consequently, the 

pressure constraint is reached earlier resulting in a shorter injection life and reduced injection volume. 

In Figure 4.17, an assessment of pore volume, pore pressure and storage capacity focuses on R.Zones 

2 & 3 within the Bunter dome, as indicated in Figure 4.17a. The pore pressure evolution in R.Zone 2 of 

Module III results in an increase in the pore volume at reservoir conditions, while a constant pressure 

profile in the same zone for Modules I & II results in a constant volume profile. This is due to the pressure 

communication through the top layer of R.Zone 3, where pressurised brine readily migrates through a 

non-sealing layer as opposed to a sealing layer. The impact of pressure evolution on the reservoir pore 

volume is also seen in R.Zone 3 where pore volume increases as pressure increases in all three 

Modules (Figure 4.17f & g). Note that the additional pore space available in Module III, via the non-

sealing intra Bunter baffle, increases the estimation of CO2 storage in the store (Figure 4.17f & h). This 

was also seen for sensitivity cases with the prefix CASE in Figure 4.18 below.  

 

Figure 4.18: a) Pressure and b) CO2 storage capacity in the reservoir formation for CASEs 1 & 2 at 

the (i) 20th and (ii) 26th year of simulation 

In Figure 4.18, the impact of relative permeability distribution on pressure evolution in the reservoir is 

noticeable in the 20th year of dynamic simulation. Here the homogeneous distribution of relative 

permeability functions in the reservoir zone (CASE2) favour pressure propagation over the 
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heterogenenous distribution within each reservoir zone (CASE1). However, in the 26th year of simulation 

the pressure magnitude appears to be the same for both cases in each Module (Figure 4.18ii). This is 

attributed to a prolonged injection profile in CASE1 where CO2 injection continued for six years beyond 

that of CASE2 (Figure 4.19a). 

 

Figure 4.19: The a) injection profile, and b) total CO2 stored in the 26th year of dynamic simulation of 

sensitivity cases in Module I. 

Figure 4.19 presents a comparison of all sensitivity cases in Module I in order to assess the effect of Pc 

– kr – Sw distribution scheme in the formation on CO2 storage capacity estimation. The injection profile 

in CASE1 shows a closer similarity to that of BASE3 and BASE4 since the distribution of intrinsic 

permeability values in the model showed most of the values between 1 and 800 mD (see Figure 4.14b). 

Hence the harmonisation of diverse relative permeability functions within the reservoir unit, i.e. CASE1, 

could be essentially modelled using either BASE3 or 4 (refer to Table 4.8 & 4.9). When the total gas 

that can be injected within the allowable fracture pressure is assessed at the end of simulation, a closer 

match in the estimated volume of CO2 stored is recorded for CASE1, CASE2 and BASE4 (Figure 4.19b). 

This indicates that the homogeneity of kr – Sw functions in a storage formation can be effectively 

described using either approximations within intra-reservoir zones or a quantitive analysis of 

petrographic data in the entire storage unit. 

4.5 Summary and conclusion 

Numerical modelling of CO2 geosequestration is to a large extent dependent on the quality of the 

quantitative knowledge of the geological descriptions used to construct the reservoir model. Through 

relating fluid and transport processes to primary sedimentary structures in siliciclastic formations, 



 

77 
 

numerical simulation was employed to probe the effects of heterogeneous dynamic flow parameters on 

CO2 storage performance. The results emphasise the significance of enhancing geological details in 

reservoir-specific models. Specifically, the importance of modelling heterogeneity in the capillary 

pressure and relative permeability functions. For CO2 storage in geological formations, the reservoir 

injectivity and trapping mechanisms are sensitive to gradational changes at the reservoir-seal interface 

as well as within the reservoir. Clast-size gradation from coarser- to finer-grained sediments within the 

reservoir leads to more favorable capillary trapping scenarios for CO2 sequestration, irrespective of the 

boundary conditions. Gradation further increases the opportunity for CO2 dissolution during the injection 

phase. Hence, the presence of these structures is vital in numerical models that investigate the post-

injection sequestration processes. The measure of how such sedimentary structures influence CO2 

storage will not be adequately determined if their description is based on the permeability and porosity 

data alone. This is based on the observation that the relative permeability data essentially dictates the 

effective permeability of fluids in a porous media. The presence of a gradational contact at the reservoir-

seal interface can also influence storage security.  

The analysis in this chapter showed that for an open aquifer, the lateral continuity of such structures 

will likely reduce the field-scale overpressure in the caprock by mitigating brine migration into the seal. 

However, this could also increase localised pore pressures centred on the injection point within the 

caprock. Such scenarios can lead to the hydraulic fracturing of structural traps within the injection point, 

especially at the base of the trapping unit (Rozhko et al. 2007). Gradation at the reservoir-seal interface 

may then be said to improve field-scale CO2 storage security while also diminishing local-scale caprock 

integrity. This creates a paradoxical impact of gradation on structural trap integrity and further goes to 

highlight the importance of including such geological detail in numerical simulation studies. 

Relative permeability is a key parameter that influences injectivity performance and the estimation of 

CO2 storage capacity. Capacity can vary depending on which relative permeability assumptions were 

used in the storage formation. In the presence of intra reservoir baffles, non-sealing layers situated 

above the injection zones have the effect of providing access to more space for pressure dissipation to 

occur. This enables a prolonged period before the maximum allowable pressure limit is reached and an 

enhanced capacity estimation. However, the migration of pressurised brine through this space and 

subsequent storage of CO2 highly depends on the relative permeability defined for the rock matrix. In 

conclusion, numerical analysis which disregards the sensitivity of geological detail in the model to multi-

phase fluid transport processes will fail to sufficiently account for CO2 storage performance. The next 

chapter considers the impact of capillary pressure and relative permeability heterogeneities on pressure 

response in the caprock during CO2 injection. 
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Chapter

 5
‡

 
The effect of sedimentary heterogeneities in the sealing 

formation on pore pressure prediction 

The observation of pressure dissipation across the storage and sealing formation is relevant for storage 

capacity and geomechanical analysis during CO2 injection. This chapter evaluates the relevance of 

relative permeability variations in the sealing formation when modelling geological CO2 sequestration 

processes. Numerical simulations herein focus on gradational changes in the lower part of the caprock, 

particularly how they affect pressure evolution within the entire sealing formation when represented by 

relative permeability functions. The caprock plays an important role in geological carbon sequestration 

(GCS) in terms of its structural integrity, thus investigating pressure evolution in these rocks during GCS 

permits the assessment of this property. 

The results demonstrate the importance of pore size variations in the mathematical model adopted to 

generate the characteristic curves for GCS analysis. Gradational changes at the base of the caprock 

influence the magnitude of pressure that propagates vertically into the caprock from the aquifer, 

especially at the critical zone (i.e. the region overlying the CO2 plume accumulating at the reservoir-

seal interface). A higher degree of overpressure and CO2 storage capacity was observed at the base 

of caprocks that showed gradation. These results illustrate the need to obtain reliable relative 

permeability functions for GCS, beyond just permeability and porosity data. 

                                                           
‡ The content of this chapter has been extracted from the following paper: 

Onoja, M.U., Williams, J.D.O., Vosper, H., and Shariatipour, S.M. (2019) Effect of sedimentary heterogeneities in 

the sealing formation on predictive analysis of geological CO2 storage. International Journal of Greenhouse Gas 

Control 82, 229–243. https://doi.org/10.1016/J.IJGGC.2019.01.013 

The candidate set the scientific scope of the work, devised and developed the methodology, performed all data 
analysis and wrote the text. The co-authors provided guidance during the design of this part of the project and 
feedback on the manuscript. 

Minor adaptations have been performed to streamline the layout of the thesis. 
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5.1 Introduction 

CO2 injection into an aquifer increases the pore pressure, producing an expansion of the aquifer 

and changing the effective stress field (Ducellier et al. 2011). Due to the coupled hydromechanical 

effect that occurs during injection, pressure propagates from the aquifer into the caprock 

deforming both formations (Handin et al. 1963). Strain acting laterally can increase lateral 

stresses while vertical strain can cause an extension at the top of the caprock close to the well. 

The overpressure-induced surface heave observed around injection wells at the In Salah CO2 

storage project in Algeria (Rutqvist et al. 2010) is an example of this vertical strain. Analysing 

caprock integrity usually relies on predictions from reservoir and geomechanical models, where 

the former provides pressure data for the latter. 

The mechanisms for gas transport through mudrocks can be categorized as pressure-driven 

volume flow of mobile gas phase and transport of dissolved gas either by molecular diffusion or 

advective flux of brine. The importance of diffusive and advective transport mechanisms in 

mudrocks has been addressed by Schlömer and Krooss (1997), Krooss et al. (1992), and Busch 

et al. (2008). However, the pressure-driven volume flow (Darcy flow) is considered the most 

efficient transport mechanism (Amann-Hildenbrand et al. 2015). In CO2/brine/rock systems, the 

pressure-driven flow of mobile gas phase entails the visco-capillary two-phase flow which 

describes the displacement of the wetting brine phase in the original porosity of the rock fabric by 

the non-wetting gas phase under the influence of capillary and viscous forces (Bear 1972). This 

pressure driven-flow could also result in gas flow along micro- and macro- fractures within the 

mudrock. The former describes dilatancy-controlled gas flow resulting from an inability of the 

mudrock to withstand persistent gas-pressures with a magnitude that surpasses the minimum 

principal stress acting on the rock mass (Horseman et al. 1996), while the latter describes gas 

flow initiated when the magnitude of gas pressure surpasses the sum of the minimum principal 

stress and the tensile strength of the rock (Valko and Economides 1997). In such scenarios, the 

capillary gas entry pressure becomes the controlling factor for the two-phase flow characteristics 

of a porous medium. 

Caprocks possess a smaller pore throat matrix as well as a higher percentage of immobile water 

within the matrix than reservoir rocks. As such, the capillary entry pressure required to initiate gas 

flow in water saturated mud sealing rocks can be extremely large due to the presence of fine-

grained clasts in these rocks (Harrington and Horseman 1999). Notwithstanding, the bulk gas 

flow at the reservoir-seal interface can initiate dilatant flow in the mudrock before the capillary 

entry pressure is exceeded. This can be achieved through the opening/widening of the 

interspaces of the clay matrix (e.g. Skurtveit et al. 2012, Horseman et al. 1999, Angeli et al. 2009). 

The aperture of these dilatant pathways are a function of the internal gas pressure and structural 

constraint within the clay, which can be attributed to the ability of water films within its fabric to 

conduct stress (Lambe 1960). Once gas flow is initiated in the porous media, its mobility is usually 
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determined by the permeability of the formation and the Pc – kr – Sw relationships (Marschall et 

al. 2005). This suggests a functional dependency of pressure distribution within sedimentary 

formation on the rock’s microstructural features, such as the pore size distribution or average 

grain size (Bihani and Daigle 2019). A number of numerical simulations on CO2 injection into 

saline aquifer sandstones have utilised this function using a variety of approaches, e.g. the 

hydrodynamic behaviour of CO2 (Doughty 2010), the combined effects of capillary pressure and 

salinity (Alkan et al. 2010), the effects of interlayer communication through seals (Birkholzer et al. 

2009), the major trapping mechanism in Mt. Simon Sandstone Formation (Liu et al. 2011), the 

effects of well orientation (Okwen et al. 2011), and the effects of gridding (Yamamoto and Doughty 

2011). Rutqvist and Tsang (2002) showed that hydromechanical changes in the caprock occur in 

the basal unit, especially near the injection well (injection zone). The authors described a 

sandstone aquifer beneath a shale caprock using a value of 0.457 to represent the vG’s pore size 

distribution index [m] for both the reservoir and seal formations. Their simulation study, as well as 

those from aforementioned examples, overlooked the likely importance the interpretation of the 

parameter, m, will have on fluid dynamics in sedimentary formations. 

5.2  Problem Statement 

In petroleum literature, saline formations have not been investigated as much as oil and gas 

formations. A consequence of this is limited laboratory and field data results and greater 

uncertainty in the engineering designs for saline formations. For example, an analysis of the 

capillary sealing behaviour of N2, CO2, CH4 obtained the lowest values for CO2/brine/rock systems 

(Hildenbrand et al. 2004, Li et al. 2005), suggesting that sealing mudrocks that were effective for 

hydrocarbons may not have the same retention capacity for CO2. Available laboratory and field 

data indicate that mudrock permeabilities vary by three orders of magnitude at a given porosity 

and this variance could be attributed to the pore throat size distribution as well as the clay content 

of the mudrock (Dewhurst et al. 1999, Yang and Aplin 2010). Generally, gas migration through 

the water-wet caprock will be initiated when the gas pressure in the reservoir exceeds the capillary 

entry pressure. Any resulting fracture-controlled flow of CO2 will be influenced by its effective 

permeability, which is likely to be higher for silt-rich than clay-rich mudrocks (Dewhurst et al. 

1998). A common practice in reservoir simulation is adopting a single Pc – kr – Sw curve for an 

entire mudrock column overlying a storage formation. This may not be ideal, especially for 

lithostratigraphic units such as the Mercia Mudstone Group (MMG) in the East Irish Sea, which is 

mainly composed of claystones and siltstones (Seedhouse and Racey 1997).  

In an experimental investigation on the capillary sealing properties of nine high quality sealing 

mudrock samples, Amann-Hildendrand et al. (2013) observed that only a small proportion, i.e. a 

narrow horizontal band, of the rock fabric was exposed to the permeating fluid/CO2 after the 

capillary entry pressure was exceeded. This was attributed to the dependency of the effective gas 

permeability on the capillary pressure curve. At the basin scale, the fraction of rock fabric exposed 

to the permeating CO2 could be interpreted as the reservoir/seal interface. Since the capillary 
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pressure-controlled properties are associated with the pore size distribution and wettability, the 

lithology and mineral composition of the mudrock at the reservoir/seal interface becomes 

important when estimating the capillary sealing efficiency of the caprock overlying potential CO2 

storage sites. The MMG, which overlies potential CO2 storage formations such as the Sherwood 

Sandstone Group and its North Sea equivalent, the Bunter Sandstone Formation (Noy et al. 2012, 

Williams et al. 2018), serves as a good example. At the reservoir/seal interface, transitional 

lithologies commonly exist between the Sherwood Sandstone and the Mercia Mudstone (Newell 

and Shariatipour 2016, Seedhouse and Racey 1997, Shariatipour et al. 2016a). This lithology is 

characterised by interbedded claystone, siltstones and medium- to fine- grained sandstones of 

approximately equal proportions (Hobbs et al. 2002). Onshore UK, the transitional interface is 

referred to as the Tarporley Siltstone Formation which forms the basal formation of the Mercia 

Mudstone Group with gradational changes up to 60 m in the East Midlands Shelf, up to 220 m in 

the Cheshire Basin, and up to 70 m in the Stafford Basin (Howard et al. 2008). With Bennion and 

Bachu’s (2008) demonstrating that relative permeabilities for in situ fluids within a storage location 

can follow different curves, the classical two-phase flow concept in mudrocks may need refining, 

with respect to the Pc – kr – Sw functions in variable mudrock lithologies that could occur within a 

sealing formation. Shariatipour et al. (2016b) showed that a highly permeable layer at the 

reservoir-seal interface can contribute to pressure diffusion across the reservoir. The authors 

indicated that such permeability usually results from weathering, particularly at unconformity 

surface, and the reservoir-seal interface could be regarded as a continuing unit of the reservoir’s 

top or the caprock’s base. Hence, it becomes important that reservoir simulations for CO2 

sequestration adequately describe relative permeability functions at the top of the aquifer and/or 

the base of the caprock. This is because flow characteristics within either region could differ from 

the bulk properties of the entire corresponding formation. This chapter focuses on the impact of 

sedimentary heterogeneity, duly represented by intrinsic permeability and relative permeability 

functions, in the lower part of the caprock on pressure evolution within the sealing formation. 

5.3 Model Characteristics 

5.3.1 Model Description 

A two-dimensional (2D) radially symmetric model domain with a radial extent of 6 km was chosen 

to represent the aquifer-caprock system and investigate the impact of boundary conditions, while 

ensuring that the mobile CO2 plume during injection does not reach the lateral boundary of the 

domain. A storage formation, located at a depth of approximately 1000 m below the ground 

surface, is 200 m thick and bounded at the top by a 200 m thick caprock sealing unit. The upper 

and lower boundaries of the domain have no flow conditions. Two observation zones identified 

as Region 1 and Region 2 (see Figure 5.1) are used to represent the zones of reference above 

the perforated injection interval, as implemented for this study. A single vertical injection well is 

located at r = 0 with CO2 injection operating over 20 years at a rate of 48 kg/s (i.e. annual rate of 

1.5 million tonnes of CO2). The aquifer is initially fully saturated, assuming a hydrostatic fluid 
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pressure distribution and a salinity of 300,000 ppm. Isothermal conditions are modelled using a 

uniform temperature of 33°C. Schlumberger’s (2015) ECLIPSE multiphase code is used for the 

dynamic simulation of supercritical CO2 (scCO2) displacing brine. The allowable bottom-hole-

pressure (BHP) is set to 75% of a lithostatic pressure gradient assumed to be 22.5 MPa/km (after 

Noy et al., 2012). This is ~90% of the minimum horizontal stress magnitude in the East Irish Sea 

Basin as estimated by Williams et al. (2018). 

 
Figure 5.1: Schematic description of the model geometry in the r-z cross section, where 

Regions 1 and 2 are observation zones in the study. Not to scale. 

In order to accurately approximate the magnitude of expected fluid pressure increase resulting 

from CO2 injection, cells towards the top of the reservoir and at the base of the caprock are 

thinner. Within the reservoir-seal interval the thinnest cells are 0.01 m thick while the average cell 

thickness within the model is 1 m. The petrophysical properties of the aquifer are based on the 

Sherwood Sandstone Group of the South Morecambe gas field, East Irish Sea Basin (Bastin et 

al. 2003). Table 5.1 lists the assigned hydrogeological properties typical of a homogeneous saline 

aquifer that is suitable for GCS. The aquifer is assumed to be a fully water-wet sandstone 

formation with a maximum pore throat radius of 37 microns and CO2/brine interfacial tension of 

30 mN/m. The assumed value for maximum pore throat radius falls within the range of dominant 

pore throat sizes of Permo-Triassic sandstones in the United Kingdom (Bloomfield et al. 2001).  

Parameter Aquifer 

Porosity, Ø (%) 14 

Permeability (mD) 150 

Permeability anisotropy 0.1 

Gas entry pressure, Pe (kPa) 1.6 

Irreducible brine saturation, Swr 0.3 

Pore compressibility (bar-1) 4.5 x 10-5  

Maximum relative permeability to CO2, ko 0.584 

Table 5.1: Static parameters assumed in the modelled domain 
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5.3.2 Sensitivity study design 

Using a set of simulation scenarios, this chapter aims to evaluate the degree to which a gradation 

at the base of a sealing caprock will affect the magnitude of pressure that propagates into the 

sealing formation as a result of scCO2 injection in the underlying reservoir. For the purpose of this 

study, the ‘transition zone’ henceforth refers to the region of gradational changes at the lower part 

of the caprock. A set of graded orientation identified as coarse- to fine-, fine- to coarse-, and 

coarse- to fine- to coarse-textured sediments is constructed within a transition zone with varying 

thickness of 0.1m, 1m, 10m, 20m and 50m. A total of six different caprock lithologies, namely 

claystone, sandy claystone, mudstone, siltstone, sandy siltstone and clayey sandstone are used 

to help define flow characteristics within the caprock formation. 

This study describes claystone, sandy claystone and mudstone as finer lithologies while siltstone, 

sandy siltstone and clayey sandstone are identified as coarser lithologies. All lithologies are 

modelled under the assumption of a single value for capillary entry pressure in all variations, i.e. 

172 kPa. This assumes that each lithology type possesses the same diameter of largest pore 

throat on the exterior of the stratum in contact with the displacing fluid. The pore geometry 

parameter [n] then defines the variable capillary pressure curve for each lithological unit (Table 

3.3). Residual CO2 saturation, an important parameter for imbibition curves to model residual 

trapping, is not computed for the variable lithologies since the study is focused on the drainage 

cycle. Assumed values for residual brine saturation are based on Bennion and Bachu’s (2008) 

experimentally measured relative permeability characteristics for supercritical CO2 displacing 

brine from low permeable shale, carbonate and limestone rock samples. Endpoint CO2 relative 

permeabilities are computed using Eq. 2.44, i.e. the relationship proposed by Standing (1975). 

The heterogeneous properties of the caprock lithologies are listed in Table 5.2, where a single 

porosity of 4.4% is assumed for the caprock lithologies with permeability values ranging from 2.23 

x 10-4 mD to 7.88 x 10-5 mD, linearly characterised by their clay content. This hypothesis is 

supported by existing data that suggests a log-linear relationship between permeability and 

porosity over a wide range of mudstones with dataset of measured permeabilities spanning 

approximately 1 order of magnitude at a single porosity value provided the clay content and mean 

pore throat radius of the mudstones are known (Yang and Aplin 2007, 2010). Armitage et al. 

(2016) further demonstrated that the lower the clay content, the higher the permeability at the 

same porosity, and provided a compilation of Kv/Kh ratio for six Mercia Mudstone core samples 

which vary between 0.493 and 0.852. Based on this range, the permeability anisotropy in the 

caprock is assumed to be 0.5.  

The coupled van Genutchen-Mualem-Corey (vG-MC) model (Eq. 3.1–3.4) is used to describe the 

retention behaviour of the rocks and the kr of brine and CO2.Tables of kr –S relations used in the 

numerical simulations are shown in Figure 5.2. In accordance with the kr –S functions computed 

for the caprock lithologies, claystone is regarded as the most compact lithology with the highest 
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impedance on fluid flow, followed by sandy claystone then mudstone, siltstone, sandy siltstone 

and finally clayey sandstone. All properties of the reservoir are identical in all the sensitivity cases 

while the caprock lithologies within the basal transition zone are modelled with an equal fraction 

of thickness for each case. Sensitivity simulations conducted herein are listed in Table 5.3. 

Caprock lithology 

vG-MC pore size 

index, m (where 

m = 1 – 1/n) 

Intrinsic 

Permeability, 

K (mD) 

Residual 

brine 

saturation 

(Swr) 

Maximum 

relative 

permeability to 

CO2 (ko) 

Claystone 0.083 7.88 x 10-5 0.605 0.128 

Sandy Claystone 0.187 4.23 x 10-5 0.595 0.141 

Mudstone 0.237 1.72 x 10-5 0.569 0.175 

Siltstone 0.270 8.21 x 10-4 0.558 0.191 

Sandy Siltstone 0.291 5.37 x 10-4 0.492 0.287 

Clayey Sandstone 0.324 2.23 x 10-4 0.476 0.312 

Table 5.2: Heterogeneous properties of the caprock lithologies 

Case ID 

CAPROCK 

Extensive  

top unit (m) 

Basal 

transition unit 

(m) 

Lithology from the top to 

base 

BASE 200 0 Claystone 

CASE1_0.1m 199.9 0.1 
Claystone (Top unit) 

Sandy Claystone 

Mudstone 

Siltstone 

Sandy Siltstone 

Clayey Sandstone 

CASE1_1m 199 1 

CASE1_10m 190 10 

CASE1_20m 180 20 

CASE1_50m 150 50 

CASE2_0.1m 199.9 0.1 
Claystone (Top unit) 

Clayey Sandstone 

Sandy Siltstone 

Siltstone 

Mudstone 

Sandy Claystone 

CASE2_1m 199 1 

CASE2_10m 190 10 

CASE2_20m 180 20 

CASE2_50m 150 50 

CASE3_0.1m 199.9 0.1 
Claystone (Top unit) 

Sandy Claystone 

Mudstone 

Siltstone 

Sandy Siltstone 

Clayey Sandstone 

CASE3_1m 199 1 

CASE3_10m 190 10 
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CASE3_20m 180 20 
Sandy Siltstone 

Siltstone 

Mudstone 

Sandy Claystone 

Claystone 
CASE3_50m 150 50 

CASE4_0.1m 199.9 0.1 
Claystone (Top unit) 

Sandy Siltstone 

Siltstone 

Mudstone 

Sandy Claystone 

Claystone 

Sandy Claystone 

Mudstone 

Siltstone 

Sandy Siltstone 

Clayey Sandstone 

CASE4_1m 199 1 

CASE4_10m 190 10 

CASE4_20m 180 20 

CASE4_50m 150 50 

Table 5.3: Description of the primary sensitivity simulations conducted in the study. NB: The 

lithologies at the basal transition interface of cases1-4 have an equal fraction of thickness. 

 

Figure 5.2: kr – S tables used in the study 
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5.4 Results and discussion 

In order to compare the pressure profile for a caprock with a basal transition zone and one without, 

numerical simulations of CO2 injection into an underlying homogenous aquifer are initiated within 

closed and open boundary conditions. Modelling of the closed and open systems entail no-flow 

conditions and flow conditions at the 6 km lateral boundary, respectively.  Simulations are run 

within two different scenarios; the first defines sedimentary heterogeneities in the basal transition 

zone of the caprock using relative and intrinsic permeability values, herein identified as “K + kr”, 

while the second defines heterogeneity using only intrinsic permeability values, herein identified 

as “only K”. This is done to compare the influence of parametric representation of heterogeneity 

on the predictive analysis of caprock pressurisation during CO2 storage.  

The results are analysed below: 

5.4.1 Closed system 

The CO2 saturations within the reservoir for all the sensitivity cases of the model are practically 

identical and presented in Figure 5.3:  

 

Figure 5.3: CO2 distribution at the end of the 20-year injection period for all sensitivity cases 

The absence of geological barriers to vertical flow within the aquifer enhances an upward 

migration of the buoyant plume to the top of the aquifer. Here the rising plume is restricted by the 

impervious caprock and spreads out laterally beneath the caprock. scCO2 injection in the reservoir 

induces fluid pressure that increases monotonically with time (Figure 5.4). The results show a 

decline in the injection rate from approximately the 11th year of CO2 injection as the pore fluid 

pressure reaches the well control pressure. The rate of gas injection in the aquifer is the same 

and constant for all cases pre-decline. This is predictable since all cases possess the same 

aquifer properties. However, the post-decline of the injection rate shows a negligible difference in 
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curvature among the following set of cases: (BASE; CASE3_50m; CASES with transition zone 

thickness of 0.1m & 1m), and (CASE1_10m, 20m; CASE2_10m, 20m, 50m; CASE3_10m, 20m; 

CASE4_10m, 20m), which is highlighted by the representative cases: BASE and CASE1_20m, 

respectively (Figure5.4b).  

The variability in injection rate results from varying permeabilities at the base of the caprock which 

could enhance or diminish fluid flow through the porous matrix as the injected gas migrates to the 

top of the reservoir. The degree to which these cases enhance the cumulative injection of CO2 

within simulated parameters is shown in Figure 5.4a. However, an indistinguishable 

pressurisation profile is observed within Region 2 for all the cases (Figure 5.4c), suggesting the 

irrelevance of caprock heterogeneities on aquifer pressurisation during CO2 injection. 

 

Figure 5.4: Plots showing a) cumulative CO2 injected at the end of 20-year simulation, b) 

representative curves for CO2 injection profile in the aquifer, and c) representative curve for 

pressure change in Region 2 for scenarios modelled with CLOSED boundary conditions. 

5.4.1.1 Pressure evolution in the caprock 

Overpressure (i.e. the change in pore pressure) occurs in the caprock formation due to the 

coupled hydromechanical effect that occurs during CO2 injection into the underlying aquifer, 

resulting in the vertical displacement of overpressure from the storage formation to the seal 

formation (Niemi et al. 2017). Unlike the pore fluid pressure profile in Region 2 (Figure 5.4c), the 

increment of pore pressure in Region 1 over the injection period is not the same for all cases 
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modelled. Pressure propagation in Region 1 is, however, slower than in Region 2 due to the 

contrast in permeability between the two formations.  

The magnitude of overpressure reported in Region 1 for each description of sedimentary 

heterogeneities, i.e. “K + kr” and “only K”, show higher values for cases with defined heterogeneity 

in intrinsic permeability (K) and relative permeability (kr) functions (Figure 5.5). This suggests a 

misrepresentation of heterogeneity in flow models when it is simply described by static 

petrophysical properties, such as porosity and permeability.  

 

Figure 5.5: Average pressure in Region 1 at the 20th year of injection for caprock 

heterogeneities represented by a) K + kr, b) only K, and (c) change in pressure for both 

scenarios. 

Numerical output of pressure data in Region 1 for both scenarios is observed to have a wider 

range for peak pressure values in CASES 1 & 4 from the BASE case, in comparison to CASES 2 

& 3. This is largely attributed to the sequence and width of coarser or finer lithologies at the lowest 

part of the transitional interface. This study refers to this phenomenon as the “stacked-width” i.e. 

the total thickness of coarse- or fine- textured strata occurring sequentially at the base of the 

caprock. The stacked-width for each case is shown in Table 5.4. A comparison of the average 

pressure in Region 1 for all cases, based on the stacked-width at the lowest part of the transitional 

interface, suggests that the type and width of stratum at the lowest part in caprock formation will 

dictate the rate of pressure diffusion into the sealing formation. 
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CASE Transition zone 
thickness (m) 

Stacked-width 

Thickness (m) Description 

1 

0.1 0.06 

Coarser strata 

1 0.6 

10 6 

20 12 

50 30 

4 

0.1 0.03 

1 0.3 

10 3 

20 6 

50 15 

2 

0.1 0.04 

Finer strata 

1 0.4 

10 4 

20 8 

50 20 

3 

0.1 0.03 

1 0.3 

10 3 

20 6 

50 15 

Table 5.4: Stacked-width for coarser- or finer- strata for each case 

In Figure 5.5 we see a corresponding trend between the degree of pressure propagation into the 

caprock and the stacked-width in both “K + kr” and “only K” scenarios, with higher values 

highlighted for coarser stacked-widths. The influence of “stacked-width” is further illustrated in 

Figure 5.6, which describes pressure propagation along the caprock, at a reference depth of 990 

m (i.e. 10 m above the reservoir-seal interface). This show that an increase in the stacked-width 

of coarser caprock lithologies, i.e. clayey sandstone, sandy siltstone and siltstone, has a direct 

influence on the magnitude of pressure that diffuses from the aquifer into the first few metres of 

the overlying caprock. In both scenarios, i.e. “K + kr” and “only K”, the pressure profile along the 

reference depth (i.e. -990 m) is commensurate in magnitude for caprock showing normal 

gradation (i.e. CASE 1 & 4) within 0.1m- and 1m-thick transition zones. Pressure curves for both 

cases become discernible within transition zones ≥ 10m.  
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Figure 5.6: Pressure profile along the caprock (depth = 990 m) of a CLOSED-system for varying 

transition zone thickness in caprock heterogeneities represented by “K + kr” and “only K” 
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The pressure profiles within the injection zone (i.e. r ≤ 500 m) for both cases differ distinctively 

from a caprock with no basal transition zone (i.e. BASE case). Magnitudes of pressure for CASE 

1 & 4 are also higher than CASE 2 & 3 (i.e. caprocks showing reverse gradation) within the 

injection zone for all transition zones depicted. This demonstrates the capacity to which normal 

gradation at the base of the caprock influences the pressure character during gas injection, 

indicating the precedence of normal grading effects over inverse grading effects on pressure 

propagation. The reverse gradation at the base of the caprock (CASE 2 & 3) also show pressure 

profiles within the injection zone that differ from the BASE curve. These pressure curves, 

however, tend to converge towards the BASE curve more readily for “only K” scenarios than for 

“K + kr” scenarios. Consequently, the exclusion of relative permeability heterogeneities during 

such modelling exercise could easily give the notion that reverse gradation in the transition zone 

has negligible effects on caprock pressurisation in comparison to the absence of a basal transition 

zone. This further emphasises the significance of relative permeability functions in reservoir 

simulations. Over the 20-year scCO2 injection period, the modelling exercise indicates that the 

average pressure along the reference depth (i.e. -990 m) is lower in the region overlying the 

injection zone (i.e. r ≤ 500 m) for individual cases in “K + kr” and “only K” scenarios. Corresponding 

pressure profile for each case peaks at about 2000 m from the injection well and maintains an 

approximately constant value beyond this range along the reference depth in the caprock. This 

trend is attributed to the column height of the CO2 plume accumulating in the underlying aquifer, 

which serves as an inhibiting factor to pressure diffusion into the overlying caprock in the closed 

system (Figure 5.7): 

 

Figure 5.7: 2D visualisation of the BASE case at the end of the 20-year gas injection showing 

(a) pressure distribution in the caprock, (b) average pressure in the aquifer, and (c) CO2 

saturation in the aquifer. 
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In analysing caprock integrity for such hydraulic systems, the caprock above the plume is a critical 

zone for shear failure (Vilarrasa 2014). Figure 5.6 and 5.7 show the leading edge of CO2 plume 

in the aquifer coincides with the maximum values for fluid pore pressure along the reference depth 

in the overlying caprock formation. Qualitatively, the height of continous CO2 plume in contact 

with the reservoir-seal interface vary inversely with overpressure at the lower part of the caprock. 

In other words, the thickness of a bouyant CO2 plume in contact with the caprock’s base serves 

to abate any pressure diffusion into the overlying caprock. This suggests that CO2 injection in 

such a closed-system will inadvertently enhance the caprock integrity, specifically at the injection 

region of the caprock’s basal stratum/strata (which is equivalent to Region 1 in this study). The 

observation that Region 1 is less susceptible to shear failure during injection-induced 

pressurisation of the caprock can be explained by Figure 5.8: 

 

Figure 5.8: Volumetric brine flow vectors at the 20th year of gas injection in the CLOSED-
system. N.B.: Colour scale is the relative flow rate where 1 is the highest and 0 is the lowest. 

Arrows are fitted to the grid cells, resulting in reduced visibility in smaller grid cells located 
between 0 and 2000m. 

Figure 5.8 illustrates brine flow vectors in the modelled domain of a closed system at the end of 

the injection period. Here, lateral brine flow is restricted at the 6km boundary of the domain 

resulting in the cycling of brine within the aquifer. This cycling is dominated by buoyancy effects 

towards the 6km lateral boundary, and gravity effects on the near end of the model close to the 

injection well. These accounts for higher pore pressures portrayed on the right half of plots in 

Figure 5.6. Nevertheless, transitional strata at the lower part of the caprock show varying effects 

on the magnitude of pressure that bleeds into the caprock as detailed in Section 5.4.1.2. Dueto 

these observations, the next section only examines results for “K + kr” scenario. 

5.4.1.2 Effects of basal transition zone on overpressure in the caprock 

For the 0.1 m-thick transition zone the contrast in Region 1’s overpressure between cases with 

graded and non-graded strata show values no greater than 0.8 MPa for the former (i.e. CASE 1 

– 4) over the latter (i.e. BASE case). This indicates that a transition zone of 0.1 m thickness has 
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a minimal effect on pressure change in the injection zone at the base of the caprock. As the 

transition zone thickens, the contrast in overpressure between the BASE and the cases showing 

normal gradation (i.e. CASE 1 and 4) also increases (Figure 5.9). For cases that show reverse 

gradation, CASE 2 attains maximum overpressure values for the 1 m-thick transition zones and 

maintains this constant pressure profile within thicker transition zones. CASE 3 shows slight 

deviation from the BASE’s pressure curve in transition zones ≤ 1 m and converges to the BASE 

curve for transition zones ≥ 10 m.  

 

Figure 5.9: Overpressure in Region 1 for cases with graded beds in a) 0.1 m-, b) 1 m-, c) 10 m-, 

d) 20 m-, and e) 50 m-thick transition zone. 

The equivalent pressure profiles for BASE and CASE 3 indicate that the strata within 1 m of the 

caprock’s base are very important in analysing the structural integrity of caprock during CO2 

sequestration. Recall that in CASE 3 there are ten graded beds that transition from the most 

compact caprock stratum (i.e. claystone) at the base, unlike CASE 2 where five graded beds 

transition from the sandy claystone (Table 5.3). During the fluid injection, the least permeable 1m-
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thick claystone at the base of the caprock is crucial in mitigating the vertical displacement of fluid 

that would have otherwise occur in a more permeable stratum at the caprock’s base. 

Results portrayed in Section 5.4.1 indicate that the type, orientation, and thickness of strata at the 

lower part of the caprock play a major role in the measure of overpressure within this critical zone. 

The degree to which these strata affect pressure evolution within the entire formation hinges on 

their flow characteristics, as duly represented by kr functions. Figure 5.9 implies that pressure 

evolving from the aquifer permeates the first 0.1 m of the most compact sealing lithology before 

the well control pressure is reached (Section 5.4.1) and will progressively increase if and when it 

vertically propagates through less compact layers. CASE 2 suggests that compact sandy 

claystone is more effective at a thickness ≥ 2m.  

CASE 1 & 4 show greater deviation from the BASE’s overpressure profile in comparison to their 

inverse counterparts. This is due to the ease of pressure communication through the least 

compact clayey sandstone situated at the base of the transition zone, resulting in higher 

overpressure in CASE 1 where the least compact layer is thicker than that in CASE 4.  

5.4.2 Open system 

Here the lateral boundary at 6km is open for fluids to escape the model domain. Simulation results 

show CO2 saturation, gas injection rate, and pressure profile in the aquifer to be also almost 

identical (Figure 5.10). Unlike the closed system, there is no decline in injection rate due to 

pressure communication beyond the 6 km boundary. This accounts for the decline in 

overpressure within Region 2 after an initial increase at the onset of gas injection (Figure 5.10b), 

and corresponds to the aquifer connectivity for lateral brine migration beyond the 6 km boundary 

portrayed in Figure 5.11. 

 

Figure 5.10: Representative curve(s) for a) CO2 injection rate, b) Change in pore pressure within 

Region 2, for cases modelled with OPEN boundary conditions 
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Figure 5.11: Volumetric brine flow vectors at the 20th year of gas injection in the OPEN-system. 

N.B.: Colour scale is the relative flow rate where 1 is the highest and 0 is the lowest. Arrows are 

fitted to the grid cells, resulting in reduced visibility in smaller grid cells located between 0 and 

2000m. 

Pressure also builds-up in the caprock of the open system as a response to CO2 injection in the 

underlying aquifer. However, the aquifer connectivity and vast pressure communication beyond 

the 6 km lateral boundary results in considerably smaller magnitude of brine flow and hence 

pressure diffusion into the caprock of the open system. This also explains why the pressure 

profiles for all cases along -990 m in “K + kr” and “only K” scenarios are identical (Figure 5.12). 

Pressurisation at the reference depth corresponds to the degree of fluid expansion within the 

restricted pore space, which is higher for coarser strata than finer ones. Thus, the presence of a 

transition zone will have varying effects on pressure propagation, regardless of the boundary 

conditions. 

Figure 5.12 shows that for all cases modelled in an open aquifer, the injection zone at the base 

of the caprock is critical for integrity, which is as expected for scCO2 injection scenarios. The 

pressure diffusion into the caprock is supported by the vertical continuity of migrating CO2 plume 

in contact with the reservoir/seal interface (Figure 5.13). This contradicts the trend seen in the 

closed system and is attributed to the overall flow dynamics as seen in Figure 5.11, which 

enhances the vertical displacement of brine at the injection zone. 



 

96 
 

 

Figure 5.12: Pressure profile along the caprock (depth = 990 m) of an OPEN-system for varying 

transition zone thickness in caprock heterogeneities represented by “K + kr” and “only K”. 
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Figure 5.13: 2D visualisation of the Base case at the end of the 20-year injection showing (a) 

pressure distribution in the caprock, (b) average pressure in the aquifer, and (c) CO2 saturation 

in the aquifer. 

5.4.3 Open vs Closed system 

The presence of a basal transition zone in the caprock is seen to have varying effects on 

pressurisation in the caprock within closed and open systems. Overpressure in the caprock is, 

however, higher for closed systems due to restricted brine flow beyond the lateral edge of the 

model. This is because brine, which serves as a conduit for pressure migration, is pushed up into 

the caprock at a higher degree for closed systems. Pressure change in the caprock will usually 

occur in the lower part of the seal. Figure 5.14 shows the impact of a laterally continuous transition 

zone showing normal gradation on the height to which overpressure occurs in the injection zone 

at the lower part of the caprock. This reinforces the argument that such occurrence may 

undermine the structural integrity of the caprock during CO2 sequestration. The presence of a 

transition zone showing gradational changes can also increase the CO2 storage capacity of the 

formation. At the end of the 20-year injection period, CO2 migrates into the caprock and fills the 

interstices between pores of the rock grains. 

Based on dynamic material-balance computation by the simulation software, results indicate that 

the magnitude of pressure change in the caprock is directly related to the quantity of free CO2 

within the caprock (Figure 5.15). This is because the hydraulic system in a storage formation is 

limited by the compression of fluid in the modelled domain, hence the available volume for storage 

of CO2 in the caprock is provided by the expansion of the formation in response to injection 

pressure. This storage capacity is dependent on the sustainable pressure build-up that a given 

formation seal system can tolerate without geomechanical degradation. This would suggest that 

for confined reservoirs that show gradation in the sealing formation, higher overpressure within 
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the limit of the fracture pressure in the transition zone will lead to further compression of the fluid, 

resulting in higher storage capacity of the porous media in comparison to open reservoirs. In 

numerical simulations, this assertion is mostly applicable for gradational changes that are duly 

accounted for by kr functions in the reservoir model. 

 

Figure 5.14: Pressure distribution in the caprock between the injection well and 1000m in a) all 

cases before CO2 injection, and b) the BASE case, c) CASE1_10m, d) CASE1_20m, e) 

CASE1_50m at the end of CO2 injection. 

 

Figure 5.15: Comparison of simulated outputs in the caprock of the CLOSED- and OPEN-

system for a) overpressure, and b) quantity of CO2 in free form. 
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To check the applicability of the pressure profile for closed systems confined at 6km boundary 

(Figure 5.7) to systems with lateral boundaries beyond 6 km, numerical simulations are conducted 

for a representative example of 1m-thick basal transition zone in modelled domains with radial 

boundaries of 10 km, 25 km, 50 km, and 100 km (Figure 5.16). The results illustrate that closed 

boundaries ≤ 10 km tend to support the pressurisation regime described in Section 5.4.1.1 while 

those at distances ≥ 25 km describe pressure profiles similar to open flow systems. This can be 

attributed to the considerably larger pore volume now available for brine flow within lateral 

boundaries beyond 25 km. Regardless of boundary conditions, transitional strata at the base of a 

caprock show pressure profiles for the seal that differ from those without a basal transition zone. 

 

Figure 5.16: Pressure profile along the caprock (depth = 990 m) for 1m-thick transition zone in 

radial domains modelled with no flow conditions at a) 6 km, b) at 10 km, c) 25 km, d) 50 km, e) 

100 km, and flow conditions at f) 6 km from the injection well. 
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5.5 Summary and conclusion 

The goal of this modelling study was to explore how a basal transition zone in a sealing formation 

will affect CO2 sequestration, using relative permeability functions to describe various lithologies 

within the model. Multi-phase flow characteristics for different siliciclastic lithologies were obtained 

using the pore size distribution index to compute constitutive models for the Pc – kr – Sw 

relationship. This study used the information on pressure distribution within the sealing formation 

to highlight the impact of gradational changes in the caprock’s base on its structural integrity and 

storage capacity. The magnitude of pressure distribution was determined through numerical 

simulation of the multiphase flow and multicomponent transport of CO2 and brine in a hypothetical 

saline aquifer. An inference from the results is that the presence of a basal transition zone, with 

a thickness that transverses the region where overpressure is expected to occur in the caprock, 

is significant for storage capacity estimation as well as failure analysis. These results emphasise 

the relevance of relative permeability functions in reservoir simulations, as well as the impact of 

representing varying flow characteristics resulting from gradational changes, should they occur, 

on a subsequent geomechanical analysis.  

Injection overpressure only affects the first few metres of the lower part of the whole caprock. 

Consequently, the presence of gradational changes at the base of the seal may allow more 

pressure bleed-off into the caprock. This pressure build-up in excess of the initial hydrostatic 

pressure will cause a higher loading at the critical zone for seals with a basal transition unit than 

those without. Hence, the additional stress change at the base of the seal, which will otherwise 

be unaccounted for in a caprock without a basal transition unit, could lead to rock failure (Orlic et 

al. 2011). However, based on the magnitude of pressure change observed from the simulations, 

it is not possible to come to a general conclusion concerning the influence of the transition zone 

on caprock integrity. Nevertheless, the additional stress change observed at the critical zone will 

need to be taken into consideration during hydromechanical analysis. Additionally, the pressure 

build-up resulting from CO2 injection in porous geological media changes the stress field and 

induces an expansion of the media. As such, the appropriate representation of flow characteristics 

in modelled lithologies is vital in evaluating the dynamic storage capacity of CO2. This highlights 

the need for adequate representation of small-scale geological heterogeneities in large-scale CO2 

sequestration modelling. The next chapter applies the Pc – kr – Sw relationship in investigating the 

impact of sedimentary heterogeneities resulting from thin shale baffles and high permeability 

channels in the reservoir unit on the analysis of dynamic modelling. 
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Chapter

 6
§

 
 

Influence of argillite baffles on the flow properties of 

storage units 

Predicting CO2 plume migration is an important aspect for CCS and sedimentary heterogeneities 

such as interbedded argillite (fine-grained sedimentary rock composed predominantly of 

indurated clay particles) in the storage unit can control the buoyant migration of CO2. This chapter 

documents a Darcy flow modelling approach to investigate different aspects of CO2 drainage in a 

sandstone formation with interbedded argillaceous (i.e. mudstone) units. The numerical 

simulation is based on the Sleipner Gas Field storage unit where several thin argillite layers occur 

within the sandstone of the Utsira Formation. With respect to forward modelling simulations that 

have used Sleipner Formation as a case study, it is noted that previous attempts to numerically 

calibrate the CO2 plume migration to time-lapse seismic dataset using software governed by 

Darcy flow physics achieved poor results. This study does not try to history-match the spatial 

distribution of gravity currents, i.e. the flow of a density-driven invading fluid through porous media 

at Sleipner’s Utsira Formation, but rather presents the effect of modelling heterogeneities in the 

dynamic flow properties, when describing sedimentary heterogeneity in the rock fabric, on 

subsequent Darcy flow analysis. CO2-brine buoyant displacement pattern is simulated using the 

ECLIPSE ‘black oil’ simulator within a two-dimensional (2D) axisymmetric geometry and a three-

dimensional (3D) Cartesian coordinate system. This investigation focused on two key parameters 

affecting CO2 migration mobility, namely relative permeability and capillary forces. Examination 

of these parameters indicate that there is a scope for a revision of the basic premise for modelling 

flow properties in the interbedded mudstones and the top sand wedge at the Sleipner Field when 

using Darcy flow simulators. 

                                                           
§ The content of this chapter has been extracted from the following paper: 

Onoja, M.U., and Shariatipour, S.M. (2019) Assessing the impact of relative permeability and capillary 
heterogeneity on Darcy flow modelling of CO2 storage in Utsira Formation. Greenhouse Gases: Science 
and Technology. https://doi.org/10.1002/ghg.1932 

The candidate set the scientific scope of the work, devised and developed the methodology, performed all 
data analysis and wrote the text. The co-author provided guidance during the design of this part of the project 
and feedback on the manuscript. 

Minor adaptations have been performed to streamline the layout of the thesis 
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6.1 Introduction 

The presence of high permeability channels, herein referred to as ‘thief zones’, and mudstone 

baffles can result from sedimentological processes such as variation in grain size and sorting 

(Honarpour et al. 1990). Such heterogeneities are a source of uncertainty in plume migration as 

they influence fluid flow paths and the position of flow units within the storage formation. Bear 

(1972) defined the concept of flow unit as the representative elementary volume (REV) or 

mappable portion of the reservoir which possess analogous petrophysical properties that affect 

fluid flow and differ from other sections of the reservoir rock volume. The accurate characterisation 

of flow units in a reservoir formation helps to reduce the uncertainty in CO2 sequestration and oil 

production forecast (Al-Menhali et al. 2014, Haldorsen and Damsleth 1993). A typical reservoir 

rock with mudstone intervals contains varying amount of clay minerals (Fertl and Chilingarian 

1990), which can result in different flow units for CO2 storage. The Paluxy Formation in Alabama, 

Mississippi (Koperna et al. 2017) and the Utsira Formation in the Norwegian North Sea (Arts et 

al. 2004) are good examples of sandstones with interbedded mudstones.  

The Utsira Formation is a saline aquifer that lies at a depth of 800 m below sea level (mbsl) and 

is 200 – 300m thick in the Sleipner area. It is overlain by 50 – 100m thick ‘shale’ of the Nordland 

Group acting as the primary reservoir caprock and underlain by the Hordaland Group (Figure 6.1). 

Geophysical well logs acquired around the Sleipner area show laterally extensive thin beds of 

argillite within the Utsira Formation, about 1 – 1.5 m thick, and a 5 – 6.5 m thick argillaceous layer 

separating an eastward thickening sand body, commonly referred to as the ‘sand wedge’, from 

the underlying Utsira Sand (Zweigel et al. 2004). These interbedded mudstone layers are 

characterised by spikes of higher gamma readings that are similar to those of the overlying 

Nordland Shale. The Utsira Sand is mostly unconsolidated and largely uncemented with no 

evidence of faults. It has an average porosity of 36% and a permeability range from 1000 and 

8000 mD (Zweigel et al. 2004).  

CO2 injection began in the Sleipner reservoir unit in 1996 at an average annual rate of 1 Mt. A 

time-lapse monitoring programme was initiated in 1994 to monitor the migration and dispersal of 

the CO2 plume. Interpretations of the seismic reflection surveys show that by 1999, three years 

after injection commenced, the Sleipner CO2 plume had breached the mudstone barriers within 

the Utsira Sand and ascended from the injection point to the reservoir-caprock interface via nine 

reflective layers (Figure 6.2). In Figure 6.2a, the vertical zones within the plume, annotated by C, 

are interpreted as the main conduit for CO2 upward migrated and referred to as chimneys 

(Chadwick, R.A. et al. 2004). Of all nine layers, the top layer is imaged most clearly by the seismic 

surveys. This top layer of CO2 accumulation is the sand wedge (Figure 6.1b) and it is regarded 

as the main determinant of storage integrity in the medium to longer term (Chadwick and Noy 

2010). A north-trending linear propagation of the layer is particularly prominent and corresponds 

to CO2 migrating northwards along a linear ridge at the reservoir top (Figure 6.3).  
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Figure 6.1. a) Isopach map of the Utsira Sand showing the Sleipner injection point and two 
surround wells and b) representative geophysical well logs showing the Utsira Sand characterised 
by generally low gamma-ray and low resistivity values. [Adapted from Chadwick et al. (2005)]. 

The nature of the CO2 supply to the sand wedge and the distribution of CO2 plume within it 

depends on the transport properties of Utsira mudstones and the sand wedge, respectively. 

Explanations for the observed growth of the CO2 plume in the topmost layer include:  

a) the unlikelihood that CO2 migration through the mudstones is entirely governed by visco-

capillary Darcy flow but rather via some form of pathway flow (Harrington et al. 2009), 

and 

b) the presence of high permeability channels within this layer with a preferential north-south 

flow direction (see Figure 6.4). 

Suggestions on the origin of pathway flow include faulting or minor collapse induced by fluidisation 

within the main feeder chimney identified in Figure 6.2a (Hermanrud et al. 2007), and the 

presence of ‘holes’ in the Utsira mudstones possibly due to erosion or sand mobilisation (Zweigel 

et al. 2004). Regardless of the origin of these pathways, the flow property of the mudstones plays 

a vital role in moderating the upward migration rate of the CO2 plume (Boait et al. 2011). For 

instance, the relative permeability to CO2 in the mudstone baffles is likely to increase as they 

become more saturated with CO2 (Chadwick and Noy 2010). The influence of channelling in the 

top sand wedge on the CO2 plume migration has been investigated by Williams and Chadwick 

(2017), Cowton et al. (2018) and Hodneland et al. (2019) through the effects of permeability 

heterogeneity, plume temperature, and concentration of impurities. This approach yielded a better 

match between the observed and calculated CO2-water contact (CWC) for most of the sand 

wedge but failed to match the observed migration rate of CO2 along the prominent northern ridge. 
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Figure 6.2: a) Time-lapse seismic images of the CO2 plume N-S inline through 1994 (prior to 

injection), 1999 and 2001 datasets with C denoting the main chimney and the solid circle depicting 

the injection point. b) Absolute amplitude maps of the interpreted layers showing plume 

development in the 1999 and 2001 seismic surveys. Black disc denotes injection point. [Adapted 

from Chadwick et al. (2005)]. 

 

Figure 6.3: The mapped distribution of CO2 in the uppermost layer beneath the caprock (Layer 9) 

as interpreted from 4D time-lapse seismic. [Source: Cowton et al. (2016)] 
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Figure 6.4: Shaded isochore map (ms) of the top sand-wedge from seismic mapping. Cold colours 

denote thicker reservoir (channels) with the blue and red arrows show individual channels. Warm 

colours highlight thinning in the reservoir above mud diapirs. The red polygon outlines a 20 ms 

isochore. The white polygon delineates the margins of the topmost CO2 layer in 2010. The dotted 

line shows the location of the seismic section. [Source: Williams and Chadwick (2017)] 

The seismic time-lapse datasets have been applied using various simulation approaches to 

assess uncertainties that exist and approximate history match at the Sleipner storage formation 

(Cavanagh and Haszeldine 2014, Boait et al. 2011, Singh et al. 2010, Bickle et al. 2007). These 

include the pressure performance (Chadwick et al. 2012), the reactive transport in Layer 9 (Zhang 

et al. 2017, Gaus et al. 2005), and a greater emphasis on the quantification of CO2 plume (White 

et al. 2018, Dupuy et al. 2017, Cowton et al. 2016, Ghosh et al. 2015, Chadwick and Noy 2015, 

Romdhane et al. 2014). Zhu et al.’s (2015) history matching of CO2 plume migration in the Utsira 

Formation, through simulating sensitivity on pressure, temperature, intrinsic permeability, relative 

permeability curves, feeders, spill rates and methane (CH4) content in the CO2 stream, concluded 

that the CO2 plume extent is only sensitive to permeability anisotropy, temperature and CH4 

content.  However, the concept of relative permeability sensitivity was not elaborated on in the 

text and requires further clarification. Additionally, the lack of sensitivity to relative permeability as 

established in Singh et al. (2010) was based on a steady-state upscaling of kr – Sw  curves using 

the viscous-limit assumption. The term ‘viscous-limit’ is used to describe viscous-dominated 

displacements where fluids are transported in response to an applied external force i.e. the 

viscous force. The magnitude of the viscous force is mainly dependent on the pressure gradient 

and the fluid viscosities, and not the fluid and rock interactions i.e. capillary forces. Consequently, 

this chapter investigates the sensitivity of CO2 plume to relative permeability based on the 

capillary-limit assumption. This process employs the establishment of casual relationships 
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between the pore-size parameter and the Pc – kr – Sw curves to characterise the dynamic flow 

state of interbedded mudstone units and high permeability sand channels in a reservoir formation. 

To this end, the current study is especially interested in two key performance measures:  

i) How the Pc – kr – Sw functions of the intra-sand mudstones influence the maximum 

vertical migration distance of CO2 from the injection point to the top of the reservoir, and 

ii) How the kr – Sw functions within ‘thief zones’ in the sand wedge influence the plume 

footprint area. 

The flow simulations presented in this study are based around the time-lapse seismic monitoring 

programme at the Sleipner Field. This is to enable the exploration of the performance measures 

stated above in the numerical simulation of CO2 injection in a sandstone aquifer interbedded with 

laterally continuous mudstones. It is important to stress that this study does not attempt to 

reproduce observed fluxes of CO2 plume derived from the seismic data but to investigate the 

impact of capillary-limit relative permeability curves in the interbedded mudstone and high 

permeability sand channels on the growth of CO2 plume. 

6.2 Numerical flow simulation 

The flow simulations employ two modelling scenarios to review and analyse the performance 

measures identified in the preceding section. The first case study simulates the Darcy flow of CO2 

through saturated porous media using an axisymmetric model (Section 6.2.1) while the second 

case study investigates the temporal evolution of the topmost CO2 layer in three-dimensions using 

the Sleipner Benchmark model of the topmost reservoir layer or ‘sand wedge’ (Section 6.2.2).  

6.2.1 First Case Study 

An ECLIPSE100 flow model using a radial axisymmetric mesh that incorporates the properties of 

the Utsira Formation is used to simulate the growth of CO2 plume. The model is kept relatively 

simple to allow multiple model scenarios to be run within a reasonable computation time. The 

outer boundary of the model is set at radius of 6 km to accommodate the lateral spread of the 

CO2 plume during the injection period. Horizontally, cell dimensions start at 2.5 m at the axis 

expanding to 5 m between radial distances of 100 m and 200 m, 10 m between 200 m and 400 

m, 20 m between 400 m and 800 m, 30 m between 800 m and 1500 m with further expansion 

thereafter reaching 50 m at the outer boundary. The modelled reservoir domain is 220 m thick 

and contains seven thin mudstones which should allow up to eight spreading layers of CO2. The 

vertical spacing of the mudstones match the estimated spacing between the mapped reflections 

(Haukaas et al. 2013) and are described in Figure 6.5. Capillary Pressure – Relative Permeability 

– Wetting Saturation (Pc – kr – Sw) relations (Figure 6.6) are computed using the van Genuchten-

Mualem-Corey (vG-MC) function described in Chapter 3. Assumptions for the reservoir sand 

include an average permeability and porosity of 2000 mD and 0.36, respectively; and Pc – kr – Sw 

relations based on a capillary entry pressure [Pe] of 0.00172 MPa, a residual wetting saturation 

[Swr] of 0.3, and a pore geometry parameter [n] of 2.28. 
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Figure 6.5: Schematic description of the model geometry in the r-z cross section showing the 
reservoir zones [RS1 – RS8] and the interbedded mudstone layers [MS1 – MS7] as well as their 
thicknesses in bracket. Not to scale.  

 
Figure 6.6: Pc – kr – Sw relationship for the reservoir sand 

In the modelled domain a single vertical injection well is located at r = 0 with CO2 injection at an 

annual rate of 1 million tonnes for twenty years. The injection rate applied herein is based on the 

average injection rate at the onset of CO2 injection in the Sleipner Field (Chadwick et al. 2005). 

Two flow scenarios are modelled in the numerical flow simulation. At the outset, CO2 migration 

through the mudstones is inferred to occur by viscous-dominated Darcy flow along discrete 

pathways. These pathways are assumed to originate at r = 0 of each intra-sand mudstones with 

a constant aperture of 2.5 m. This was adopted as the only position for holes in the thin shale 

layers since previous research by Cavanagh and Haszeldine (2014) confirmed that the CO2 

stacked layers are insensitive to variations in the precise position of holes in the shale layers. It 

is noted that the viscous force usually dominates the displacement process at the field scale and 

its magnitude is dependent on the applied pressure gradient (i.e. externally applied force) and the 
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fluid viscosities (Odsæter et al. 2015). The second scenario assumes CO2 migration through the 

mudstones is strictly by capillary-dominated Darcy flow. Capillary forces dominate the 

displacement process in the pore scale. Breakthrough pressures and Pc – Sw curves for porous 

media manifest the capillary forces at the interface between CO2 and brine in the pore throats of 

the porous media. The sensitivity analysis of both scenarios is expected to provide insights into 

the buoyant migration of supercritical CO2 across low permeability mudstone baffles and barriers 

within a sandstone reservoir. 

6.2.1.1 Pathway flow analysis 

Initial flow properties of the mudstones are based upon a capillary entry pressure of 1.72 MPa for 

the Nordland Shale (Harrington et al. 2009). The permeability of intra-sand mudstones are 

considered to be ultra-low with an intrinsic permeability value of 0.001 mD and a porosity of 0.35, 

after the Nordland Group caprock. The Pc – kr – Sw function of the thin mudstones is computed 

using a pore geometry parameter [n] of 1.41 and a residual wetting saturation [Sw] of 0.605. 

Pathways in the interbedded mudstones are represented by either increased permeability values, 

Pc – kr – Sw functions for the reservoir sand, or both in some cases.  

Flow simulation indicates that the injected supercritical CO2 (scCO2) ascends due to the gravity 

segregation resulting from the density contrast between the invading gas and in situ brine. The 

flow properties of each reservoir are constant with an average permeability of 2000 mD, which 

implies that capillary forces within the sand units are not an issue for the mobility of the plume. 

However, in the presence of intra-sand argillite units, as is the case here, if the capillary pressure 

[Pc] of the invading fluid does not exceed the entry pressure of the thin mudstone layer the fluid 

will pond beneath the capillary barrier and migrate laterally along its topography until a spill-point 

or an opening for vertical migration is reached. The assumption of vertically aligned pathways in 

the mudstone layers invariably serves as a conduit for viscous-driven Darcy flow to produce a 

multi-layered CO2 plume in the reservoir formation (see Chadwick et al. 2006, and Hermanrud et 

al. 2009). In the first instance, the sensitivity cases described in Table 6.1 highlights the sensitivity 

of the CO2 plume contact area to the flow properties of these pathways. A qualitative insight into 

the plume dynamics is provided through two distinctive elements: the vertical migration of the 

plume, where the mobility of the gas through each sand layer is mainly a function of the pathway’s 

flow properties, and the amount of free gas within layers of reservoir sand at the end of simulation.  

CASE ID Description 

P0 - Presence of capillary forces in the intra-sand mudstones. 

- Pathway in the mudstones based on intrinsic permeability value of 70 mD 

and Pc – kr – Sw function for reservoir sand (where the capillary pressure, 

Pe, is 1.72 KPa, the residual wetting saturation, Sw, is 0.3 and pore 

geometry parameter, n, is 2.28). 

P1 - Presence of capillary forces in the intra-sand mudstones. 

- Pathway based on only intrinsic permeability value of 70 mD. 
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P2 - Absence of capillary forces in the intra-sand mudstones. 

- Pathway based on intrinsic permeability value of 70 mD. 

P3 - Absence of capillary forces in the intra-sand mudstones. 

- Pathway based on intrinsic permeability value of 70 mD and kr – Sw 

function for reservoir sand, where Pc = 0. 

P4 - Presence of capillary forces in the intra-sand mudstones. 

- Pathway based on only Pc – kr – Sw function for reservoir sand. 

P5 - Presence of capillary forces in the intra-sand mudstones. 

- No pathway. Flow properties of thin argillites are the same as the caprock. 

Table 6.1: Description of cases modelled for pathway flow analysis 

In Figure 6.7, a comparison of the sensitivity cases in pairs, i.e. P0 vs P1, P2 vs P3, and P4 vs 

P5, support the proposition that the relative permeability functions could serve to enhance or 

retard the mobility of non-wetting fluid through the aperture. This is irrespective of the presence 

or absence of capillary forces in the pathway. Although pathways modelled by the intrinsic 

permeability value alone promote the development of a multi-layer plume, the inclusion of the 

relative permeability curve for a less compact lithology improves the mobility of gas through the 

aperture. This serves to increase the quantity of CO2 in each overlying layer and shows that the 

relative permeability function of the pathway in the thin argillite layers, especially the first 

argillaceous layer, is fundamental to fluid flow through the reservoir. This is highlighted in Figure 

6.8 where cases P0 and P3, modelled with the same effective permeability for pathway flow, show 

the ease of gravity drainage from RS1 into overlying reservoir zones: RS2, RS3 and RS8.  

The sensitivity of pathway flow to capillary forces and relative permeability is emphasised in 

Figure 6.7c. In this illustration for cases P4 and P5, the mudstones act as impermeable barriers 

that lead to the accumulation of a single layer of CO2 beneath the first mudstone (MS1) in the 

reservoir formation. The presence of pathway flow in P4, modelled via Pc – kr – Sw functions of 

the reservoir sand where the capillary entry pressure is 1.72 KPa, allows the buoyant migration 

of CO2 through the first mudstone layer (MS1) into the overlying sand layer, unlike case P5 (see 

Figure 6.8b). This identifies two main hypotheses:  

i) The capillary forces acting in a porous media can significantly impede the rate of CO2 

migration through it; and 

ii) At an intrinsic permeability value of 0.001 mD and a capillary entry pressure of 1.72 

MPa, the relative permeability distribution along a 1 m thick laterally extensive argillite 

layer becomes an important feature for assessing fluid migration through the flow 

barrier. 

In the absence of capillary forces, as seen in cases P2 and P3, the pathway flow becomes a 

function of the effective permeability of the aperture. Figure 6.8d further illustrates the relevance 

of relative permeability functions in the transport properties of the aperture when comparing cases 

P2 and P3. The sandstone kr – Sw curves modelled into the vertically aligned pathways in case 

P3 resulted in the increase of CO2 volume flow to the top of the reservoir i.e. RS8. 
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Figure 6.7: Comparison of CO2 plume distribution at the end of simulation for cases a) P0 & P1, 
b) P2 & P3, and c) P4 & P5. 
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Figure 6.8: Volume of CO2 in place in reservoir zones a) 1, b) 2, c) 3 and d) 8 at the end of 
simulation. NB: Red circles in 6.8c & d depict zero CO2 accumulation in the respective case. 
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6.2.1.2 Capillary flow analysis 

In this section, CO2 migration through the intra-sand mudstones is assumed to occur by capillary-

limit flow. The permeability and capillary entry pressure of the intra-sand mudstones play a key 

role in moderating the rate of upward migration of CO2 through the reservoir. These properties 

are adjusted so that the flow simulation matches the arrival of CO2 at the top of the reservoir in 

the third year of injection, as detected by the time-lapse seismic monitoring programme at 

Sleipner site (Chadwick et al. 2005). The assumed permeability of the mudstones for this analysis 

was empirically derived under viscosity-dominated Darcy flow where the mudstone layers are 

modelled without Pc – Sw functions, i.e. the absence of capillary forces. The resulting permeability 

value of 30 mD employed in the sensitivity analysis of Darcy flow physics is based on the 

observation of plume migration to the top unit of the reservoir (RS8) in the third year of CO2 

injection (Figure 6.9). 

 
Figure 6.9: Multi-layered CO2 plume migration for viscosity-dominated flow through reservoir 
argillite units with varying permeabilities. NB: PERMZ = PERMX x 0.1  

It is worth noting that the plume morphology at the Sleipner site indicates that column heights of 

trapped CO2 plume are low and a capillary entry pressure of 1.72 MPa may not be applicable to 

the Utsira mudstones (Cavanagh and Haszeldine 2014). To this end, a capillary entry pressure 

value three orders of magnitude less than 1.72 MPa was used for the thin argillite layers. This 

value was chosen by iteration to match the arrival time of CO2 at the top of a reservoir formation 

in the third year of CO2 injection, when the interbedded mudstones are assigned a permeability 

of 30 mD. Figure 6.10 supports the hypothesis that the buoyant movement of the non-wetting 
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phase is strongly influenced by the capillary forces in the intra-sand mudstone units. In instances 

where the Pc of the CO2 plume exceeds the mudstone entry pressure, the plume breaches the 

mudstone layer and migrates vertically until another capillary barrier is reached. The essential 

feature is that the total driving force for invading fluid flow is just about adequate to overcome the 

semi-permeable mudstone resistance afforded by a capillary entry pressure of 1.72 KPa. 

Cavanagh and Haszeldine (2014) attribute the possibility of such uncharacteristically low 

threshold pressures to the occurrence of micron-thick fractures in the mudstones. The Darcy flow 

model in Figure 6.10d portrays the pattern of pooling, breaching and vertical migration of CO2, 

which matches the observed plume distribution in Sleipner. This model is identified as the base 

case, designated as S0, for an analysis on the sensitivity of buoyant plume migration to Pc – kr – 

Sw functions in the thin mudstones. Other sensitivity cases are defined in Table 6.2, while Figure 

6.11 illustrates the descriptive Pc – kr – Sw curves applied herein. 

 
Figure 6.10: Buoyant migration of scCO2 through intra-sand mudstone units modelled with 
capillary entry pressure of a) 1720 KPa, b) 172 KPa, c) 17.2 KPa and d) 1.72 KPa 

 

Figure 6.11: Pc – kr – Sw relationship for the various argillaceous units 
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CASE ID Description of intra-sand argillite layers M1 – M6 

S0 All Sandy Siltstone  

S1 All Siltstone 

S2 All Mudstone 

S3 

According to plume thickness in the 2001 Sleipner data set (Figure 6.2b) under 

the following assumptions: M1 = Sandy Siltstone, M2 = Siltstone, M3 = 

Mudstone, M4 = Sandy Siltstone, M5 = Sandy Claystone, and M6 = Siltstone. 

Table 6.2: Description of sensitivity cases modelled for capillary-dominated Darcy flow analysis. 
NB: Pc – kr – Sw description for M7 is equivalent to the ‘sandy siltstone’ for all cases modelled. 

As CO2 injection proceeds, the gas propagates under gravity along the horizontal semi-permeable 

argillaceous layers. Results of a 20-year injection period show that the volume of CO2 plume 

pooling beneath the capillary barrier is essentially dependent on the transport properties of the 

semi-permeable strata above it (Figure 6.12). Sandy siltstone, which provides the least resistance 

to buoyant CO2 migration, results in a higher degree of gas percolation through the sand enriched 

argillite, as opposed to the siltstone and mudstone. This is evident in the plume saturation profile 

in RS1 and RS2, i.e. Figure 6.12 a & b, where the thin argillite layers in cases S0, S1 and S2 are 

modelled as sandy siltstone, siltstone and mudstone, respectively, using the transport properties 

curve map in Figure 6.11. With a constant injection rate and an equivalent volume of CO2 injected 

in all three cases, the loss of CO2 plume in RS1 results in a higher concentration of mass at the 

front end of plume evolution in RS2. This gives a greater chance for the gravity current to advance 

through the overlying argillite layers. However, the likelihood of such occurrence is entirely 

dependent on the magnitude of capillary force in the overlying argillite layer that counteracts the 

buoyant force in the migrating plume. Such equilibrium between the capillary force and the 

buoyant force is described by the Young-Laplace equation (Hobson 1954). This equation relates 

the gravitational column height of buoyant fluid to the capillarity of the porous media using the 

expression below: 

∆𝜌𝑔ℎ =
2𝜎 𝑐𝑜𝑠 𝜃

𝑅
      (6.1) 

where Δρgh is quantified as the buoyancy force counteracted by the capillary force, Pc. Δρ is 

described as the density contrast between the wetting and non-wetting fluid, g is the gravitational 

constant, h is the column height of buoyant plume, σ is the interfacial tension between the fluid 

phases, ϴ is the wetting angle, and R is the pore throat radius.  

As injection proceeds in cases S0, S1 and S2, pathways emerge for CO2 percolation through the 

thin argillite layers. These pathways are a function of CO2 breakthrough pressure and the column 

height of plume beneath each argillaceous layer. At a constant CO2 pressure in the reservoir, the 

CO2 breakthrough pressure for each argillaceous unit varies according the resistant force acting 

within the argillite layer. The mass of gravity current that then advances through each argillaceous 

unit is attributed to the column height of plume beneath that argillite layer. Hence, the case 

modelled with the least resistant force in each argillaceous unit, i.e. S0, show preferential 

migration of the plume to the top of the formation, i.e. RS8 (Figure 6.12g). This is due to the 

greater magnitude of buoyant force acting, with respect to the resistant force, at the top of each 
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underlying reservoir unit, in contrast to cases S1 and S2. Case S3 elaborates on this theory where 

the volume profile of CO2 plume that migrates through the first argillite (MS1) is akin to that of 

case S0 (Figure 6.12a). This is because the capillary forces acting within MS1 is the same in both 

cases.  

 

Figure 6.12: Profile of CO2 emplaced during the injection period in a) RS1, b) RS2, as well as 
the volume of CO2 emplaced at the end of injection in c) RS3, d) RS4, e) RS5, f) RS6, g) RS7, 
and h) RS8  
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As the buoyant plume migrates through MS2, a divergence in the volume profile for cases S0 and 

S3 in RS2 is evident and sets in due to the greater ease of CO2 percolation to the overlying sand 

unit in the former (Figure 6.12b). Eventually, the varying capillary forces acting within the overlying 

argillite layers in case S3, which create a higher resistance to buoyant plume migration than the 

ones in case S0, results in shorter vertical migration through the reservoir formation (Figure 

6.12g). This shows that the number of layered CO2 plumes resulting from horizontally persistent 

thin argillite units in a homogeneous sandstone is highly dependent on the capillary force acting 

within each unit. 

The main feature captured by the modelled cases is the impact of the relative permeability and 

capillary pressure curves on the buoyant drainage of CO2 through the thin argillite layers. The 

introduction of variance in capillary pressure curves at the same capillary entry pressure gives 

rise to local scale capillary forces that may lead to partially saturated currents of CO2 in the pore 

matrix of the argillaceous layer. Likewise, varying the relative permeability curves also affects the 

effective permeability of the intra-sand argillite layers. Thus, the rate of plume advancement is 

dependent, not just on the capillary entry pressure, but also on the correlated structure of the rock 

fabric’s local capillary curve and the relative permeability to the invading fluid. 

6.2.2 Second Case Study 

Judging from the plume migration trend at Sleipner, where CO2 plume reaches the top layer by 

the third year of the CO2 injection and steadily increases through the ensuing years of injection 

(see Figure 6.3), it seems most of the injected CO2 will accumulate at the top layer in the longer 

term. Hence, the sensitivity of the topmost accumulation to high permeability channels or thief 

zones within the sand wedge should prove to be a pointer for the longer-term behaviour of the 

plume. This is done using the benchmark model constructed for Sleipner’s uppermost sand 

wedge, commonly referred to as the Sleipner Layer 9 Benchmark Model (Figure 6.13). Singh et 

al. (2010) defined input parameters derived from best estimates to provide an accurate rock and 

fluid property dataset for the model, including the anticipated injection rate in the sand wedge that 

replicates the volume profile of CO2 within it. Refer to Appendix A of Singh et al. (2010) for the 

benchmark model assumptions and input parameters.   

 
Figure 6.13: Sleipner Layer 9 Benchmark Model showing estimated horizontal permeability.  
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This study employs relative permeability functions to describe thief zones within the sand wedge. 

It differs from Williams and Chadwick’s (2017) approach which uses absolute permeability to 

describe the thief zones. The base case for the sensitivity study in this section uses the laboratory-

measured kr – Sw curve obtained from Singh et al. (2010). This is fitted to the vG-MC model using 

a pore geometry value [m] of 0.95, a brine relative permeability end-point of 0.54, a CO2 relative 

permeability end-point of 0.75, a critical and connate brine saturation of 0.386 and 0.11, 

respectively, and a critical and connate CO2 saturation of 0.02 and 0.0, respectively. The average 

permeability and porosity of the sand wedge sand are assumed to be 2000 mD and 0.36, 

respectively, with a permeability anisotropy of 0.1. The Sleipner Layer 9 Benchmark Model has a 

grid resolution of 50 m in the XY direction and 1 m in the Z direction (Singh et al. 2010). 

Cases for analysing the influence of channelling in the top sand wedge on the CO2 plume 

migration through the effects of relative permeability heterogeneity are defined in Table 6.3. 

Different relative permeability curves are computed using varying pore geometry values in Table 

6.3 while keeping the end-point of relative permeability to the immiscible fluids and their saturation 

values constant. Laboratory-measured Pc data for Utsira Sand (Williams et al. 2018) is used and 

held constant for all the sensitivity cases. ECLIPSE 100 ‘black oil simulator’ is used to simulate 

CO2 injection in the Benchmark model for 11 years to replicate the distribution of CO2 in the upper 

layer from 1999 to 2009 using Singh et al.’s (2010) injection rate assumptions. Figure 6.14 shows 

the capillary pressure and injection profile used in the study, as well as the regions for channelling 

in the benchmark model. The northerly and southerly channels are modelled into the top half of 

the reservoir column to accommodate CO2 gravity currents that are expected to spread radially 

from the injection point. This is because a common feature of Darcy flow simulations for CO2 

injection in a homogeneous saline formation is the predictable coning of CO2 plume away from 

the injection location (Cavanagh and Nazarian 2014). 

Case ID Description of ‘thief zones’ 

C0 Base case where m = 0.95 

C1 m = 0.96 

C2 m = 0.97 

C3 m = 0.98 

C4 m = 0.99 

C5 m = 0.91 

C6 m = 0.85 

C7 m = 0.81 

C8 m = 0.75 

C9 m = 0.71 

C10 m = 0.65 

Table 6.3: Description of cases that investigate the sensitivity of temporal evolution of CO2 in the 
topmost layer to relative permeability functions in the high permeability channels.  
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Figure 6.14: Illustration of the a) capillary pressure curve for Utsira Sand, b) the injection profile, 
and c) the regions for channelling in the Sleipner Layer 9 Benchmark Model. 

6.2.2.1 Pressure-driven analysis 

Figure 6.15 illustrates the CO2-water contact observed in the top layer of the sand wedge at the 

end of the simulation run. None of the simulation outcome displayed the observed morphology of 

CO2 plume at the top of the sand wedge in the seismic data set (Figure 6.15). Cavanagh (2013) 

has shown that a long period for pressure compensation post CO2 injection would allow black oil 

simulation to attain equilibrium, thus improving the plume distribution when calibrating flow 

simulations to the time-lapse seismic observations. Regardless, the history matching of the plume 

morphology in the sand wedge is not within the scope of this study. 
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Figure 6.15: CO2 plume morphology in the top layer of the sand wedge at the end of simulation 

At first glance, Figure 6.15 showed identical morphology in the northerly and southerly plume 

extensions for all cases. However, on closer inspection of the grid blocks (at an expanded scale 

of 500%) the comparable area of plume extension only applied to the following cases: C0, C1, 

C2, C3, & C4; C5 & C6; C7 & C8; and C9 & C10. This could be attributed to the values of m for 

the cases in each grouping, where m becomes equivalent when it is rounded up to one decimal 

place (see Table 6.3). As a result, the effect of the relative permeability curve on fluid flow is 

negligible. Building on this narrative, cases C0, C6, C8 and C10 were selected as representative 

cases for each grouping to further examine the plume extension in the northerly and southerly 

channels (Figure 6.16). Recall that the simulation resolution of each grid block is 50 x 50 x 1 m. 
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Figure 6.16: CO2 plume morphology in the top layer of the sand wedge for the representative 

cases. NB: The white circles on C6, C8 and C10 are used to highlight the regions of plume 

shortening in comparison to the base case, C0. 

In Figure 6.16, Case C0 was found to show the largest plume extension while C10 showed the 

least. This is readily attributed to the value of m, where higher values would portray a higher 

relative permeability to CO2. The volume of CO2 that migrates to the northerly and southerly 

channels was quantified and illustrated in Figure 6.17 for the four cases: C0, C6, C8, and C10. At 

the end of CO2 injection, the mass of CO2 in the both the norther region [NR] and the souther 

region [SR] was largest for C0 and followed a downward trend for case C6 through to C10. This 

would suggest that the chanelling of gravity currents at the top of the reservoir is sensitive to 

relative permeability functions, however insignificant it may seem. The inclusion of heterogeneity 
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in the capillary pressure functions could further highlight the sensitivity at this scale. These 

functions have already been shown to be essential in assessing the rate of CO2 leakage seepage 

in pathway flow (Section 6.2.1.1). 

 

Figure 6.17: a) The description of the regions in the top layer of the sand wedge where the volume 

profile of CO2 is assesed for b) the northern region, NR and c) the southern region, SR, during 

the simulation period. 

Reflecting on ‘channelling investigations’ by Williams and Chadwick (2017) and Cowton et al. 

(2018), a better calibration of the migration rate at the northern ridge in Darcy flow simulators 

could be afforded by introducing heterogeneity in capillary pressure and relative permeability 

functions incorporated in the top sand wedge. It is common that grid resolution limitations may 

reduce sensitivity to relative permeability functions and capillary forces in numerical models due 

to numerical errors. As illustrated by Nilsen et al. (2011:3807), “the large size of coarse grid results 

in a large difference between the average of the non-linear relative permeability functions and the 

relative permeability functions evaluated in the average saturation”. Refining the simulation grid 

will help to diminish numerical errors due to poor discretisation. Hence, high-resolution models 

can be used to easily capture the effects of such functions and support a Darcy-based modelling 

approach. A downside to using high-resolution models, however, is the computational efficiency 

of forward modelling within reasonable time scales using full flow physics. This has resulted in 

the use of less complex simulators and/or analytical methods that adopt a vertically averaged 

formulation of the governing equations of multiphase flow (e.g. Gasda et al. 2009, Doster et al. 
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2013, Nilsen et al. 2017, and Cowton et al. 2018). This usually entails modelling the gravity current 

in its simplest form based on the Vertical Equilibrium (VE) pseudo functions introduced by Coats 

et al. (1971). The VE concept assumes gravity forces alone are the driving forces towards 

equilibrated (segregated) vertical fluid distributions. This implies that the phase hydrostatic 

potential is independent of depth within a cell and relative permeabilities are calculated using 

segregated saturation functions in the vertical dimension (Schlumberger 2017). This may seem 

ideal for simulation studies in the Utsira ‘sand wedge’ since predictions suggest that the plume 

migration could be primarily buoyancy-driven and not pressure-driven (Singh et al. 2010, 

Cavanagh 2013). With migration proceeding further away from the injection area, the CO2 plume 

becomes thinner, making numerical errors due to poor vertical discretisation more important 

(Nilsen et al. 2011). Under the assumption that fluid flow predominates in the horizontal direction, 

VE models utilise the large aspect ratio of CO2 gravity current to reduce the complexity of flow 

simulations in 3D and increase computational efficiency (Cowton et al. 2018).  

6.2.2.2 Gravity-segregated analysis 

The gravity-segregated flow can be modelled in ECLIPSE using the VE option, where the degree 

of fluid segregation is specified using mixing parameters ‘VEFRAC’ and VEFRACP’ for the relative 

permeability and capillary pressure, respectively (Schlumberger 2017). Using the VE option, 

simulation outcome for the sensitivity cases described in Table 6.3, where relative permeability 

variations are specified for the rock fabric in high permeability channels, showed no difference to 

the plume contact area when total fluid segregation is assumed. This is because when VEFRAC 

equals unity, the simulation disregards the relative permeability curves specified for the rock fabric 

in high permeability channels and only uses the VE relative permeability curves in the run. 

However, the VE option allows for an increase in mobility as both phases become relatively mobile 

in low saturations. The resulting spread in horizontal current becomes a function of the degree of 

fluid segregation assumed. The higher the degree of fluid segregation, the faster the spread in 

horizontal current along the topography of the capillary barrier (Figure 6.18). Figure 6.19 shows 

the outline of gas flow in a three-dimensional space where the largest plume contact area is 

discernible for the assumption of total fluid segregation. Even though the CO2-water contact in 

the VE models do not match Sleipner’s time-lapse seismic data, they illustrate better northerly 

and southerly plume distribution than the full Darcy flow physics simulated herein (Figure 6.20).  

The plume distribution trend seen in Figure 6.20 argues for the value of VE models when 

calibrating petrophysical properties to history-match the plume spread in Utsira’s top sand unit. In 

the context of sensitivity to relative permeability curves, an assumption of partial fluid segregation 

when using the VE option in ECLIPSE affords the modelling of CO2 plume sensitivity to rock 

curves in the simulation. More importantly, high-resolution modelling using the VE option is 

computationally efficient. To quote Singh et al. (2010:10), “as long as high resolution models 

which include gravity segregation are used, good matches to field observations can be obtained 

using conventional black-oil simulators”. 
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Figure 6.18: Gravity current in a cross section of the numerical domain for a VE model with a 
mixing fraction of a) 0.0, b) 0.5 and c) 1.0 at the end of CO2 injection 
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Figure 6.19: Schematic of saturated gas at the end of simulation in the three-dimensional space 
for the Vertical Equilibrium Mixing Fraction (VEMF) of 0.0, 0.5 and 1.0 with colour code for 
superimposed models illustrated as yellow, blue and red, respectively. Black disc indicates the 
injection point.  

 

Figure 6.20: Results of flow simulation in the benchmark model for coarse and fine grids in E100 
and VE models  
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6.3 Summary and conclusion 

The first investigative study in this chapter presented an axisymmetric geometry for a fixed-

volume release of supercritical CO2 into a saline formation with intra-sand mudstone baffles in 

cases that describe drainage of the fluid through: 

i) Viscous-limit pathways in the interbedded mudstone layers, and 

ii) Capillary-limit percolation in semi-permeable mudstone layers. 

The models developed were simplified but provided valuable insight into the effects of relative 

permeability and capillary functions on the propagation of gravity-dominated displacement flow in 

porous rocks. The flow modelling approach presented here suggest that the semi-permeable thin 

argillite layers have an atypically low capillary entry pressure of 1.72 KPa that enables the rapid 

vertical migration of CO2 from the base to the top of the reservoir formation. The possibility of 

such low threshold pressures has been attributed to the occurrence of micron-fractures in the 

argillite layer, probably induced, prior to CO2 injection, by transient fluid overpressure during rapid 

deglaciation at Sleipner (Cavanagh and Haszeldine 2014). The local capillary forces and relative 

permeability to the invading fluid were found to play a key role in moderating the rate of buoyant 

migration through the reservoir, including buoyant migration through pathways in laterally 

extensive mudstone layers. Results show that capillary forces within semi-permeable barriers in 

a storage formation regulates the degree of CO2 mass that breaches the capillary barriers, while 

the rate of leakage in the gravity current passing through the barrier is a function of its relative 

permeability to the invading fluid.. 

The second investigation considered the sensitivity of plume extension to relative permeability 

functions in flow channels within the top sand unit of Utsira Formation. This assumed visco-

capillary Darcy flow as the dominant process in modelling the distribution of CO2 in the Sleipner 

benchmark model. Simulation outcome was found to vary from the observed CO2-water contact 

in the seismic data. The poor performance of Darcy flow physics to simulate seismically-observed 

fluxes at the Utsira Formation, e.g. Chadwick et al. (2006), Hermanrud et al. (2009), Singh et al. 

(2010) and Cavanagh (2013), has been attributed to the underlying governing equation of Darcy’s 

law which requires pressure gradient-driven viscous flow in permeable media. Nevertheless, 

Cavanagh (2013) observed that a pressure-compensated modelling approach improves the 

performance of Darcy flow models in matching the observed distribution of CO2 at Sleipner. Most 

importantly, incorporating detailed depositional heterogeneity of the top sand wedge into Darcy 

flow models have resulted in a closer history match in CO2 plume distribution (Williams and 

Chadwick 2017). However, including heterogeneity in relative permeability and capillary functions 

when modelling depositional heterogeneity is easily overlooked in the simulation of CO2 geo-

sequestration. Although the sensitivity of the CO2 plume morphology, particularly within the 

channels in the top sand wedge, to relative permeability functions seemed insignificant in this 

study, including relative permeability heterogeneity in simulation studies, where and when 

applicable, should not be ignored. This is because the introduction of relative permeability 

variations opens up the possibility of investigating uncertainties in model space by facilitating a 

Darcy modelling approach. 
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Chapter

 7 
Summary, Conclusions and Recommendations 

7.1 Overview of the research 

In characterising reservoir units, reservoir engineers consider rock and fluid properties that can 

help predict fluid behaviour (Tiab and Donaldson 2015) and this requires using all available 

sources of reservoir data, including the capillary pressure and relative permeability functions. In 

this thesis, a numerical simulator based on traditional multi-phase Darcy-flow physics was used 

for the forward modelling of two-phase flow in CO2–brine–rock systems. This was done in order 

to investigate the effect of sedimentary heterogeneities at the grain scale on CO2 

geosequestration at the field scale. The main focus was on CO2/brine transport processes in 

siliciclastic formations using the descriptive functions of the multiphase flow parameters i.e. 

relative permeability (kr) and capillary pressure (Pc) curves. A number of investigative studies 

were conducted in a bid to understand the effect of multi-phase fluid flow on CO2 sorage and 

security. The main aim was to examine the impact of the exclusion of heterogeneities in Pc and 

kr on the predictive analysis of CO2 geosequestration. This is because heterogeneity in Pc and kr 

are routinely neglected in reservoir simulations of CO2 storage, mainly because the experimental 

methods for determining these functions are quite tedious and time consuming. Regardless, 

empirical models such as the Brooks-Corey (BC) and the van Genuchten (vG) models allows the 

implemention of these functions in multi-phase physics simulators employed for CO2 storage. 

In the first instance, an empirical parametrisation scheme that describes the capilllary presure – 

relative permeability – wetting saturation (Pc – kr – Sw) relationship, when computed using the van 

Genuchten (vG) model, was proposed for clastic rocks. The Pc – kr – Sw relationship was duly 

implemented in the vG model through statistical data on the pore gemetry index (PGI) for various 

clastic sediments and a description of the capilllary entry pressure (Pe) in the empirical model 

(see Chapter 3). Using numerical simulation of CO2 storage in saline aquifers, the study identified 

the pore geometry index as a very crucial parameter in the predictive analysis of CO2 storage 

performance. The parameterisation scheme was then used as a formative tool for describing Pc 

and kr heterogeneities that could arise from sedimentary structures in clastic reservoir formations 

and their subsequent impact on CO2/brine transport processes in a porous medium. 

Chapter 4 analysed the impact of gradation in the reservoir as well as a gradational contact at the 

reservoir-seal interface on CO2 storage and security. The chapter highlighted the importance of 

enhancing the geological detail in such sedimentary structure, especially through Pc and kr 

functions, in reservoir-specific models. The presence of gradation at the reservoir-seal contact 

affected the CO2 storage performance during the predictive analysis. Clast-size gradation from 
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coarse- to fine-grained sediments was found to improve the capillary trapping of injected CO2 and 

increase the dissolution of the gas in brine. For open-boundary aquifers, the lateral continuity of 

such sedimentary structures could improve field-scale CO2 storage security while also diminishing 

the caprock integrity around the injection well(s). This was noted as an interesting contradiction 

on the impact of a gradational contact at the reservoir-seal interface on the structural trapping 

integrity of the caprock, thus emphasising the importance of including such geological detail in 

the dynamic properties during numerical simualtion. The chapter also considered the sensitivity 

of CO2 injectivity and storage capacity to factors such as tightly cemented flow barriers within the 

reservoir formation. While coarser sediments favoured reservoir injectivity, the presence of a 

laterally continous cemented sand mitigated the vertical propagation of pore pressure. This 

resulted in a ‘pressure box’ beneath the cemented layer where pore pressure rapidy increased 

until its curtailment by the maximum allowable bottom hole pressure, through reduction in the CO2 

injection rate. Results showed that relative permeability assumptions have a significant impact on 

pore pressure evolution within the reservoir as well as the quantity of CO2 that can be injected in 

the store before the fracture constraint is reached. 

Using the Mercia Mudstone as a case study, Chapter 5 examined the effect of a clast-size 

transition zone in the caprock’s base on pore pressure propagation within the seal. The pressure-

driven volume flow has been considered as a very efficient transport mechanism for in situ fluid 

flow through mudrocks (Amann-Hildenbrand et al. 2015), and once gas flow is initiated in the 

porous media its mobility is then determined by the permeability of the formation and the Pc – kr – 

Sw relationship (Marschall et al. 2005). Rutqvist and Tsang (2002) have already showed that 

hydromechanical changes in the caprock occur in the basal unit, especially near the injection well 

(i.e. the critical zone). In this study, an additional stress change resulting from a laterally-

continuous transition zone at the caprock’s base was observed in the critical zone of the seal. In 

subsequent geomechanical analysis, such detail in stress change would need to be accounted 

for to ascertain the structural integrity of sealing formations during CO2 injection. The study 

confirmed the influence of the Pc – kr – Sw relationship on pressure distribution in the caprock 

during CO2 injection. This reinforces the argument for the adequate representation of small-scale 

heterogeneities in large-scale forward modelling of CO2 storage.  

Finally, Chapter 6 documented a Darcy flow modelling approach to investigate aspects of CO2 

drainage in a sandstone formation with interbedded mudstones, using the Utsira Formation from 

Sleipner as a case study. The numerical simulations considered the sensitivity of the migrating 

CO2 plume to relative permeability and capillary pressure functions. This was done without 

attempting a history-match of the observed CO2/brine contact in Sleipner’s time-lapse seismic 

dataset. Contrary to prior observations by Singh et al. (2010) and Zhu et al. (2015) on the lack of 

plume sensitivity to relative permeability within the Utsira Formation, results in this study showed 

plume-migration sensitivity to kr functions within sedimentary structures such as fluid-flow 

pathways and high-permeability channels. For history matching exercises at the Sleipner storage 

site using Darcy-flow simulators, improved calibration of the migration rate at the northerly ridge 
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can be afforded by modelling relative permeability and capillary presssure heterogeneities that 

arise form high permeability channels. Higher-resolution numerical models can then be used to 

easily capture the sensitivity of plume migration to the variability in kr and Pc curves. The 

investigations herein showed that the introduction of kr and Pc heterogeneities in forward 

modelling exercises increases the efficiency of a Darcy modelling approach when investigating 

uncertainties using a representative elementary volume (REV).  

7.2 Research contributions 

One of the practical contributions of this research is the detailed insight provided by the three 

case studies. The case studies reveal that heterogeneity in relative permeability and capillary 

pressure functions should be linked to performance forecasting of CO2 sequestration. This implies 

that for effective implementation of computational simulation to assess CO2 storage performance, 

emphasis should be placed on understanding the impact of variability in capillary pressure and 

relative permeability curves within a representative elementary volume (REV). Another practical 

contribution is the framework for computing different capillary pressure and relative permeability 

curves, with respect to clastic formations, in order to gain an understanding of the interplay 

between capillary forces and viscous forces during continuum-scale numerical simulations. This 

will help to increase accuracy in the description of heterogeneity during numerical simulations 

and, hopefully, the subsequent analysis on multi-phase fluid flow and transport in porous media. 

To date, and within available literature, no conceptual description/development of a model that 

describes multiphase flow-parameter heterogeneity in sedimentary rocks has been suggested for 

numerical analysis of multiphase fluid flow and transport processes. The results in this thesis 

indicate that the characterisation of the storage dynamic behaviour and risk assessment can be 

improved by consideration of multiphase flow-parameter heterogeneity. Since the degree of 

reservoir heterogeneity is the most important factor affecting fluid flow behavior in the reservoir, 

the parameterisation scheme can guide reservoir engineers to effectively assign capillary 

pressure and relative permeability heterogeneities in forward modelling exercises. This is 

because numerical models that disregard the sensitivity of geological detail to multi-phase fluid 

transport processes will fail to sufficiently account for CO2 storage performance. To this end, the 

parameterisation scheme can be used as a practical tool for reservoir simulation studies. This 

has the potential to improve the reliable prediction of CO2 storage performance and associated 

processes concerned with subsurface extraction from, and/or disposal in, porous media e.g. 

nuclear waste disposal, geothermal energy, hydrocarbon production and groundwater extraction. 

In the sparse availability of detailed laboratory data for kr and Pc, implementing the 

parametrisation scheme proposed for siliciclastic formations in predictive modelling workflows 

should improve the assessment of any potential storage complex with significant sedimentary 

structures. As field development proceeds and a wide range of laboratory data become available, 

this approach to relative permeability generation could also enable the rapid incorporation of these 

data into a field wide model.  
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7.3 Recommendations for future work 

The application of mathematical models in subsurface engineering has aided in the understanding 

of complex geological systems, such as reservoir geometry and associated spatial heterogeneity. 

Fine-scale heterogeneities in the subsurface formation have been shown to be capable of 

significantly affecting CO2 migration at the large-scale. It is essential to be able to anticipate and 

predict their effects during the forward modelling of CO2/brine transport processes. However, little 

experimental data are currently available on scCO2-brine flow characteristics in deep saline 

aquifers. This is mainly due to the fact that constitutive capillary and relative permeability functions 

are highly site specific and experimental validation is time consuming. Consequently, predictive 

reservoir models will continue to depend upon empirical models to characterise Pc – kr – Sw 

relationships, and hence the need for improved parameterisation of the empirical model. To this 

end, the parameterisation scheme proposed in Chapter 3 can be implemented to describe the 

hydraulic behaviour of sandstone and mudstone when using either the Brooks-Corey or van 

Genuchten model.  

Future works should focus on laboratory studies to validate the curves implemented in this study. 

This should entail an appropriate documentation of the petrography data during the experimental 

measurement of capillary pressure and relative permeability of a clastic rock sample. Pending the 

availability of a collective pool of experimental data that will give precision to the boundaries of 

pore geometry index (PGI) for various clastic rocks, utilising state-of-the-art three-dimensional 

(3D) printing and computational techniques to validate and refine this multiphase flow-parameter 

model should be considered. This could be possible through X-Ray Computed Tomography (CT) 

visualisation followed by the digital reconstruction of core samples, then subsequent non-

destructive laboratory measurement of multiphase fluid flow parameters in the artificial (3D 

printed) porous media, as well as numerical modelling and simulations of multiphase flow physics 

in the pore-, core-, and field-scale. In the longer term, a validated and refined multiphase flow-

parameter model can be incorporated into simulation tools where fluid and transport in porous 

media are the key processes. This will enable the efficient computation of sedimentary 

heterogeneities in field-scale analysis and such high-quality software will be an invaluable 

platform to interact with the end users. 

This thesis acknowledges that the numerical analysis on the effect of small-scale heterogeneities 

on large-scale analysis of CO2 storage in porous media conducted herein used simplifying 

assumptions, that: 

a) the variation in the constitutive functions only depend on the average grain size, and 

b) the small-scale heterogeneities in the model space are, in most part, defined by laterally 

continuous sedimentary structures. 

As a result, there is room for further investigation by considering the effects of additional factors 

such as patchy distribution of these heterogeneities, impermeable faults, and leaky well bores on 

changes in hydraulic properties. For instance, faults are important in compartmentalising 

reservoirs and modifying the depositional continuity (Bouvier et al. 1989). The increased 
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knowledge of fault-induced reservoir compartmentalisation and communication can influence how 

primary sedimentary structures define reservoir flow processes (Zulqarnain et al. 2018). Also, 

subsequent diagenetically precipitated materials post particle deposition can form patches of 

cemented sand which constitute flow barriers within the reservoir. This thesis has shown that 

laterally continous cementation not only constitutes barriers to flow but may also form pressure 

seals which can impact on the reservoir injectivity. Hence, detailed sedimentary and petrographic 

analyses, including the fine-scale examination of well data and reservoir-specific models are 

required to adequately predict CO2 storage performance. Further studies should model other 

features like faults with different transmissibility and patchy sedimentary structures in order to 

understand their influence. The development of reservoir depositional models could prove useful 

for studies that anticipate and predict the effects of depositional heterogeneities in site-specific 

analysis.  

Possible alteration of capillary pressure and relative permeability functions in CO2 rich systems 

should also be considered, including the susceptibility of these functions to thermal properties of 

the storage formation and transport processes during CO2 injection (Wang et al. 2019, Tsuji et al. 

2019). Additionally, upscaling of the capillary pressure and relative permeability curves for 

regional-scale studies should also be considered. The coarse models should preserve the most 

important flow characteristics and sub-grid heterogeneity hence appropriate multiscale upscaling 

techniques such as the Pore-Volume-Weighted (PVW) method (Barker and Thibeau 1997), the 

Transmissibility-Potential-Weighted (TPW) method (Darman et al. 1999), and Hewett and Archer 

(1997) stream-tubes approach should be examined. 
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Appendix A 

 

i=1; 

SOF2d =zeros(15,2,200); 

SGFNd =zeros(15,3,200); 

SOF2i =zeros(13,2,200); 

SGFNi =zeros(13,3,200); 

for n=1.01:0.01:3; 

     

%DRAINAGE 

 jd=1; 

  

 for sw=0.3:0.05:1; 

 m=1-1/n; 

 lan=m/(1-m)*(1-0.5^(1/m)); 

 sew=(sw-0.3)/(1-0.3); 

 pc(jd)=0.01622/sew^(1/lan); 

 krw(jd)=sew^0.5*(1-(1-

sew^(1/m))^m)^2; 

 krg(jd)=0.623*(1-sew)^2*(1-sew^2); 

 sw(jd)=sw; 

      

 SOF2d (jd,1,i)=sw(jd); 

 SOF2d (jd,2,i)=krw(jd); 

 SGFNd (16-jd,1,i)=1-sw(jd); 

 SGFNd (16-jd,2,i)=krg(jd); 

 SGFNd (16-jd,3,i)=pc(jd); 

  

 jd=jd+1; 

 

end 

 

%IMBIBITION 

 ji=1; 

  

 for sw=0.3:0.024:0.588; 

 m=1-1/n; 

 lan=m/(1-m)*(1-0.5^(1/m)); 

 sew=(sw-0.3)/(0.588-0.3); 

 pc(ji)=0.01622/sew^(1/lan); 

 krw(ji)=sew^0.5*(1-(1-

sew^(1/m))^m)^2; 

 krg(ji)=0.623*(1-sew)^2*(1-sew^2); 

 sw(ji)=sw; 

     

 SOF2i (ji,1,i)=sw(ji); 

 SOF2i (ji,2,i)=krw(ji); 

 SGFNi (14-ji,1,i)=1-sw(ji); 

 SGFNi (14-ji,2,i)=krg(ji); 

 SGFNi (14-ji,3,i)=pc(ji); 

  

 ji=ji+1; 

 

end 

%% …CONTINUATION 

%% print_file 

cd file_location; 

fid=fopen('kr.inc','w'); 

     

fprintf(fid,'SGFN \n'); 

 

SGFNd_T=transpose(SGFNd(:,:,i)); 

fprintf(fid,'%f %f %f\r\n',SGFNd_T); 

fprintf(fid,'\n/'); 

fprintf(fid,'\n'); 

 

SGFNi_T=transpose(SGFNi(:,:,i)); 

fprintf(fid,'%f %f %f\r\n',SGFNi_T); 

fprintf(fid,'\n/'); 

fprintf(fid,'\n');     

fprintf(fid,'SOF2 \n'); 

 

SOFTd_T=transpose(SOF2d(:,:,i)); 

fprintf(fid,'%f %f\r\n',SOFTd_T); 

fprintf(fid,'\n/'); 

fprintf(fid,'\n'); 

SOFTi_T=transpose(SOF2i(:,:,i)); 

fprintf(fid,'%f %f\r\n',SOFTi_T); 

fprintf(fid,'\n/'); 

fclose(fid); 

     

%% RUN 

nn=num2str(n);     

foldername=['n_' nn '.data']; 

mkdir(foldername) 

copyfile('BASE.data',foldername) 

copyfile('MULTPV.inc',foldername) 

copyfile('PROPS_FLUID.INC',foldername) 

copyfile('summary.inc',foldername) 

copyfile('TRANX.inc',foldername) 

copyfile('TRANZ.inc',foldername) 

copyfile('kr.inc',foldername) 

copyfile('$eclipse.bat',foldername) 

cd(['./' foldername]) 

movefile('BASE.data',foldername) 

input_file=foldername; 

[~, fName, ext] = 

fileparts(input_file); 

aaa=['$eclipse.bat ' fName]; 

system(aaa); 

     

i=i+1; 

 

end 

Algorithm A1: MATLAB-code used to compute Pc – kr – Sw data and initialise reservoir 
simulation in E100 
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Figure A1: Ternary diagram of (a) the recommended conceptual scheme for the nomenclature 

of mixed clastic sediments, and (b) USDA’s soil textural classification. 

 
 




